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ABSTRACT 

The rising threat of climate change is changing the world we live in. Society is facing an 
increase in land and ocean temperatures, more frequent extreme weather events, higher risks of 
droughts, and heavy precipitation events. The participation of greenhouse gases in global 
warming has been scientifically proven. In an effort to limit the increase of global mean surface 
temperature to below 2 ºC and 1.5 ºC if possible, governments have developed ambitious plans 
to decrease their greenhouse gas emissions by decarbonising their economies in the course of 
the Paris Agreement. 

The power industry represents 28% of global 2023 greenhouse gas emissions. Hence, the 
transition towards using zero-emission energy generation technologies is of interest. Electricity 
can be generated carbon-free via nuclear energy and from renewable sources such as solar or 
wind power. Energy demands for heating and cooling, as well as transportation, can be 
decarbonised via electrification. Some industrial applications can be decarbonised via biofuels 
and hydrogen. These applications lead to an increase in final electricity consumption to be 
covered by electricity, which further drives the need to invest in carbon-free electricity generation 
sources.  

Renewable energy sources (RES) are expected to cover the main part of the future electricity 
demand due to a decrease in cost experienced over the last decade. This requires a significant 
rollout of RES generation capacity to substitute existing fossil generation capacities while at the 
same time meeting additional demand from electrification. However, optimal locations for 
renewable energy generation are often found in areas distant from electricity demand centres, 
requiring electricity grids to connect generation and consumption. Geographically dispersed 
renewable generators challenge the paradigm of electricity transmission grids, historically built 
to connect centralised generation sites to demand centres. New electricity transmission assets 
are necessary to guarantee the security of supply in a decarbonised energy system. Those new 
assets require investments as well as time to perform lengthy permitting processes. 

Another part of the energy transition is the increasing participation of distributed energy 
resources (DER). Those resources refer to assets connected to the distribution grid, including 
technologies such as distribution-connected renewable generation (i.e. distributed generation), 
electric vehicles and heat pumps. The growing importance of distributed resources and their 
decentralised character challenge the electricity grid at the transmission as well as at the 
distribution level. They require transmission assets to supply or evacuate their power and 
additional distribution assets due to increased usage of those networks. Furthermore, in 
situations where local generation surpasses demand, reverse power flows towards the 
transmission grid occur, challenging distribution grid infrastructure historically built for one-
directional power flows.  
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The built-out of new electricity infrastructure is often referred to as a potential bottleneck 
for the energy transition. Apart from the beforementioned requirements for new assets and their 
related costs, the permitting process has turned grid expansion into a time-consuming process, 
jeopardising the timely connection of renewable energy resources to the electricity networks. 

This thesis seeks to contribute to the efficient integration of renewable generation into 
electricity transmission and distribution networks. Two research lines are identified in line with 
the challenges described previously. The first research line (Papers 1 to 3) assesses the grids' 
reinforcement requirements for integrating high shares of RES and DER. A methodology for 
evaluating renewable energy-related transmission and distribution network investment costs is 
developed and later applied to determine the impact of different transmission grid characteristics 
on the network costs related to integrating high amounts of renewables. Furthermore, this thesis 
proposes a model to estimate the distribution grid expansion requirements associated with 
integrating distributed energy resources. The research line concludes with a quantification of 
electricity grid reinforcement requirements on the transmission and distribution levels. The 
results show that the economic order of magnitude of grid investment needs is far below the 
investments required for expanding RES capacity. However, the completion of the necessary grid 
assets on time is determined to be a more significant bottleneck than the incurred costs. 

The second research line of the thesis (Papers 4 and 5) is dedicated to increasing the use of 
the existing electricity grids to accelerate the electricity grid integration of new resources. The 
research focuses on flexible connections and the hybridisation of renewable generation 
technologies downstream of the grid connection point. First, several concepts of calculating a 
network node’s capacity to connect new assets, i.e. hosting capacity, are evaluated to quantify 
the potential of relaxing the conservative calculation criteria currently in place. The analysis shows 
that a dynamic definition of electricity grid hosting capacity could unlock over 60% more annual 
energy injection into existing electricity grids. The second part of this research line assesses the 
implications of hosting capacity calculation criteria relaxation and hybridisation of RES 
technologies on investment into renewable generation capacity. The research suggests that the 
alternative hosting capacity concepts allow to significantly increase expected profits obtained 
from an investment into RES capacity. This research line concludes that relaxing hosting capacity 
calculation criteria and hybridising RES generation technologies represent two efficient ways to 
enhance the use of existing electricity networks. 

This thesis contributes to the ongoing research of efficiently integrating renewable and 
distributed energy resources into electricity transmission and distribution grids. The works 
presented in this thesis represent technical and economical contributions to the research field. 
The findings obtained in this thesis are of help to regulators, system operators, and investors alike 
to foster the rapid rollout of renewable electricity generation capacities required for a successful 
decarbonisation of the energy sector. 
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RESUMEN 

Los efectos del cambio climático están transformando el mundo en el que vivimos. La 
sociedad enfrenta un aumento de las temperaturas terrestres y oceánicas, eventos climáticos 
extremos más frecuentes y mayores riesgos de sequías y precipitaciones intensas. La contribución 
de los gases de efecto invernadero emitidos como resultado de la actividad humana al 
calentamiento global ha sido científicamente demostrada. En un esfuerzo por limitar el aumento 
de la temperatura media global por debajo de los 2 ºC y, si es posible, a 1.5 ºC, los gobiernos han 
desarrollado planes ambiciosos para reducir sus emisiones de gases de efecto invernadero 
mediante la descarbonización de sus economías en el marco del Acuerdo de París.  

El sector energético representó el 28% de las emisiones globales de gases de efecto 
invernadero en 2023. Por lo tanto, la transición hacia el uso de tecnologías de generación de 
energía sin emisiones es esencial. La electricidad libre de carbono puede generarse mediante 
energía nuclear y la generación renovable mediante, entre otras, energía solar o eólica. Las 
demandas térmicas para calefacción y refrigeración, y el transporte pueden descarbonizarse 
mediante la electrificación. Asimismo, algunos procesos industriales se pueden descarbonizar 
mediante el uso de biocombustibles o hidrógeno. Estas aplicaciones aumentarán el consumo final 
de electricidad, que deberá ser cubierto por fuentes libres de carbono para evitar un aumento de 
las emisiones, impulsando aún más la necesidad de invertir en generación de electricidad libre de 
emisiones.  

Se espera que las renovables cubran la mayor parte de la demanda energética futura gracias 
a la disminución de costes experimentada en la última década. Esto requerirá la instalación 
masiva de capacidad de generación renovable para sustituir las capacidades fósiles existentes y 
para cubrir la creciente demanda eléctrica debido a la electrificación. Sin embargo, los 
emplazamientos óptimos para esta generación a menudo se encuentran en áreas alejadas de los 
centros de demanda, lo que requiere que las redes eléctricas conecten la generación con los 
centros del consumo. Los generadores renovables geográficamente dispersos alteran el 
paradigma de las redes de transporte, históricamente diseñadas para conectar la generación 
centralizada con los centros de demanda. Es, por tanto, necesario expandir la red de transporte 
para garantizar la seguridad del suministro en un sistema energético descarbonizado. Esto 
requiere inversiones y tiempo para llevar a cabo los prolongados procedimientos de tramitación 
y obtención de los permisos correspondientes. 

Otra consecuencia de la transición energética es el crecimiento de los recursos energéticos 
distribuidos, esto es, nuevos usuarios de la red de distribución que incluyen tecnologías como la 
generación renovable (es decir, generación distribuida), vehículos eléctricos y bombas de calor. 
La creciente relevancia de los recursos distribuidos y su carácter descentralizado suponen un 
desafío tanto a nivel de transporte como de distribución. Por un lado, la red de transporte ha de 
suministrar o evacuar su potencia, y, por otro lado, la red de distribución experimenta un uso más 
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intensivo. Además, en situaciones donde la generación local supera la demanda, pueden 
producirse flujos de energía inversos hacia la red de transporte, creando posibles problemas en 
la operación de unas redes que históricamente se diseñaron para soportar flujos de energía 
unidireccionales.  

A menudo se menciona un desarrollo insuficiente de nueva infraestructura eléctrica como 
un posible cuello de botella para la transición energética. Además de los requisitos mencionados 
para nuevos activos y los costes asociados, la tramitación y obtención de permisos ha convertido 
la expansión de la red en un proceso largo y costoso, poniendo en peligro la conexión en los plazos 
requeridos de la generación renovable y las nuevas demandas a las redes eléctricas.  

Esta tesis busca contribuir al ámbito de la integración eficiente de la generación renovable 
en las redes de transporte y distribución de electricidad. Para ello, se identifican dos líneas de 
investigación complementarias. La primera línea (artículos 1 a 3) tiene como objetivo evaluar las 
necesidades de refuerzo de las redes para integrar altos niveles de penetración de renovables y 
recursos distribuidos. Se desarrolla una metodología para evaluar los costes de las redes de 
transporte y distribución asociados con la integración de la energía renovable, y luego se aplica 
para evaluar el impacto de diferentes características de la red de transporte sobre estos costes. 
Además, se desarrolla un modelo para estimar los costes de la red de distribución causados por 
la integración de recursos energéticos distribuidos. Esta línea de investigación concluye con una 
cuantificación de los requerimientos de refuerzo de las redes de transporte y distribución 
eléctrica. Los resultados obtenidos muestran que el orden de magnitud de los costes de red está 
muy por debajo de la inversión requerida para expandir la capacidad de generación renovable. 
Sin embargo, llevar a cabo estos refuerzos a tiempo es presumiblemente un cuello de botella más 
significativo que la inversión requerida. 

La segunda línea de investigación de esta tesis (artículos 4 y 5) está dedicada a evaluar 
mecanismos para aumentar el uso de las redes eléctricas existentes como un medio para acelerar 
la integración en las redes eléctricas de nuevos recursos. La investigación se centra en conexiones 
flexibles y la hibridación de tecnologías de generación renovable aguas abajo del punto de 
conexión. En primer lugar, se evalúan varios conceptos de cómo calcular la capacidad de un nudo 
de red para conectar capacidad nueva, la llamada capacidad de acceso, para cuantificar el 
potencial de relajar los conservadores criterios de cálculo actualmente vigentes. El análisis 
muestra que una definición dinámica de la capacidad de acceso de la red eléctrica podría 
desbloquear más de un 60% más de inyección de energía anual en las redes eléctricas existentes. 
La segunda parte de esta línea de investigación evalúa las implicaciones de la relajación de los 
criterios de cálculo de la capacidad de acceso y la hibridación de renovables sobre la inversión en 
capacidad de generación renovable. La investigación muestra que los conceptos alternativos de 
capacidad de acceso permiten aumentar significativamente los beneficios esperados de una 
inversión en capacidad renovable. Esta línea de investigación concluye que la relajación de los 
criterios de cálculo de la capacidad de acceso y la hibridación de las tecnologías de generación 
renovables representan dos formas eficientes de mejorar el uso de las redes eléctricas existentes. 

Mediante estos resultados, esta tesis contribuye al actual campo de investigación de la 
integración eficiente de la generación renovable y los recursos energéticos distribuidos en las 
redes de transporte y distribución de electricidad. Los trabajos presentados a lo largo de esta 
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tesis representan aportaciones al campo de investigación tanto desde el punto de vista técnico 
como económico. Estas contribuciones pueden servir de ayuda tanto para los reguladores como 
para los operadores del sistema y los inversores, con el fin de fomentar el rápido despliegue de 
las capacidades de generación de electricidad renovable necesarias para el éxito de la 
descarbonización del sector energético. 
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1 INTRODUCTION 

1.1 Background 

Climate change represents a significant threat to modern society. Humanity is already 
facing its consequences, ranging from the increase of land and ocean temperatures, 
increased risks of both droughts and the intensity of heavy precipitation events, to more 
severe climate and weather extremes such as heatwaves [1]. To limit the effects of climate 
change on humankind, 196 parties signed the Paris Agreement in 2015. In this treaty, the 
parties agreed to pursue the limit of global warming to well below 2 ºC global mean surface 
temperature, aiming towards 1.5 ºC [2]. In recent years, the International Panel on Climate 
Change (IPCC) has pointed out that missing the 1.5 ºC target implies an increased risk of the 
loss of ecosystems, water and food scarcity, as well as an impact on human health by 
increasing heat-related mortality rates and diseases [1]. Consequently, a significant global 
effort is required to limit global warming to help limit the effects on our ecosystems. Lower 
rates of change allow the natural and human systems to adapt to changes.  

However, the remaining carbon dioxide equivalent (CO2-eq1) budget for reaching the 
1.5 ºC target is very tight [1], and the emission of greenhouse gases (GHG) resulting from 
human activity is fuelling global warming [4]. Examples of GHG emitters are fuels such as 
gasoline, coal, oil and natural gas. These resources are employed for fuelling cars, industry, 
and electric power plants, among others [4]. In 2023, 28% of global CO2-eq emissions were 
related to the power industry, 22% to industrial combustion and processes, 16% to transport, 
and 7% to buildings [5]. The remaining 27% is related to fuel exploitation, agriculture and 

                                                           
1 Carbon dioxide equivalent (CO2-eq) represents a measure to compare the global 

warming potential (GWP) of different greenhouse gases. The GWP of all GHG is converted to 
the equivalent GWP of CO2, resulting in CO2-eq [3]. 
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waste. GHG emissions have reached an all-time high in 2023, with an increase of 1.9% with 
respect to 2022 [5]. 

One means of emission reduction is covering energy demand with zero-emission 
technologies. Renewable energy sources (RES) offer an opportunity for carbon-free energy 
generation [6], [7]. The benefits of extending the use of RES are numerous and extend 
beyond carbon-free energy generation. Direct advantages for the population include health 
benefits due to emission reduction and local job creation [8], [9], [10]. Further advantages 
include increasing energy security by reducing the dependency on fuel imports [11]. RES 
investment costs have decreased significantly over the last decade [12], converting them into 
an economical alternative to fossil fuel-based generation technologies exposed to fuel price 
volatility [13].  

Thanks to the economic viability of electricity generation with RES, other final energy 
uses are to be decarbonised via electrification. The decarbonisation of private transport 
involves electric vehicles (EVs), while heating and cooling are decarbonised via heat pumps 
(HPs). A pathway towards the 1.5 ºC target involves 30% of final energy consumption to be 
covered by electricity in 2030, which implies electricity demand will grow in all economies 
around the globe [14]. The increase of final energy consumption to be covered by electricity 
further drives the need to invest in carbon-free electricity generation sources such as RES 
and nuclear energy [14]. 

As a consequence of the above, countries are pursuing the large-scale rollout of RES 
technologies to decarbonise their final energy consumption. In 2023, the COP282 
participants signed the pledge to triple RES capacity until 2030 and ended the continued 
investment in unabated new coal-fired power plants to pursue the 1.5 ºC target [16]. In 2022, 
the United States of America (USA) introduced the Inflation Reduction Act (IRA). The IRA 
seeks energy security by establishing tax credits for various processes, from the 
manufacturing of RES-related products to the purchase of such by private citizens [17]. The 
IRA introduces tax credits for investment in zero-carbon electricity generation, as well as for 
heat pumps (HP) [18]. In Europe, the European Green Deal seeks to reduce the European 
Union's (EU) GHG emissions by at least 55% by 2030, consecutively reaching carbon 
neutrality by 2050 [19]. Within the Green Deal, the Fit-for-55 legislative package includes a 
series of proposals to align EU policies with the climate goals [20]. Correspondingly, the 
European Council updated the Renewable Energy Directive, aiming for 42.5% to 45% of the 
EU's total energy consumption to be covered by RES by 2030 [21]. The directive further seeks 
to reduce the GHG intensity of the transport sector, to gradually increase the use of RES in 
the industry, and to increase renewable targets of the heating and cooling sector [22].  

                                                           
2 Conference of the Parties (COP) is a yearly meeting of countries that joined the United Nations 

Framework Convention on Climate Change. The Parties meet at COPs to assess progresses and 
negotiate common future objectives. The Paris Agreement is a result of the COP21 [15]. 
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In Europe alone, these targets are expected to double electricity consumption from 
today to 2050 [23]. Those ambitious targets call for a significant amount of RES generation 
capacity to be installed throughout the Member States to serve these growing loads with 
carbon-free electricity. EU Member States publish their mid-term decarbonisation targets in 
the form of National Energy and Climate Plans (NECPs)3 [24]. One part of those NECPs details 
the Member States’ objectives in terms of speeding up the deployment of RES to decarbonise 
the electricity sector. 

Electricity grids will be required to transport this emission-free electricity from 
generation sites to where it is consumed. Optimal locations for investing in RES generation 
with high generation potential, such as high wind speeds, are often found in areas far away 
from electricity demand, requiring new electricity transmission assets to connect generation 
and demand [25]. Additionally, RES installations are usually smaller and more dispersed 
throughout the territory [26], increasing the distances to be covered by a future 
decarbonised energy system [25]. This changes the paradigm of the electricity network 
sending power from centralised generation facilities to customers distributed throughout 
the territory. In a decarbonised electricity system, RES generation sites are also decentralised 
throughout the territory but not necessarily aligned with the geographical dispersion of 
demand. The German regulator is currently implementing the largest infrastructure projects 
of the energy transition, aiming to expand the transmission grid and connect the wind-rich 
north with the demand centres in the south [27], [28]. In the USA, high winds are found in 
the interior of the country, making it ideal sites for wind energy generation. However, the 
country's major loads are located along the coasts, hundreds of kilometres away from those 
generation sites [29]. Significant additions of electricity transmission infrastructure are 
required to connect the new generation sites with demand centres [30].  

The construction of transmission lines connecting RES to national demand is only one 
part of the future requirements of the electricity system. An increasing degree of cross-
border interconnection between the different transmission systems is crucial for the 
decarbonisation process [31]. A well-interconnected system links optimal RES generation 
sites with customers throughout a wide range of territories. Furthermore, local peaks and 
valleys of RES resource availability are geographically smoothed out as meteorological events 
are unlikely to affect the entirety of a large territory [32]. In consequence, transmission grid 
interconnection represents a means to enhance the security of supply [33].  

Transmission grids are connected to the final customers via distribution networks. 
Traditionally, power from centralised power plants would flow from the transmission system 
to the distribution grids. However, distributed generation (DG) is on the rise as part of the 
energy transition. DG refers to generation capacity connected to distribution networks [34]. 
These installations are smaller and connect to lower voltage levels, namely low voltage (LV) 
and medium voltage (MV). When paired with assets for electrifying other loads, such as 

                                                           
3 In the course of the NECPs, the Member States describe their ambitions for 2030, covering 

decarbonisation, energy efficiency, energy security, internal energy market, and research, innovation 
and competitiveness. 
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electric vehicles (EVs) and HPs, those resources are referred to as distributed energy 
resources (DER). DER allow consumers to become prosumers, i.e. produce and consume 
their own electricity [35]. This implies that DER participation increases in geographical areas 
where these consumers are located, i.e. industrial, commercial or residential areas. Contrary 
to utility-size transmission-connecting RES in remote areas with the highest renewable 
resource availability, there is usually an existing electricity grid in areas where DER are of 
interest.  

Distribution-connecting RES can help defer the construction of new transmission grid 
lines to serve growing electricity demand due to the electrification of other energy demands, 
i.e. transport, heating and cooling. These new loads can be covered locally with DG, posing 
less strain on the transmission network by reducing the need to transport electricity from 
distant generation installations to the loads. Contrarily, reverse power flows due to excessive 
amounts of DG connected to a distribution system can be limited by supplying local, 
electrified loads [36]. However, in situations where local DG surpasses demand, power flows 
upstream from the distribution towards the transmission grid. This situation is referred to as 
reverse power flow because it is opposed to what the electricity grid infrastructure was 
initially designed for when built several decades ago [35]. In these situations, DG poses a 
burden on the transmission network for it to transport the electricity to other areas with load 
surplus. Hence, more transmission grid assents might be required to accommodate DG. 

However, DER affect not only the transmission grid required to supply or evacuate their 
power, but also the local distribution networks they are connected to. Increasing demand 
requires more distribution lines and substations to transport power from the transmission 
grid to the end customers. The increasing role of DG requires electricity distribution assets 
to be able to manage bi-directional power flows. Consequently, the integration of DG 
especially challenges the operation of existing distribution grids historically built for one-
directional power flows from the transmission grid to the load customers [35]. Hence, at the 
distribution level, upgrades of the existing infrastructure play an important role for 
integrating the local resources connected to the lower voltage levels.  

As mentioned before, European electricity demand is expected to almost double from 
now to 2050. EVs and HPs are expected to increase twenty-fold, triggering a sixty-fold 
increase in public EV chargers. DG is expected to increase seven-fold in that timeframe, 
reaching 2,300 GW by 2050 [23]. All these new resources require reliable electricity grid 
connections to safely inject and withdraw energy. The annual investment rate into European 
electricity distribution grids needs to double to 67 billion EUR/yr from now until 2050 to keep 
up with modernisation, digitalisation and reinforcement requirements. Out of that, 29 billion 
EUR/yr (42%) alone are required to expand grid capacity for connecting new demand, and 
another 8 billion EUR/yr (12%) for connecting new generation capacity to the distribution 
grid [23].  

However, the wired approach of enhancing grid capacity via building new assets is often 
costly and time-consuming, sometimes discouraging investment in RES due to a lack of 
available electricity grid capacity [37]. The readiness of distribution networks to integrate 
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DER, especially DG, represents a bottleneck to achieving the 2030 decarbonisation targets 
on the pathway to limiting global warming to 1.5 ºC [38].  

Nevertheless, bottlenecks for efficiently integrating large amounts of RES are not just 
in the cost of upgrading the grid. The timely increase of the RES share in energy generation 
is of high importance for limiting global warming to 1.5 ºC. Yet, this objective is potentially 
jeopardised by lengthy permitting processes. Hence, permitting is a crucial part of 
streamlining the RES grid connection process, and backlogs in permitting put the power 
sector's decarbonisation targets at risk. Two mechanisms to mitigate the backlogs of future 
RES capacity grid connection are long-term planning and anticipatory investments as a 
means to prepare electricity grids for the energy transition [39]. The European Union's 
Member States are urged to ensure that national system operators' (SO) grid development 
plans adequately account for future RES and demand electrification needs [40], while 
transmission grids in the USA are already suffering a significant backlog of connection 
requests, saturating the existing grids [41]. Connection times are rising, leading the US 
Federal Energy Regulatory Commission (FERC) to review the grid connection process for 
streamlining the integration of new resources [42].  

One means of reducing the magnitude of required grid reinforcement is enhancing the 
use of existing networks with grid-friendly flexibility. It allows the SO to adapt the customers’ 
energy injection or withdrawal to variable operating conditions and is of particular interest 
for distribution networks. Despite investments required to increase the degree of 
digitalisation needed for a more flexible distribution grid, the economic savings in European 
distribution grids could ascend to 4 billion EUR/yr (6%) from now through 2050 [23]. Financial 
savings from reduced reinforcement costs add to the advantage of avoiding lengthy grid 
upgrade processes, which often need to be completed before connecting new resources 
[43]. In accordance with these benefits, EU Member States are recommended to create legal 
frameworks that allow electricity distribution system operators (DSOs) to use flexibility 
options [44], [45], [46].  

The use of flexibility represents a non-wire alternative for enhancing the use of the 
existing electricity grid. It can help address the system's needs cheaper and faster than 
traditional wired expansion options [25]. Flexible connections, also denominated non-firm 
connections, represent one of these non-wire alternatives. They allow the SO to connect a 
customer to the network without providing the total requested grid capacity at all times [47]. 
Those flexible connection agreements enable the DSO to curtail the injection to or the 
withdrawal from the grid according to the grid's needs, representing a tool to speed up the 
integration of new DER into the grid. Non-firm connections are helpful in cases of 
underdeveloped local flexibility markets or as a temporary instrument to connect new grid 
users quickly [38]. Reinforcement might be deterred or avoided entirely with flexible 
connections [48]. Another means of enhancing the use of the existing electricity network’s 
capacity is by hybridising different renewable technologies. Hybridisation describes the 
combination of various technologies downstream of a common grid connection point, i.e. 
combining a wind power plant with a battery storage system or combining wind and solar 
power. This allows the use of the complementarity of RES, if given at the location, to 
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efficiently use the grid’s capacity with sources that generate electricity at different times (of 
the day or year) [49]. 

This chapter has pointed out the rapid changes the electricity sector is facing in the 
context of the energy transition. The relevance of electricity transmission and distribution 
grid upgrades for a successful decarbonisation is clear. At the same time, the challenges of 
integrating new RES and DER into the electricity system need solutions. In the following 
chapter, the objectives of this thesis are presented in accordance with the challenges 
introduced. 

1.2 Objectives 

As introduced in 1.1, ramping up RES at the required speed for meeting the world's 
decarbonisation goals places particular focus on electricity networks to integrate the new 
generation capacity at decentralised sites. This thesis aims to assess electricity grid 
requirements to accommodate the amount of RES necessary to achieve the decarbonisation 
targets. Two main research lines and their respective objectives have been identified to carry 
out this evaluation: 

I. Assessment of electricity grid reinforcement requirements  

This first research line focuses on modelling procedures of electricity transmission and 
distribution grids to determine the impact of high RES shares and DER on reinforcement 
needs. The objectives are: 

Obj. 1. Developing a methodology to assess RES network integration costs considering both 
transmission and distribution grid reinforcement requirements in high RES future 
pathways compared to low RES pathways. 

Obj. 2. Assessing the impact of the geographical and voltage level dispersion of RES on 
electricity transmission grid reinforcement requirements. 

Obj. 3. Assessing the large-scale impacts on electricity distribution grid reinforcement 
requirements for integrating DER.  
 

II. Increasing the use of the existing electricity network 

This second research line focuses on the electricity grid connection of RES. It aims to 
quantify the impact of more flexible grid connection options and RES hybridisation on the 
rapid and efficient electricity grid integration of RES. The objectives are: 

Obj. 4. Understanding the benefits of relaxing the calculation criteria for how much 
generation capacity can be connected to a network node (i.e. hosting capacity).  

Obj. 5. Development of a model to quantify the benefits of flexible connections and RES 
hybridisation for speeding up RES grid integration. 

Obj. 6. Assessing the impact of the beforementioned hosting capacity concepts on 
investment decisions into new RES electricity generation assets.  
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By addressing both of these research lines, this thesis seeks to respond to the following 
research questions: 

A) Do RES-driven electricity grid investment requirements outweigh the benefits of high 
RES future pathways? 

B) How do different RES dispersions within the grid influence the magnitude of 
electricity transmission grid reinforcement requirements for integrating RES? 

C) What are the distribution grid reinforcements for a nationwide integration of DER? 
D) Can flexible connections and RES hybridisation help maximise the use of existing 

electricity grids? 
E) How much electricity network hosting capacity can be unlocked via the relaxation of 

calculation criteria? 
F) How do flexible connections and hybridisation affect the investment decisions 

regarding new RES capacity? 

The outline of the thesis is presented in the following section. 

1.3 Thesis outline 

This thesis document is presented as a compilation thesis based on several research 
papers. Following the objectives and research questions described in the previous section, 
this thesis is structured according to its two research lines. Chapter 2 is dedicated to 
assessing electricity grid reinforcement requirements, and Chapter 3 evaluates the increase 
in the use of existing grids. Each chapter is then structured into sections in accordance with 
its objectives. Each of the previously mentioned objectives is addressed by a paper reported 
in the annexes of the thesis document. Chapters 2 and 3 provide a global and coherent vision 
of the developments and contributions performed in both research lines. The thesis 
document presents the research papers in a summarised form and seeks to highlight the 
contributions and the connections between the various academic papers. The details of the 
research can be found in the annexed papers. 

First, the contributions to quantifying electricity grid reinforcement requirements are 
described in Chapter 2. In the first journal paper, a methodology for quantifying transmission, 
distribution and grid connection costs is presented (Obj. 1) [50]. The second journal paper 
assesses the impact of different RES dispersions on transmission grid reinforcement 
requirements via a comprehensive study of two large-scale systems (Obj. 2) [51]. The third 
journal paper proposes a large-scale model to estimate electricity distribution grid 
reinforcement requirements for integrating DER (Obj. 3) [52]. 

This thesis’ contributions to the second research line are presented in Chapter 3. The 
fourth journal paper assesses five different concepts of electricity grid hosting capacity (HC), 
seeking the maximum injectable energy into existing electricity grids (Obj. 4) [53]. A 
conference paper proposes an investment model to determine the optimal RES capacity 
under varying HC and hybridisation scenarios (Obj. 5) [54]. The fifth and last journal paper of 
this thesis complements the concepts of HC derived in the fourth journal paper with an 
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investor perspective [55]. The model previously presented as a conference contribution is 
enhanced. Portfolio optimisation is carried out to maximise profits derived for the different 
HC concepts (Obj. 6). 

The findings presented throughout chapters 2 and 3 allow to formulate 
recommendations on regulatory design for speeding up RES electricity grid integration. 
These recommendations are presented in Chapter 4. 

Finally, the conclusions respond to the research questions, sum up the contributions of 
this thesis and identify future research lines of interest. Figure 1 summarises the research 
lines and the corresponding journal publications. The citations are provided in the List of 
publications. 

 

Figure 1: Research lines and journal papers of this thesis 

 



 

 

 

9 

 

2 ASSESSMENT OF ELECTRICITY GRID 
REINFORCEMENT REQUIREMENTS 

The integration of high RES penetration levels challenges both electricity transmission 
and distribution networks. The intermittency of RES calls for large generation capacities to 
be installed and connected via long-distance transmission lines [25]. Integrating these large 
capacities of RES into electricity grids is expected to require significant investments in 
electricity grid infrastructure, as pointed out in 1.1. These new physical infrastructure needs 
are three-fold: 

1) Large-distance interconnections to smooth out the effect of RES intermittency 
between different generation sites. Those interconnections often link several 
transmission systems. 

2) Transmission grid extensions to connect geographically distributed utility-size RES to 
demand centres. 

3) Additional distribution grid assets to adapt the networks to changing power flow 
directions due to DG and to integrate growing demand. 

This thesis is concerned with the latter two and focuses on the reinforcement 
requirements of additional assets for integrating RES and DER in transmission and 
distribution networks. It seeks to identify the factors that influence the need for 
reinforcements and quantify reinforcement requirements. Large-distance transmission 
interconnections for the energy transition have been subject to a range of studies and are 
out of the scope for this thesis [30], [56]. 

The research papers in this research line seek to assess the economic order of 
magnitude of electricity grid requirements for the energy transition. The scope is set to the 
requirement for new assets (i.e. transformers, lines) for integrating RES. This thesis is 
concerned with evaluating the additional impact of RES and DER on electricity grid 
reinforcement requirements. Costs such as asset replacement and the digitalisation of 
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electricity grids are considered costs which are going to be incurred independent of new RES 
generation assets due to the ageing electrical infrastructure and increased requirements for 
grid monitorisation. Hence, these cost terms are out of the scope of this thesis. 

The three research papers associated with grid reinforcements assess grid expansion 
costs at the transmission and distribution level, including an estimation of connection costs. 
The first paper (annexed in 7.1) addresses Obj. 1 by proposing a methodology to assess the 
transmission and distribution grid reinforcement requirements for a given horizon target for 
a national scale-sized system [50]. The methodology is illustrated with a 2030 case study 
applied to a Spanish-like electricity system. The methodological approach, main findings, and 
contributions are summarised in Section 2.1. 

The second academic publication (annexed in 7.2) addresses Obj. 2 by focussing on the 
transmission modelling component of the previously proposed methodology [51]. The 
contribution addresses two synthetic large-scale transmission systems with notably different 
characteristics and seeks to identify the main factors that may impact the transmission grid 
reinforcements to accommodate high RES penetration levels. Particularly, the impact of 
different RES placement scenarios throughout the two networks is evaluated. This paper 
further enhances the methodology to assess transmission grid expansion requirements for 
integrating RES. The methodological approach, main findings, and contributions are 
summarised in Section 2.2.  

The third research paper (annexed in 7.3) addresses Obj. 3 and focuses on electricity 
distribution grid expansion, enhancing the work previously presented in Paper 1 [52]. The 
contribution proposes a methodology for the large-scale estimation of distribution grid 
reinforcement requirements for integrating DER. A 2030 case study is presented to 
demonstrate the model's functionality and highlight the distribution grid challenges related 
with the geographical dispersion of future DG capacities and load electrification. The 
methodological approach, main findings, and contributions are summarised in Section 2.3. 

2.1 Methodology for assessing RES network integration costs 

In this first contribution of this thesis [50], a methodology for calculating RES network 
integration costs is developed. The research paper presents the methodology and a 2030 
case study on a synthetic Spanish large-scale network to show its functionality for 
determining RES network integration costs. 

Figure 2 summarises the methodology for determining RES network integration costs. 
The methodology encompasses transmission and distribution grid requirements. 
Additionally, RES network integration costs contain an approach for estimating electricity 
grid connection costs of new generation assets. Each dimension of RES network integration 
costs is addressed via an individual methodology. As a final step of the methodology, RES 
network integration costs are assessed incrementally compared to pathways in which no 
new RES generation capacity is installed in the system. This part of the analysis allows to draw 
conclusions on the impact of high RES shares on future electricity system costs. 
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Figure 2: Cost dimensions considered for RES network integration costs 

The starting point of the RES network integration costs evaluation methodology is a 
future electricity generation capacity mix obtained with the help of a Generation Expansion 
Planning (GEP) model4. The GEP model determines an economically optimal generation and 
storage (G&S) capacity mix. However, the GEP model optimises future G&S capacities for a 
single-node representation of the electricity system, meaning that electricity network 
restrictions are not considered at this stage of the analysis. The RES network integration costs 
methodology seeks to contribute a network perspective to the GEP optimisation. Hence, this 
first research paper contrasts the cost-optimal G&S capacity mix obtained from a single-node 
GEP model with a conservative estimation of electricity network investment requirements 
for an exemplary Spanish-like case study. GEP G&S capacity results represent an input to this 
contribution. G&S capacity expansion is modelled separately from transmission grid 
expansion. Generation and network investment decisions are made independently in the 
current regulatory framework in many deregulated electricity systems. Moreover, current 
regulation concerning grid investments and network access presents some asymmetries 
between transmission and distribution, which drive actual investment decisions by RES 
promoters away from the global optimum. 

Transmission grid costs are assessed via a Transmission Expansion Planning (TEP) 
model5. A geographical allocation of G&S resources and load needs to be performed to 
determine the transmission grid reinforcement requirements for integrating the G&S 
capacity mix obtained via GEP. The allocation is carried out in proportion to the geographical 
distribution of existing capacity and resource availability. The geographical allocation is the 
first contribution of this work.  

The TEP model employed in this contribution assesses the economic order of 
magnitude of transmission grid reinforcements required to integrate the G&S capacities and 
loads resulting from GEP. The model carries out optimal TEP, minimising total system costs. 
Those system costs include investments into new transmission grid assets and operating 
costs, i.e. fuel costs for thermal generation, CO2 emission costs, and operation and 
maintenance costs. Secure transmission grid operation is assured by accounting for 
increased security margins of the transfer capacities of existing grid assets. For this, the 

                                                           
4 https://www.iit.comillas.edu/technology_offer/3  
5 https://www.iit.comillas.edu/technology_offer/2  

https://www.iit.comillas.edu/technology_offer/3
https://www.iit.comillas.edu/technology_offer/2
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maximum loading of an asset is reduced to 67% of its thermal capacity [57]. This allows to 
reserve the remaining capacity as a security reserve in case of N-1 contingencies, ensuring 
system reliability and security of supply.  

To maintain the computational burden of TEP manageable, the time resolution of the 
transmission expansion problem is expressed via representative load levels. The load levels 
are based on the clustering of four representative weeks as employed by the GEP model. 
Additionally, Monday through Friday are considered via a single daily profile representing 
weekdays. As a last step, the time-representation is reduced bi-hourly to further reduce the 
computational burden. This reduces the load levels considered in TEP to 144 representative 
snapshots which are modelled with their corresponding weight. 

As a further means to reduce the computational burden, candidate transmission assets 
for expansion are pre-selected according to congestions and the difference in nodal prices 
over distance observed in the initial network. For this step, future generation and demand 
are allocated at the corresponding transmission nodes, and a first iteration without 
expansion is run. TEP is then carried out in an additional iteration step. In the expansion 
iteration, the TEP model is allowed to opt into continuous investment decisions to maintain 
the computational time at a reasonable magnitude. This is deemed suitable for the scope of 
this study as the objective is to evaluate the order of magnitude of reinforcement 
requirements rather than carrying out a detailed TEP. The candidate identification 
methodology is a contribution of this work. 

Distribution grid expansion costs represent the second dimension of RES network 
integration costs. As stated in Figure 2, distribution-related reinforcements only apply to the 
amount of capacity connected in the form of distributed generation. Transmission-
connecting utility-scale G&S capacities are considered to have no impact on distribution 
network reinforcement requirements. The share of RES connected to the distribution grid is 
determined based on historical values of the Spanish electricity system [58]. 

At the moment of publication, distribution grid expansion costs for integrating DER have 
been studied extensively in the literature. Hence, an estimation of distribution expansion 
costs for integrating DG is carried out as a part of this methodology. This estimation is based 
on the values provided by previous studies found in the literature. Those values express 
incremental unit costs for integrating DG, i.e. they are given in EUR/kW of DG to be 
integrated. It is important to note that different distribution grid configurations significantly 
impact expansion costs. Urban grids usually serve customers located closer to each other, 
resulting in lower unit costs of urban reinforcement than reinforcement in rural grid zones. 
Consequently, the employed unit expansion costs distinguish between urban, semi-urban 
and rural areas. 

Electricity grid connection costs are modelled in accordance with a shallow connecting 
charging regime. This means that costs are computed from the generation site to the closest 
connection point with the network. Costs for upgrades required in the upstream grid are 
captured via the transmission and distribution cost terms. The connection cost estimation in 
this paper is based on already existing generation capacities and their distance to the closest 
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node of the existing network, distinguishing different technologies and voltage levels. These 
distances are multiplied by the unit connection costs (EUR/km) extracted from Spanish 
regulation [59], [60]. 

As mentioned previously, this methodology seeks to analyse RES electricity grid 
integration costs in an incremental manner compared to alternative future pathways in 
which no new RES capacity is installed. Four different GEP scenarios are designed for this 
evaluation. These four scenarios are obtained by combining two load growth rates, i.e. 0% 
and 2.3% per year [61], and two generation technology options: a fully non-renewable 
pathway (i.e. no new solar or wind capacity is permitted) and a cost-minimising technology 
mix. The cost-minimising GEP provides the economically optimal G&S capacity expansion 
considering all available generation technologies. The scenarios lead to RES shares of around 
80% in both demand growth cases. This scenario approach allows for the evaluation of the 
impact of economically optimal high-RES participations on electricity grid costs compared to 
a pathway with traditional thermal generation capacities. The resulting scenarios are named 
according to the corresponding annual demand growth rate and the technology pathway 
(0%_Non-RES, 0%_RES, 2.3%_Non-RES, 2.3%_RES). In the scenarios without demand growth 
(0%_Non-RES and 0%_RES), the impact of the technological change of the generation 
capacity mix towards renewables is analysed. The scenarios with demand growth 
(2.3%_Non-RES and 2.3%_RES) have been chosen for this case study to increase the 
generation capacity that needs to be integrated into electricity grids. The demand growth 
rate is in line with the Spanish NECP [24]. The scenario characteristics and their 
denominations are summarised in Table 1. 

Table 1: Scenarios for estimating electricity grid requirements for integrating RES 

Scenario 0%_Non-RES 0%_RES 2.3%_Non-RES 2.3%_RES 

New generation capacity 
restrictions 

Non-RES only - Non-RES only - 

Annual load growth 0% 0% 2.3% 2.3% 
RES share over electricity 
generation 

42% 80% 27% 81% 

 

The above-mentioned methodology for calculating RES network integration costs is 
illustrated with an exemplary Spanish-like case study which assesses the 2030 electricity mix. 
All scenarios incorporate the closure of existing coal power plants. TEP is performed on a 
synthetic 481-node transmission network, representing a reduction of the Spanish 
transmission grid [62]. Unit costs for expanding the transmission grid are derived from a cost 
catalogue for the Spanish transmission system [59]. For the RES scenarios, the amount of DG 
is derived from historical data of the Spanish electricity system. The data details the capacity 
of each technology per voltage level. Low, medium and high voltage installations form part 
of the distribution grid in Spain [63]. Hence, the share of existing G&S capacities installed at 
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these voltage levels is applied to the additional RES capacity connected to the distribution 
level in this study. 

The results of the RES network integration costs are evaluated two-fold. First, the order 
of magnitude of grid reinforcement costs is assessed for each of the four scenarios. Second, 
the resulting grid costs of the RES scenarios are analysed in relation to the corresponding 
non-RES scenario (i.e. 0%_RES is compared to 0%_Non-RES and the same for the 2.3% 
demand growth scenarios). In this second step, network integration costs are determined 
incrementally from non-RES pathways to RES, which allows to reduce the impact of other 
effects, such as load growth. This analysis focuses on the impact of high RES pathways 
compared to future scenarios with no new RES. 

Figure 3 summarises the investment cost results of the case study. The figure shows the 
staking of G&S investments and costs incurred for electricity transmission (T) and distribution 
(D) connection and expansion. The analysis confirms that RES-intense electricity systems 
result in higher CAPEX requirements in terms of G&S capacity and electricity networks. When 
comparing the corresponding RES and non-RES scenarios, total investment requirements are 
multiplied by 34 and 4, respectively, in the scenarios without and with load growth. The high 
increase in the scenarios without load growth is due to the fact that no new G&S capacity is 
installed. Hence, investment costs are reduced to a small investment into the transmission 
network to update the synthetic grid to the current G&S capacities and loads. Another finding 
of this analysis is that the grid-related CAPEX represent below 10% of total CAPEX (i.e. grid-
related and G&S capacity investment).  

When focusing only on electricity grid expansion requirements, investment costs are 
multiplied by 2.9 and 2.5, respectively, in the scenarios without and with load growth. The 
levelised cost for expanding electricity networks to integrate additional PV and wind capacity 
is 2.41 and 1.58 EUR/MWh for the scenarios without and with demand growth, respectively.  

 

Figure 3: Stacking of all annualised investment cost components 

However, the CAPEX increases are more than compensated by reductions in OPEX due 
to the decrease in fuel use and emissions. Figure 4 summarises this finding. The term avoided 
operating costs is introduced in this paper to support the analysis. Avoided costs represent 
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the ratio of OPEX reduction and additional RES energy generation in RES scenarios vs the 
corresponding non-RES scenario. The avoided operating cost is determined at 36.13 and 
46.66 EUR/MWh without and with demand growth, respectively. This means that each MWh 
of RES energy injected into the network reduces operating costs by 36.13 and 46.66 EUR 
compared to the corresponding non-RES scenario. 

 

Figure 4: Total annualised investment and operating costs for each scenario (connection costs 
included in the G&S investment term) 

This study quantifies electricity transmission and distribution reinforcement 
requirements for a Spanish-like electricity system. RES network integration costs are 
determined in an incremental manner compared to a baseline scenario where no new RES 
capacity is built. The case study finds that annualised network expansion costs are at least 
doubled when RES generation is expanded instead of non-RES, translating to 1.58 to 2.41 
EUR of additional grid costs per MWh of RES injected into the network. Further, this study 
demonstrates that the potential of RES generation is in reducing operating costs. Despite the 
increasing network investment costs, total annual system costs are reduced by 9.7% and 
24.7% for the scenarios without and with demand growth, respectively. 

This study has established a methodology for determining RES network integration 
costs and demonstrated the functionality of the methodology in a Spanish-like case study. In 
the next section, the methodology is applied to another network with notably different RES 
and demand dispersion to assess the generalisability of the findings of Paper 1. 

This work contributes 

• A methodology for assessing RES network integration costs accounting for 
electricity transmission and distribution costs as well as grid connection costs. 

• A methodology for the geographical allocation of G&S assets and loads. 
• A transmission expansion asset candidate identification methodology. 
• The incremental evaluation of high RES G&S capacity mixes over future scenarios 

with no additional RES capacity. 

0

5000

10000

15000

20000

25000

0%_Non-RES 0%_RES 2.3%_Non-RES 2.3%_RES

M
EU

R/
yr

G&S investment T&D investment G&S operation T&D operation



 

Chapter 2. Assessment of electricity grid reinforcement requirements 

 

16 

 

Associated contributions 

The investigation presented in this section is presented in further detail in the research 
paper "Assessment of electricity network investment for the integration of high RES shares: A 
Spanish-like case study", published in Sustainable Energy, Grids and Networks (Q1). The paper 
is annexed in 7.1. 

It can be cited as: 

L. Herding, R. Cossent, M. Rivier, J. P. Chaves-Ávila, and T. Gómez, Assessment 
of electricity network investment for the integration of high RES shares: A Spanish-like 
case study, Sustainable Energy, Grids and Networks, vol. 28, pp. 100561-1 - 100561-
14, December 2021. [Online: November 2021], doi: 10.1016/j.segan.2021.100561. 

 

Furthermore, additional case studies with the methodology have led to a conference 
participation, denominated: 

L. Herding, J.P. Chaves, S. Bañales, R. Cossent, M. Rivier, T. Gómez, ‘Do network 
investment costs outweigh the benefits of integrating high shares of renewable 
generation into electricity networks?’, 9th International Conference on Integration of 
Renewable and Distributed Energy Resources - IRED 2022, Adelaide (Australia). 24-26 
October 2022. 

2.2 Transmission grid requirements for integrating RES and DG 

Previous research has allowed to assess RES network integration costs as incremental 
costs when comparing electricity systems with high RES and systems with low RES 
participation. The second paper of this thesis takes a more detailed look at transmission grid 
requirements for integrating RES [51]. This contribution selects two large-scale synthetic 
transmission grids with notably different geographical distributions of renewable resource 
availability and load density. The impact of RES on transmission grid reinforcement is 
determined according to the methodology presented in 2.1. Hence, the four scenarios of 
Table 1 are assessed on both transmission grids included in this analysis. The TEP expansion 
framework and its simplifications (i.e. reduction of load levels, continuous investment 
decision into pre-determined candidate assets) remain the same as in 2.1. 

The methodology is refined to evaluate the influence of the dispersion of RES on 
transmission grid requirements. In that regard, dispersion is interpreted geographically as 
well as voltage-level related. The sensitivity analysis modifies the allocation criteria of the 
additional RES capacities to the transmission nodes that has been presented in 2.1. Table 2 
presents an overview of the RES dispersion sensitivities and their impact on the allocation of 
RES throughout the transmission network. The RES concentration sensitivity assesses the 
geographical concentration of RES capacities in areas with the highest resource availability. 
As a result of increasing the concentration, the incremental RES capacities are connected to 
a reduced set of transmission grid nodes.  
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The DG share sensitivity seeks to assess, for a given total installed RES generation 
capacity, the impact of increasing share of distributed generation, i.e. the share of that 
capacity connected at distribution level, on transmission grid reinforcement requirements. 
Thus, increasing the share of DG participation shift RES capacity from transmission grid nodes 
with high resource availability to grid nodes closer to demand. In those sensitivities, 
increasing shares of PV are considered to no longer connect to the transmission system as 
utility-size generation units but are converted into DG. Those units are allocated within 
distribution networks. For TEP, this results in an allocation downstream of the transmission 
grid and changes the net load served via the transmission network. The geographical 
allocation of the DG capacities is adjusted to the areas with the highest likelihood of investing 
in PV DG, namely the purchase power of private households and the building density of the 
different geographical areas of the network. The latter is employed an additional factor to 
express the fact that, despite similar purchase power in urban and rural areas, rooftop PV 
can be installed in a greater scale in non-urban areas. As shown in Table 2, shares of up to 
100% of future PV capacities connecting to the distribution grid are assessed in the study. 
Although not realistic, the high DG shares allow to gain further insight into the transmission 
system under evaluation.  

The sensitivities are applied to the RES scenarios only. The base cases for both 
sensitivities are the results of the 0%_RES and the 2.3%_RES scenario derived according to 
the methodology presented in 2.1. 

Table 2: RES dispersion sensitivities assessed in Paper 2 

Sensitivity Impact on RES allocation 

RES concentration 1. Base case (BC): around 25% of transmission nodes with RES 

2. RES concentration (RES_Con): up to 10% of transmission nodes 
with RES 

DG share 1. Base case (BC): 0% distributed generation 

2. Five sensitivities with increasing shares of DG (20%, 40%, 60%, 
80%, 100%) 

 

As mentioned above, this paper contrasts two large-scale synthetic transmission grids 
with notably different geographical distributions of renewable resource availability and load 
density, namely the synthetic Spanish network employed in 2.1 and the ERCOT zone in Texas, 
USA. The Electric Reliability Council of Texas (ERCOT) is the independent SO in charge of the 
electricity network in Texas [64]. Table 3 provides an overview of the main characteristics of 
both systems. The ERCOT network is known for existing congestions in the corridor 
connecting the resource-rich geographical areas with demand centres, i.e. the West-East 
Interconnection. Again, TEP is linked to GEP via geographical allocation with local data of the 
Texan and Spanish electricity systems. 



 

Chapter 2. Assessment of electricity grid reinforcement requirements 

 

18 

 

Table 3: Main characteristics of the synthetic Spanish and Texan transmission networks 

 Spain Texas 

Nodes 479 2,000 

Lines and transformers 880 3,206 

Total grid length (km) 36,273 48,580 

Peak load (GW) 40.23 56.93 

Annual system load (TWh) 225.43 325.32 

Voltage levels (kV) 220 & 400 115, 161, 230 & 500 

Load centres 
Dispersed throughout the 
territory 

Concentrated on the 
coastline in the East 

Optimal RES generation 
sites 

Dispersed throughout the 
territory 

Mainly in the West of the 
territory 

In the first step of the analysis, TEP is carried out for the four scenarios introduced in 
Table 1. Figure 5 shows the results for the two electricity systems under evaluation. Due to 
the significant difference in system size and the corresponding magnitude of costs, the 
system costs are normalised with the system’s electricity demand to enable comparability. 
The figure highlights that the system costs are in the same order of magnitude for both 
systems under evaluation. Still, the synthetic Texan transmission grid observes an investment 
cost increase. This increase is especially notable in the renewable scenarios. It is caused by 
the fact that the initial Spanish electricity system already shows a 42% RES penetration, while 
the initial participation of RES in the Texan electricity system is notably lower (around 12%). 
Further, the closure of coal power plants is more noticeable in the Texan system. This leads 
to a significant increase in G&S capacity investments in the cost-optimal RES scenarios, which 
result in a final RES share of 80%. Those new G&S investments trigger an increased 
requirement for transmission reinforcements due to the aggravation of the existing 
bottleneck of the West-East Interconnection in the ERCOT grid. 
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Figure 5: Investment requirements per unit of demand (EUR/MWh-yr) 

In the second step of the analysis of the base case, the results of the reinforcement 
requirements are assessed incrementally between the corresponding non-RES and RES 
scenarios. The ratio of relative cost reduction (RCR) is introduced in this paper to compare 
the needs of the two networks. RCR represents the ratio of OPEX reduction divided by 
additional CAPEX in G&S capacity and transmission expansion. RCR is greater than unity in all 
scenarios, ranging from around 1.4 in the Texan network without demand growth to 2.2 in 
the case of the Spanish network with demand growth. It means that the decrease in OPEX 
via the deployment of RES compensates the required increase in CAPEX. RCR is lower in the 
Texan network due to i) increased CAPEX requirements in the RES scenarios to compensate 
for the low initial RES share of the capacity mix and to overcome the West-East 
Interconnection bottleneck, and ii) lower natural gas prices decreasing the system costs in 
the non-RES scenarios. Still, the CAPEX increase is compensated by the corresponding OPEX 
decrease, even in the highly ERCOT transmission congested network. This finding is in line 
with the results of 2.1 and highlights the outstanding benefits of increasing investment in 
both generation and transmission capacity to decrease total system costs due to fuel and 
emission savings.  

As introduced in Table 2, a complementary sensitivity analysis to the dispersion of 
future RES G&S capacities throughout the system is performed on the RES scenarios of both 
networks. The assessment of both geographical and voltage level-related dispersion of RES 
over a common base case scenario is a contribution of this work.  

The analysis of the first sensitivity shows that a higher concentration of RES capacity in 
resource-rich network zones is summarised in Figure 6. The figure compares the annualised 
transmission upgrade costs per unit of RES capacity integrated into the network (EUR/kWyr) 
for the base case (BC) and the RES concentration (RES_Con) sensitivity. In the Spanish 
network, the concentration of RES does not significantly impact unit transmission costs due 
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to the geographical dispersion of both load centres and RES resource availability (Table 3). 
This reduces the effect of the concentration of new RES capacities to a few network nodes 
in resource-rich areas of the Spanish network. In the Texan network, transmission unit 
investment costs are more than doubled in the RES_Con sensitivities due to the aggravation 
of the existing bottleneck of the West-East Interconnection.  

 

Figure 6: Unit transmission investment costs for the RES concentration sensitivity 

In contrast, the implementation of distributed generation leads to allocating generation 
close to demand centres, resulting in transmission grid savings of up to 30% (Table 2). The 
findings of the DG sensitivities are summarised in Figure 7. The figure shows the growing 
share of DG (measured as DG over total PV capacity) for the two RES scenarios in each 
network under analysis. The increasing DG capacities are presented assessed in comparison 
to the base case (BC) where no DG is installed. Hence, the transmission grid reinforcement 
incurred in the BC represents the baseline of 100%. Correspondingly, if a DG sensitivity’s 
relative investment is below 100%, it indicates a reduction of transmission reinforcement 
needs compared to the base case. Almost all DG sensitivities in both geographical zones and 
demand growth scenarios allow transmission investment reductions. Only in the Spanish 
scenario without demand growth do two sensitivities result in minor increases in 
transmission grid costs: DG_20% leads to a 3% cost increase and DG_100% to a 1.2% increase 
concerning the BC. These low changes are considered negligible due to the updating 
requirements of the initial synthetic Spanish network. The Texan synthetic network allows a 
relative reduction of transmission expansion costs of at least 6% (0% demand growth, 
DG_20%). The saving potential in the Texan synthetic transmission grid underlines the 
existing bottlenecks hampering an efficient West-East Interconnection. Higher DG 
participation locates generation resources closer to the demand centres, thus reducing the 
requirements for reinforcing the transmission network. 
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Figure 7: Transmission expansion investment at rising DG penetrations wrt the BC 

In general terms, the case studies confirm that decarbonising the electricity system 
requires a higher investment in RES generation and storage capacity, as well as in grid assets, 
than the capacity needed in non-RES scenarios. However, the incremental investment costs 
in renewable generation, storage and grid expansion in the RES scenarios are largely offset 
by fuel and emission cost reductions compared to non-RES scenarios. This holds true even 
when significant congestions in the initial transmission system exist, such as the West-East 
Interconnection in the synthetic ERCOT network. 

The two sensitivities on the geographical and voltage level allocation of new RES 
capacities highlight the trade-off between optimal RES placement according to resource 
availability and optimal placement to keep grid reinforcement requirements low. A 
geographical concentration of RES generation capacities aggravates pre-existing grid 
bottlenecks, more than doubling transmission reinforcement requirements. On the contrary, 
fostering DG rollout is found to be a helpful tool for reducing transmission grid expansion 
requirements up to 30%, especially in scenarios with demand growth. 

Overall, the results of this paper point out that to meet the 2030 decarbonisation goals, 
the relevant discussion concerning the decarbonisation of the electricity mix should not be 
whether grid investment costs may outweigh the benefits of increasing renewable shares. 
Instead, the debate should focus on ensuring a fast grid connection for the new renewable 
capacity necessary to achieve the necessary decarbonisation and electrification levels. 

This work contributes 

• An application of a common methodology for quantifying the impact of high 
RES shares on two large-scale electricity transmission networks with notably 
different RES and load dispersions. 

• Generalisation of the findings of Paper 1 with a second transmission system 
with significantly different characteristics. 

• A systematic comparison of various RES dispersion factors via a sensitivity 
analysis with a common baseline scenario. 
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• A quantification of the impact of increasing participation of DG on transmission 
systems with different characteristics. 

Associated contributions 

The investigation associated with the presented methodology is detailed in the research 
paper "Assessing the impact of renewable energy penetration and geographical allocation on 
transmission expansion cost: a comparative analysis of two large-scale systems", published in 
Sustainable Energy, Grids and Networks (Q1). The paper is annexed in 7.2. 

It can be cited as: 

L. Herding, R. Cossent, M. Rivier, and S. Bañales, Assessing the impact of renewable 
energy penetration and geographical allocation on transmission expansion cost: A comparative 
analysis of two large-scale systems, Sustainable Energy, Grids and Networks, vol. 38, pp. 
101349-1 - 101349-13, June 2024. [Online: March 2024], doi: 10.1016/j.segan.2024.101349. 

2.3 Large-scale distribution grid cost estimation for integrating DER 

The third paper of this research line seeks to enhance the methodology presented in 
2.1 by further developing the approach for estimating electricity distribution grid 
reinforcement costs [52]. 29 billion EUR/yr is projected for connecting new demand to 
distribution grids in Europe alone [23]. Another 8 billion EUR/yr for connecting new DG 
capacity to the grid. In this contribution, a model for estimating electricity distribution grid 
reinforcement requirements for integrating DER throughout the Spanish peninsular territory 
is developed.  

The DIstribution COst Model for the Energy Transition (DISCOMET) is a tool to carry out 
deterministic large-scale estimations of electricity distribution grid investment for the energy 
transition. The model performs a geographical allocation of future distributed energy 
resources, including DG, EVs, and HPs to the level of local administrative units (LAU), 
comprised of over 8,000 municipalities in peninsular Spain. Furthermore, the model accounts 
for low (LV), medium (MV) and high voltage (HV) distribution grids within each LAU.  

The different DER are geographically allocated via individual criteria that express the 
likelihood of the uptake of a particular technology in a municipality. Figure 8 presents a 
flowchart of the geographical allocation process performed by the DISCOMET model. Since 
the drivers for the adoption of each type of DER differ among them, the allocation criteria 
are different for load electrification via EVs, HPs, and distributed generation. DG allocation 
differentiates between utility-scale installations and prosumer installations. The former 
represents installations aiming to maximise profits, and the latter represents electricity 
consumers seeking to generate their own power. As the flowchart shows, the installations 
have different voltage levels and allocation criteria. LV installations (i.e. LV DG, EVs and HPs) 
are allocated via criteria that express the likelihood of private households to invest into these 
installations. The geographical allocation of future LV load electrification considers the 
household income as a means to represent purchase power, the Required Thermal Energy 
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Demand (RTED) for HP allocation, and the substitution rate of EVs to forecast citizens 
acquiring EVs. RTED is a metric that expresses the theoretical thermal energy demand of a 
household in function of its size, occupancy and location. The higher RTED, the more 
profitable for a household to replace an old thermal heating system with an HP. Further, 
simultaneity factors are included in the model to represent the impact of peak load increase 
on electricity grid infrastructure requirements. LV prosumer allocation is carried out via a 
similar approach. The criteria include the household income, the installed capacity, and 
building density to express the availability of sufficient rooftop surface in a municipality.  

Utility-scale DG is allocated according to criteria which allow investors to maximise 
profits from selling electricity to the grid. Hence, the first allocation criterion is resource 
availability of PV and wind, respectively. Furthermore, the environmental classification of the 
terrain is considered. This metric is an indicator published by the Spanish ministry and 
expresses how likely it is to obtain a favourable environmental evaluation for a RES project 
[65]. The last criterion for utility scale DG allocation is the available HC of the current 
distribution network. The Spanish ministry requires DSOs to publish this informative value to 
drive investment into areas with available grid capacity [66]. The identification of the 
geographical allocation criteria for future DER is a contribution of this work. 

 

Figure 8: Flowchart of the calculation process of the distribution cost model 

In a Spanish case study, distribution grid investment is determined via individualised 
reinforcement costs for each of the 47 peninsular Spanish provinces (NUTS 2 regions), 
distinguishing between urban (U), semi-urban (SU), rural concentrated (RC) and rural 
dispersed distribution (RD) supply zones within the provinces. These reinforcement costs of 
different types of supply zones are based on historical data for a large set of provinces 
extracted and extrapolated from the cost database of a Spanish DSO. Figure 9 shows the 
distributions of the annualised grid costs extracted from the database. The figure represents 
the difference of the magnitude of costs according to distribution supply zone. The normal 
distributions are composed by the average unit costs for integrating new grid capacity 
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throughout the Spanish provinces covered by the DSO. These costs are extrapolated to the 
remaining provinces following the normal distribution observed in the data. The costs are 
applied to grid upgrades in the MV and HV grid. The unit cost catalogue is a contribution of 
this work. 

 

Figure 9: Normal distributions of grid costs observed by a Spanish DSO 

The availability of individualised distribution grid expansion unit costs according to 
service zone type requires classifying all considered municipalities into U, SU, RC or RD. The 
Spanish municipalities are assigned to a distribution grid service zone according to an 
estimation of the number of residential supply points in the municipality [67]. The Spanish 
Statistical Institute publishes the number of households for municipalities with over 2,000 
inhabitants [68]. This number is employed as an indicator of the number of residential 
electricity supply points for urban and semi-urban areas. It cannot be used to distinguish 
rural concentrated from rural dispersed areas because both consist of less than 2,000 supply 
points. The number of supply points for rural areas is simplified as the number of inhabitants 
of a municipality [69]. The supply zone characterisation is contrasted with the 
characterisation carried out by a Spanish DSO. The methodology correctly identifies 95% of 
U municipalities and 90% of SU municipalities. The accuracy decreases to 88% in RC and 77% 
in RD areas. Still, the majority of municipalities is classified correctly and the methodology is 
applied to all municipalities of the Spanish peninsula. The service zone classification of the 
municipalities is a contribution of this work. 

The required reinforcement in a municipality is calculated with different criteria for LV 
and for higher voltage levels. Spanish regulation requires DSOs to publish the available HC 
for new generators for all network nodes above 1 kV [66]. Hence, the network’s HC for utility-
scale DG is known at MV and HV. No information on HC is available for LV DG connections 
and load electrification. For the analysis, the LV network’s HC is considered zero to obtain a 
conservative estimation of reinforcement requirements. The model does not account for a 
detailed representation of the existing electricity grid. The existing grid and its capacity to 
integrate DER is represented via the available HC. 

The model contemplates the effect of a new connection on upstream networks. This 
means that the capacity installed in an LV network requires available capacity in the 
corresponding upstream MV and HV grids to guarantee the evacuation of energy generation 
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or load to be served. As indicated in Figure 8, simultaneity factors are employed to address 
the impact of peak load increase on electricity grid capacity requirements for assessing the 
upstream effect of load electrification (EVs and HPs) [70]. The simultaneity factors express 
the likelihood of the contracted capacity to be consumed simultaneously and are employed 
by DSOs for system planning. The simultaneity factors are 0.4 at the LV level, 0.85 at MV and 
0.95 at HV [70]. 

An exemplary 2030 case study is performed to show the functionality of the model. The 
additional capacities installed are derived from the Spanish NECP [71]. The amount of DG per 
voltage level is estimated with historical data of the Spanish electricity system [58]. Table 4 
shows the share of PV and wind capacity connected per voltage level resulting from the 
Spanish NECP and the corresponding voltage level allocation. Additionally, according to the 
NECP, an additional 3.5 million of private owned EVs and 2,894 ktep of thermal energy 
demand covered by HPs are expected for 2030. These numbers represent the increases for 
the target year, i.e. additional capacities that need to be integrated in the distribution 
network. 

Table 4: DG capacity per voltage level in Spain  

 LV MV HV EHV 

Share of capacity per voltage level 

PV 8% 15% 16% 61% 

Wind 1% 4% 35% 60% 

Resulting capacity per voltage level (MW) 

PV 2,526 4,552 4,683 18,348 

Wind - 885 8,062 13,353 

The analysis finds that reinforcement requirements for integrating DG and for 
integrating EVs/HPs are geographically misaligned, as shown in the final allocation of 
capacities in Figure 10. That means that infrastructure built for serving new peak load might 
not be available for evacuating DG output and vice versa, increasing the total amount of new 
infrastructure (and the corresponding investment) needed. Also, local consumption of DG 
energy seems difficult, requiring more grids to transport electricity from one DSO area to 
another. The misaligned allocation of loaf electrification and DG further highlights that DSOs 
in different parts of the territory will likely face different challenges for adapting their 
networks to the requirements faced throughout the energy transition, requiring the 
regulator to respond accordingly through efficient regulatory design. 
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Figure 10: Geographical allocation of DER derived via the distribution cost model 

Figure 11 shows the distribution grid reinforcement requirements derived from the 
geographical allocation presented above. The figure presents the capacity requirements and 
their economic implications in terms of annualised investment. Further, the figure allows to 
draw conclusions on the reinforcement requirements per voltage level and per distribution 
grid service zone type (U, SU, RC, RD). The 2030 Spanish case study requires upgrades of 44 
GW of network assets, translating to 197 MEUR/yr of investment costs. The majority of 
reinforcements are required in HV networks. This is mainly because the 69% of DG is 
allocated to HV networks (Table 4). Furthermore, upstream network capacity is needed for 
DER connected at the LV and MV levels. Regarding distribution service zones, most required 
grid upgrades are located in rural concentrated areas. This is because half of the peninsular 
municipalities are classified as RC. 

 

Figure 11: DISCOMET case study results: reinforcement requirements – a) Capacity and b) 
annualised investment 

Figure 12 shows how much of the annualised distribution grid reinforcement 
requirements are triggered by the grid integration of DG and by the increase of peak load. 
Several sensitivities on the impact of the LV simultaneity factor on the grid upgrades for load 
electrification are included in the figure. The sensitivities seek to assess the potential increase 
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of simultaneity, as non-optimal residential load management might increase the simultaneity 
factor, i.e. due to simultaneous heat demand [72].  

The results show that, at the current LV simultaneity factor of 0.4, the required 
reinforcement costs for load electrification amount to approximately half the cost required 
for DG integration. As LV load simultaneity factors increase towards 0.8, grid costs approach 
the magnitude of DG. At LV load simultaneity factors of 0.9 or 1, grid costs for load surpass 
those for DG. Realistic values of future LV simultaneity factors might be between 0.4 and 0.8, 
as the coefficient describes the simultaneity of the entire load. The base load will likely follow 
historical simultaneity factors, while electricity demand for EVs or HPs might show higher 
simultaneity factors. Consequently, the simultaneity factor of the entirety of the load is not 
expected to reach 1. In any case, the efficient management of future electricity demand is 
crucial for maintaining distribution grid costs at a reasonable magnitude. 

 

Figure 12: Annualised distribution grid investment for DG integration and load electrification 

Overall, the case study demonstrates that the model represents a tool to efficiently 
assess the impact of the geographical allocation of DG and load electrification on distribution 
grids of the whole Spanish peninsular territory based on the costs of actual projects in a 
Spanish DSOs' network. The results show a potential misalignment of the geographical 
allocation of future DG capacities and the peak load increase due to the electrification of LV 
loads via EVs and HPs. This finding points out that the DSOs covering different parts of the 
territory are likely to face a variety of challenges that are not aligned between the territories. 

This work contributes 

• A methodology for the geographical allocation of DG and demand 
electrification technologies (EVs and HPs) to all voltage levels classified as 
distribution-level in Spain (LV, MV, HV) with a resolution of Local Administrative 
Units (> 8,000 municipalities in the case of Spain). 

• The classification of Spanish peninsular municipalities into distribution service 
zone types (i.e. urban, semi-urban, rural concentrated, rural dispersed) 
according to Spanish regulation. 

• The deployment of a unit expansion cost catalogue extracted from the 
database of a Spanish DSO, as well as extrapolation methodology to the whole 
country. 
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• A tool to efficiently assess the impact of the geographical allocation of DG and 
load electrification on distribution grids of the whole Spanish peninsular  

Associated contributions 

The investigation associated with the presented methodology is detailed in the research 
paper "Large-scale estimation of electricity distribution grid reinforcement requirements for 
the energy transition – A 2030 Spanish case study", published in Energy Reports (Q2). The 
paper is annexed in 7.3. 

It can be cited as: 

L. Herding, M. Pérez-Bravo, R. Barrella, R. Cossent, M. Rivier, Large-scale estimation of 
electricity distribution grid reinforcement requirements for the energy transition – A 2030 
Spanish case study. Energy Reports. Vol. 12, pp. 5432 - 5444, December 2024. [Online: 
November 2024] 

Furthermore, the model DIstribution COst Model for the Energy Transition (DISCOMET) 
was officially registered as intellectual property, register number 16 / 2025 / 995. 
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3 INCREASING THE USE OF THE 
EXISTING NETWORK  

The first research line, presented in Chapter 2, sought to quantify the costs of RES and 
DER integration into electricity transmission and distribution networks. The research, 
presented in the form of three academic papers, has shown that the cost magnitude of 
electricity grid reinforcement requirements is not prohibitive. Instead, the research has 
highlighted that the debate should focus on ensuring a fast and efficient grid connection of 
new RES and DER assets. The second research line, detailed in this chapter, is concerned with 
increasing the use of existing networks. 

The permitting process is one of the main bottlenecks for RES expansion, which is 
brought up frequently within the sector and is well-known by policymakers [39], [73], [74]. 
One crucial part of the permitting process is the assignation of electricity grid access. The 
procurement of electricity grid access for a new RES generator is limited by the electricity 
network’s capacity for connecting additional generation and load without requiring 
reinforcement is called hosting capacity (HC). 

The HC describes how much generation or load can be connected to a network node 
without degrading the network performance outside the safety limits of operational 
parameters such as frequency or voltage limits [75]. It is the threshold a DSO passes on to 
connection-seekers. This threshold of HC needs to be guaranteed by the DSO, which is why 
it is usually calculated with very conservative assumptions to ensure grid stability. Due to the 
guaranty of the availability of the assigned network capacity, this kind of connection 
agreement is denominated firm connection agreement. While hosting capacity refers to the 
availability of the network to integrate new generation capacity or load, connection 
agreement describes the agreement of the customer and the DSO and includes the definition 
of the access rights, i.e. the terms under which the customer can make use of the network 
connection point. 
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The terminologies of HC, network access rights and connection agreements are 
summarised in Table 5. Firm access means that the assigned HC is available at all times, even 
in the case of network failures [43], [76].  Usually, the threshold of HC is constant throughout 
the year. Accordingly, it is called static hosting capacity (SHC). DSOs are incentivised to 
underestimate HC rather than overestimate their networks' capacities, as compensation 
payments might be enforced if a customer with a firm connection faces curtailment. This is 
because the connection is granted as a firm connection with uninterruptible access rights.  

Contrary to a firm connection, flexible connections allow for a more dynamic definition 
of the network capacity offered to a network user [77], commonly referred to as non-firm 
access or flexible connection. It represents the option for the DSO to define the network's 
HC more dynamically to adjust to the operational reality of the network instead of calculating 
a conservative static hosting capacity threshold as currently performed by most DSOs [38], 
[78]. The network access is interruptible to allow the DSO to curtail the connection in case it 
is required. In some cases, a flexible connection refers to allowing a generator to connect to 
the network before the required reinforcement has been carried out [79]. In these cases, the 
connection is non-firm because the DSO cannot yet guarantee the firmness of HC at all times. 
It is described as a temporary flexible connection as it is expected to convert to a firm 
connection once the network upgrades are carried out.  

Table 5: Terminology of hosting capacity, access rights and connection agreements 

 Firm Flexible 

Hosting capacity Static hosting capacity Dynamic hosting capacity 

Access rights Uninterruptible Interruptible 

Connection agreement Firm Non-firm/Flexible 

The research papers of this research line consider the permanent option of non-firm 
connections by exploring the benefits of increasing the use of the existing electricity grid 
infrastructure in line with the dynamic nature of operating conditions. The first paper of this 
chapter (annexed in 7.4) assesses the potential of a dynamic definition of a network node's 
HC. Further, it introduces the concept of security-aware dynamic hosting capacity to account 
for the network's N-1 outages and their probabilities [53]. The methodological approach, 
main findings, and contributions are summarised in Section 3.1.  

In the first research paper, HC is defined from the network's perspective. This means 
HC is a technologically neutral quantification of the maximum injectable energy into a 
network node within the grid’s operating limits. The second paper of this research line 
(annexed in 7.5) complements those findings by adding a RES investor’s perspective to 
assessing dynamic hosting capacity. It seeks to evaluate whether dynamic HC definitions are 
of interest from a profit-maximisation point of view and to quantify their impact on optimal 
generation capacity [55]. The methodological approach, main findings, and contributions are 
summarised in Section 3.2. 
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3.1 Considering dynamic operating conditions for defining HC 

As described in Chapter 3, distribution grid hosting capacity is currently defined as a 
conservative static threshold in many regulations [43]. The fourth paper of this thesis 
evaluates a more dynamic definition of HC [53]. Dynamic hosting capacity (DHC) reflects that 
the dynamic operating conditions due to RES and load variability allow for the injection of 
more energy than the conservative definition of a static threshold. In this thesis, HC is defined 
as the maximum injectable energy into a specific network node.  

The network’s operational security limits are enforced when calculating the maximum 
injectable energy for a node. That means that hosting capacity is limited by thermal line 
loading limits, voltage limits, and the short-circuit ratio which limits the maximum capacity 
of a single generator that can be installed at the grid connection point. HC is a nodal property 
and technologically neutral as it depicts the maximum energy injection within the grid’s 
operational limits and does not respond to a specific technology’s generation profile. 

Several different definitions of HC are assessed in this work. They are denominated HC 
concepts. Table 6 provides an overview of the five different HC concepts under analysis and 
their characteristics in terms of tine granularity and reliability considerations. Within the 
concepts of HC, SHC refers to a fixed threshold of HC applied throughout all hours of the 
year, independent of the variability of RES availability and demand. DHC represents a 
relaxation of the time granularity restrictions, leading to a time-series definition of HC. As 
indicated in the table, SHC and DHC are assessed for two different types of reliability 
considerations. N-1 refers to defining the network configuration according to the asset 
failure resulting in the lowest value of HC. Optimal network reconfiguration is accounted for 
in case of N-1 contingencies as a means to guarantee security of supply. For SHC N-1, the 
assessment is performed over the worst-case hour considered. For DHC N-1, this translates 
to evaluating all N-1 asset failures over all hours considered for the time-series computation 
of HC. The lowest threshold is assigned hour by hour. This means that the final DHC N-1 curve 
is a result of various N-1 failures affecting different points of time throughout the evaluation 
horizon. In contrast to N-1, SHC N and DHC N consider all network assets operating under 
normal conditions, hence relaxing the reliability criterion for HC calculation. SHC N-1 is the 
definition of HC according to the Spanish regulation on HC calculation for generation [76]. 

Table 6: HC concepts assessed in Paper 4 

HC concept Time granularity Reliability considerations 

SHC N-1 Snapshot Deterministic worst-case N-1 

SHC N Snapshot - 

DHC N-1 Time-series Deterministic worst-case N-1 

DHC N Time-series - 

SDHC Time-series Probabilistic N-1 

 



 

Chapter 3. Increasing the use of the existing network 

 

32 

 

Both SHC N-1 and DHC N-1 represent conservative assumptions on the likelihood of 
asset failures by limiting the maximum injectable energy according to the most limiting N-1 
network outage. Security-aware dynamic hosting capacity (SDHC) is proposed in this 
research paper as a means to account for N-1 asset failures in a non-worst-case manner. 
Outages and the corresponding network configurations are considered according to their 
probabilities of occurrence. SDHC is derived by determining the DHC for each N-1 
contingency, accounting for the respective probability of occurrence of the N-1 contingency 
scenario according to the asset’s forced outage rate (FOR). While SDHC is represented as an 
hourly time-series in this case, the time granularity can be adjusted to the requirements of 
the study. SDHC is calculated according to Eq. 1, where ℎ represents the hour of the year, 𝑗𝑗 
represents the number of network assets accounted for SDHC calculation (i.e. all normally 
closed lines and transformers), and 𝑖𝑖 indexes the network component under N-1 
contingency. The definition of SDHC and the systematic comparison of relaxing time 
granularity restrictions (SHC vs DHC) or reliability constraints (N-1 vs N) with a common 
baseline based on a regulatory reference (SHC N-1) are contributions of this work.  

𝑆𝑆𝑆𝑆𝑆𝑆𝑆𝑆ℎ =  𝑆𝑆𝑆𝑆𝑆𝑆ℎ𝑁𝑁 ���1 − 𝐹𝐹𝐹𝐹𝐹𝐹𝑗𝑗�
𝑁𝑁

𝑗𝑗=1

� + � 𝑆𝑆𝑆𝑆𝑆𝑆ℎ,𝑖𝑖
𝑁𝑁−1 ∗

𝑖𝑖∈𝛺𝛺𝑁𝑁−1
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⎢
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𝑁𝑁

𝑗𝑗=1
𝑗𝑗≠𝑖𝑖 ⎦

⎥
⎥
⎥
⎤
 Eq. 1 

The HC concepts are assessed at three different nodes of the CIGRE benchmark MV 
network with DER [80], [81], [82]. The nodes are highlighted in yellow in Figure 13. Node 3 is 
selected due to its proximity to the external grid, node 5 due to its location downstream in 
feeder 1, and node 14 due to its location in feeder 2. In this case study, the grid’s operational 
limits are defined according to Spanish regulation, which aligns with UNE-EN 50160. 

 

Figure 13: Line diagram of the CIGRE benchmark MV network 
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For this representative case study, SHC N-1 and SHC N (Table 6) are determined for the 
reference scenario snapshot defined in Spanish regulation [76]. It requires load to be defined 
at the minimum observed simultaneous system demand. Pre-existing generators are 
considered at two different thresholds of their access capacity. Generators at the node under 
evaluation are considered at 100%, and generators at all other network nodes are considered 
at 90% of their granted access capacity. This scenario aims to assess a conservative snapshot 
of network operation to ensure the resulting SHC value is available under all possible 
operating conditions. 

All dynamic definitions of HC are evaluated with time consistency throughout the year. 
This allows to assess the impact of DHC on RES installations that will be performed in the 
following section. The HC curves are derived from the variability of load and the output of 
existing DG, namely wind and PV. Various yearly conditions of PV and wind resource 
availability are identified and employed combinatorically, i.e. every sample year of PV 
availability is evaluated against every sample year of wind availability due to often low 
correlations between PV and wind availability  [83], [84], [85]. Additionally, several years of 
load are considered in the evaluation. The annual curves are selected out of various historical 
curves. Load curves represent loads observed in the Spanish system [86]. Residential load is 
assumed to follow the low voltage load curves, while commercial demand is assumed to 
follow the tariff category 6.1A, representing MV consumers [87]. The RES availability curves 
are derived for a location in Almería, southern Spain [88], [89]. Selection criteria for the input 
curves of RES availability consider the correlations between the curves, capacity factors 
throughout the year, and full load hours, among others. Finally, the representative years 
account for three years of load, three years of PV availability and six years of wind availability. 
Wind is represented in more detail due to the randomness of the resource. The 
combinatorial analysis of dynamic HCs results in 3 load * 3 PV * 6 wind = 54 sample years to 
assess. This means that DHC N-1, DHC N and SDHC are determined for 54 annual time-series. 

The case study results are summarised in Figure 14. The results are presented as an 
annual injectable energy into the network node under evaluation without violating the grid’s 
operating limits. The energy injection in the SHC N-1 case is used as a baseline (100%). The 
figure points out the potential of relaxing the N-1 contingency criteria for calculating SHC. 
SHC N yields a noticeable increase in injectable energy at nodes 5 and 14. The impact of 
relaxing the reliability criterion (SHC N-1 vs SHC N) is not noticeable at node 3 as optimal 
reconfiguration allows to cover loads surrounding the node. 

Furthermore, the figure points out the significant increase in injectable energy when 
comparing DHC to SHC. Even the deterministic consideration of hourly worst-case N-1 DHC 
leads to an increase of annual injectable energy of at least 19%. SDHC does not show a 
significant variation from DHC N. This is due to the low FORs of the network under analysis. 
The MV CIGRE benchmark network consists of mainly underground lines of short length (< 
5km), decreasing the probability of asset failures. The variation between SDHC and DHC N is 
below 0.1% at all three HC evaluation nodes. Consequently, compared to the N-1 restricted 
SHC, SDHC allows for additional injectable energy of 62%, 67%, and 76% at nodes 3, 5 and 
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14, respectively (i.e. the same values observed for DHC). These values point out that N-1 
contingencies do not significantly affect DHC due to low FORs of the network under analysis. 

 

Figure 14: Increase of injectable energy for the different HC concepts 

The assessment of alternative HC concepts with a relaxation of the time granularity or 
the deterministic reliability restrictions has shown the potential hosting capacity available in 
existing electricity networks without requiring lengthy reinforcement. A HC concept that 
allows for the probabilistic consideration of N-1 asset failures is proposed.  

Relaxing the deterministic worst-case N-1 reliability criteria for HC calculation and 
moving to SHC N allows for a notable increase of up to 50% of injectable energy. The dynamic 
definition of HC allows for a further increase in the injectable energy to 62% to 76% 
compared to the regulatory baseline of SHC N-1. The difference between DHC N and SDHC 
is insignificant due to the low forced outage rates of the network under analysis. 

In the following section, these technologically neutral conclusions on HC from network 
perspective are complemented with an assessment of employing RES to exploit the 
additional HC available when relaxing calculation criteria. The approach seeks to maximise a 
RES investor’s worst-case profits by optimising the generation capacity installed at a network 
node with a given HC. 

This work contributes 

• The definition of security-aware dynamic hosting capacity to account for 
network contingencies' probabilities impact on DHC. 

• A technologically neutral evaluation of a network node’s HC. 
• A systematic comparison of static and dynamic HC concepts with a common 

baseline defined via regulatory criteria. 
• A quantification of the potential of relaxing hosting capacity calculation criteria 

for unlocking significant amounts of existing electricity grid hosting capacity. 

Associated contributions 

The investigation associated with the presented methodology is detailed in the research 
paper "A security-aware dynamic hosting capacity approach to enhance the integration of 
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renewable generation in distribution networks", published in the International Journal of 
Electrical Power & Energy Systems (Q1). The paper is annexed in 7.4. 

It can be cited as: 

L. Herding, L. Carvalho, R. Cossent, and M. Rivier, A security-aware dynamic hosting 
capacity approach to enhance the integration of renewable generation in distribution 
networks, International Journal of Electrical Power & Energy Systems, vol. 161, pp. 110210-1 
- 110210-13, October 2024. [Online: September 2024], doi: 10.1016/j.ijepes.2024.110210. 

3.2 Optimal local RES capacity investment decisions under flexible HC 
definitions  

Section 3.1 has shown that significantly more energy could be potentially injected into 
electricity distribution networks if regulation allowed to relax HC calculation criteria and 
moving towards flexible connections (Table 5). In the following step, it needs to be 
determined whether this increase in injectable energy would actually translate into an 
increase in installed RES capacity and how much of the injectable potential would be 
materialized in practice. This assessment considers the profit-maximisation perspective of a 
potential investor in RES capacity [55]. The methodology is denominated “Optimal local RES 
capacity investment decisions” in reference to the optimisation of RES capacity downstream 
of the grid connection point 

The RES capacity investment planning methodology under uncertainty is composed of 
several optimisation steps. The methodology is summarised in Figure 15 and will be 
described in more detail throughout this section. The figure presents a flowchart of the local 
RES capacity investment planning process and summarises the inputs, calculation steps and 
results. Further, the number of scenarios managed in each methodology step is included in 
the figure.  
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Figure 15: Flowchart of the local RES capacity investment planning process 

As a first step, Optimal Power Flow (OPF) is employed to derive a node's HC, as detailed 
in 3.1. As presented previously, the HC result depends on load and RES variability, 
represented via input curves. The analysis is combinatorial, leading to m = d*p*w HC results. 
The OPF analysis is carried out for four of the five different concepts of HC introduced in 3.1. 
SDHC is not explicitly modelled due to the insignificance of the variations from DHC N. 

The HC output from the OPF assessment is input to an investment model that optimises 
the renewable capacity installed for each HC definition [54]. At this stage, the number of 
scenarios is enhanced to n scenarios due to the consideration of additional input 
representing market prices. As an output, the model provides one investment candidate 
portfolio (ICP) for each of the n scenarios. In this work, the term portfolio describes the 
generation capacity installed downstream of the grid interconnection point. A portfolio may 
consist of a technology mix of PV, wind and battery capacity if deemed optimal by the 
investment model. The n different ICPs describe the portfolios that make the optimal 
decision for each of the n scenarios and the corresponding RES availability, HC, and market 
prices. 

The investment model considers both investments and operation and maintenance 
(O&M) costs. Eq. 2 provides the profit maximisation objective function of the resulting model 
for generation capacity optimisation. The optimal capacity is a result of the hourly (indexed 
with h) energy injection E_injh and its remuneration Remh, as well as the investment (Inv) and 
O&M costs for the capacity P of each technology, indexed with t. The investment model is a 
contribution of this thesis. 
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max ��(E_injh*Remh) −�(Pt*Invt)  
th

−�(Pt*𝐹𝐹&𝑀𝑀t) 
t

� Eq. 2 

The restriction under analysis in this work is the hourly energy injection, which is limited 
by HC (Eq. 3). In the case of DHC, HC takes on the corresponding hourly values. In the case 
of SHC, the threshold is fixed by a static value throughout all hours of the year.  

E_injh ≤ HCh Eq. 3 

Hourly energy injection depends not only on HC but also on the energy available E_inj, 
as shown in Eq. 4. The latter is a direct result of the PV and wind capacity installed, their 
respective availability curves, and the use of the 4h batteries if the model opts for them. 
Available energy may be subject to curtailment (E_curt) to ensure that injected energy does 
not surpass HC. 

E_injh = �  E_availt,h −  E_curth
𝑡𝑡

 Eq. 4 

The hourly remuneration Remh per unit of injected energy (EUR/MWh) is modelled 
according to the remuneration method used in RES auction schemes (Eq. 5), given that a 
significant part of renewables is remunerated via that scheme [90]. The remuneration is 
determined as a combination of the RES auction clearing price CP and the hourly market 
price MPh. Those two values are coupled via a coupling coefficient CC, as employed in the 
Spanish auction design [91]. This adjustment allows for limited exposure to market volatility 
while providing certainty for the portfolio's remuneration. 

Remh =  𝑆𝑆P + 𝑆𝑆𝑆𝑆 ∗ (MPh −  𝑆𝑆P)  Eq. 5 

For an optimal investment decision, each of the n ICPs needs to be assessed throughout 
different scenarios of changing operating conditions, i.e. RES and HC availability and market 
prices. Each ICP is assessed throughout the remaining scenarios in this evaluation. As shown 
in Figure 15, the operational assessment provides the ICPs' profits throughout all n scenarios, 
allowing to determine the average profits and CVaR of each ICP. These outputs represent the 
ICPs' performances in various scenarios of grid and market conditions.  

Table 7 shows the scheme of the operational evaluation. The second line shows that a 
total of n ICPs are derived with the investment model. Those ICPs are subject to the input 
curves of RES and HC availability and remuneration considered for the annual computation 
of the investment model and represent the optimal investment decision for those inputs. 
Each ICP’s operational performance is assessed throughout all other years of RES and HC 
availability and remuneration to determine the optimal ICP. This can be read column-wise 
from the table. For example, the first column shows that the ICP obtained from the first 
combination of input curves is fixed (ICP1), and profits are assessed with all other 
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combinations of input curves (Op1,1 to Op1,n). The evaluation is repeated for each of the n 
ICPs to determine which yields the best performance throughout the variety of input years. 

Table 7: Operational evaluation scheme for comparing capacity investment candidate 
portfolios 

 Candidate portfolio 

 ICP1 … … … ICP n 
O

pe
ra

tio
na

l 
ev

al
ua

tio
n 

Op1,1 … … … Opn,1 

… … … … … 

… … … … … 

Op1,n … … … Opn,n 

The results of the operational evaluation allow to determine the optimal ICP for local 
RES capacity investment. The investment decision is made with the help of Conditional Value-
at-Risk (CVaR) [92]. CVaR is often employed to determine an optimal portfolio with minimum 
worst-case losses. It is an evolution of Value-at-Risk (VaR). Contrary to VaR, CVaR does not 
just refer to one specific point at the probability distribution function (PDF) of losses but 
describes the interval of all loss values observed below the threshold of VaR. It allows to 
provide a more risk-aware representation of the worst-case losses of a portfolio. In this work, 
CVaR is applied to the profits of the candidate portfolios. Consequently, the optimal ICP is 
the one that yields the maximum value of CVaR since CVaR presents worst-case profits. 
Identifying the optimal combination of RES generation technologies to respond to 
uncertainty regarding resource availability, HC, and remuneration is a contribution of this 
work. 

The local RES capacity investment planning methodology under uncertainty is carried 
out independently for the HC concepts proposed in Table 6, except for SDHC, as mentioned 
previously. Further, the optimal generation capacity is determined once for non-hybrid and 
once for hybrid RES capacity mixes. The HC curve input is represented by the 54 sample years 
of DHC N-1 and DHC N derived from the combinatorial analysis of PV, wind and load curves 
presented in 3.1. Each DHC is assessed with the corresponding availability curve of PV and 
wind to guarantee the coherence of the observed HC throughout a year and the availability 
of the DG unit to be optimised in this step. Additionally, a total of five different years of hourly 
market prices are assessed to analyse the impact of uncertain market prices on optimal RES 
generation capacity mixes. The last five years (s = 5) of Spanish SPOT market prices are 
evaluated in this analysis [86]. The clearing price is set to 60 EUR/MWh according to historical 
results throughout Europe [93], and the coupling coefficient is set to 5% according to 
previous Spanish auctions [94]. A sensitivity analysis is performed to assess a lower clearing 
price (CP = 40 EUR/MWh), as Spanish auction results have been reported to be below 37 
EUR/MWh. Additionally, sensitivities assess and coupling coefficients of 25%, 50%, 75% and 
100%. A CC 
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The investment model is run year by year, resulting in n = 54 * 5 = 270 different ICPs, 
each one the optimal result for one sample year. The profits of the 270 operational results 
for each ICP offer sufficient data points for CVaR analysis. CVaR is determined for the worst-
case profits at the 5% cut-off of the profit PDF.  

Local RES capacity investment planning is carried out for the three nodes of the CIGRE 
MV benchmark network which were assessed in the HC study in 3.1. Figure 16 shows the 
results of the operational valuation of the four HC concepts under assessment for node 5. 
NH and H represent the results for the non-hybrid and the hybrid capacity expansions, 
respectively. The figure plots the CVaR results over the average profits for the 270 candidate 
portfolios within each case of HC and hybridisation. The relation between CVaR and average 
profits is linear. This means that the ICP which yields maximum CVaR is the same which leads 
to maximum average profits. This linearity is due to the low exposure to volatile market prices 
as the coupling coefficient is 5%. The CC sensitivities show that the ICP resulting in maximum 
CVaR is no longer the same as the ICP resulting in maximum average profits at increasing 
exposure to market volatilities. At CCs > 25%, the optimal investment decision is impacted 
by the risk-aversion or risk-prone attitude of the investor. 

Furthermore, Figure 16 shows that the impact of moving from N-1 to N reliability 
criteria for HC calculation on CVaR and average profits is more pronounced than the impact 
of hybridisation. Combining hybridisation and DHC (i.e. DHC N H) allows for a significant 
increase in CVaR and average profits compared to SHC N-1 NH. 

 

Figure 16: Operational evaluation of HC concepts and hybridisation 

The assessment shown in Figure 16 allows to determine the optimal ICP for each HC 
and hybridisation case according to maximum CVaR and average profits. The results of the 
investment decision are summarised in Figure 17. No battery capacity is installed due to the 
magnitude of CAPEX. The relaxation of HC calculation criteria significantly impacts installed 
capacities and energy injection, increasing profits and CVaR, as observed in Figure 16. DHC 
N NH leads to a 65% increase in installed capacity and energy injection compared to SHC N-
1 NH. CVaR and average annual profits are increased by 62% and 64%, respectively. Relaxing 
only the reliability constraint but not the time granularity constraint (i.e. SHC N NH) increases 
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all indicators under evaluation by 35%. These increases from SHC N-1 align with the increases 
in injectable energy derived from the node's HC (Figure 14). 

When accounting for hybridisation, the previous findings are amplified due to the 
complementarity of PV and wind profiles to maximise the use of available network hosting 
capacity. DHC N H leads to a 127% increase in installed capacity compared to SHC N-1 NH. 
The average annual energy injection increases by 86%, and CVaR and average annual profits 
increased by 77% and 73%, respectively. Even without relaxing the time constraint, the 
increase is notable. SHC N H shows an 81% increase in installed capacity and 51% additional 
average annual energy injection compared to SHC N-1 NH. CVaR and average profits are 
increased by 45% and 41%, respectively.  

 

Figure 17: Optimal generation portfolio investment decisions for the HC concepts and 
hybridisation 

The analysis and conclusions are enhanced by several sensitivity analyses regarding the 
network node, the clearing price, and the coupling coefficient. Detailed results can be found 
in the paper. The sensitivities to the network node and the clearing price show that the 
increases in profits from SHC N-1 to alternative HC concepts are in the order of magnitude 
of the increases of injectable energy observed in the HC assessment (Figure 14). The CC 
sensitivity assessment shows that, for sensitivities at CC ≥ 50%, CVaR and average profits are 
no longer in a linear relationship. In these cases, the ICP with the maximum CVaR is no longer 
the same ICP yielding maximum average profits. Figure 18 shows that observation for the 
sensitivity of a CC of 75%. The figure shows the operational evaluation of the ICPs derived 
for DHC N H.  

The results of the sensitivity indicate the existence of a Pareto front that supports the 
identification of the optimal investment decision. The ICPs on the Pareto front are 
characterised by the fact that there is no other ICP which shows higher CVaR and average 
profits. Of the 270 ICPs subject to the operational evaluation, 54 ICPs form the Pareto front. 
CVaR of the ICPs on the Pareto front ranges from 0.064 MEUR/yr to 0.162 MEUR/yr (+157% 
from the minimum CVaR), and average profits range from 0.983 MEUR/yr to 1.132 MEUR/yr 
(+15% from the minimum average profits). Further, the ICPs on the Pareto front can be 
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grouped into three groups similar in CVaR and average profits, as supported by the 
visualisation in Figure 18. 

In cases such as the one at hand, the final investment decision depends on the risk-
aversion or risk-prone attitude of the investor. A more risk-averse investor would opt for an 
ICP of group 1, as the ICPs have the highest CVaR and the lowest investment requirements, 
i.e. capital at risk. Installing more capacity means moving towards ICP group 3, which reduces 
CVaR, but maximises average profits. A more risk-prone investor might opt for an investment 
decision in ICP group 2. This group is characterised by intermediate values of CVaR and 
average profits. The average profits of group 3 almost reach the maximum average profits of 
the ICPs on the Pareto front while maintaining CVaR at a higher level.  

The analysis of the CC sensitivity highlights the contribution of the CVaR method for 
determining an optimal local RES capacity investment decision while accounting for risk. 
Investment decisions based on average profits alone would have resulted in a higher total 
investment. 

 

Figure 18: Operational evaluation at CC = 75% 

This paper proposes a methodology to account for a RES generation capacity investor’s 
perspective on the ongoing discussion of a more efficient use of existing electricity 
distribution networks required for a successful energy transition. A cascade methodology is 
employed to point out how a more flexible definition of hosting capacity and the 
hybridisation of PV and wind energy can help increase the use of existing network capacity. 
This work shows that, despite increased uncertainty, DHC is of interest to RES investors. All 
proposed HC concepts show an increase in installed capacity and profits from the regulatory 
HC criterion. The corresponding increase in injected energy underlines the relevance of the 
HC concepts in speeding up the energy transition by enhancing the use of existing electricity 
distribution grids without endangering a safe network operation. Further, a sensitivity 
analysis highlights the strengths of the CVaR method for determining the optimal RES 
capacity investment under uncertainty. 
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This work contributes 

• A methodology for local RES generation capacity portfolio optimisation under 
uncertainty of RES and HC availability and market prices which allows to adjust 
to different levels of risk adversity from a RES investor perspective. 

• The development of a RES capacity investment optimisation model specifically 
adapted to the context of the analyses of the different HC concepts carried out 
in this thesis. 

• An impact quantification of measures to increase the use of existing electricity 
distribution network capacity, namely hybridisation and HC calculation 
relaxation. 

• A sensitivity analysis to enhance the robustness of the conclusions. 

Associated contributions 

The investigation associated with the presented methodology is detailed in the research 
paper "Local renewable capacity investment planning under distribution grid hosting capacity 
uncertainty via Conditional Value-at-Risk", currently available as working paper here. The 
paper is annexed in 7.5. 

 

Furthermore, part of this work was presented at the 2023 IEEE Belgrade PowerTech 
under the title "Enhancing RES Grid Connection via Dynamic Hosting Capacity and 
Hybridization". The paper is annexed in 7.6. 

It can be cited as: 

L. Herding, R. Cossent, and M. Rivier, 'Enhancing RES Grid Connection via Dynamic 
Hosting Capacity and Hybridization', presented at the 2023 IEEE Belgrade PowerTech, 
Belgrade, Serbia: IEEE, 2023. doi: 10.1109/PowerTech55446.2023.10202726 

 

https://www.iit.comillas.edu/publicacion/workingpaper/en/531/Renewable_capacity_investment_planning_under_distribution_grid_hosting_capacity_uncertainty_via_Conditional_Value-at-Risk
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4 RECOMMENDATIONS FOR 
SPEEDING UP RES ELECTRICITY 

GRID INTEGRATION 

The research presented in this thesis is highly relevant in the current regulatory context 
of preparing electricity grids for the energy transition, highlighted in 1.1. Hence, the lessons 
learned throughout the research allow to draw high-level conclusions on mechanisms that 
can help foster a rapid and efficient electricity grid integration of RES and DER. These 
recommendations are presented throughout the remainder of this section. 

The contributions of the first research line (Chapter 2) highlight the economic benefits 
of fostering the development of electricity systems with high shares of RES to decrease the 
system costs to be borne by society. The results presented in sections 2.1 and 2.2 show that 
the reduction of operating costs of thermal generation plants compensates for the increase 
of electricity grid reinforcement requirements even in electricity systems with noticeable 
pre-existing bottlenecks, making high-RES electricity systems an economically attractive 
option for society. 

These findings show that the increased investment in electricity grids is required for a 
future energy system with lower annual costs. The availability of electricity grids is crucial to 
harvest the benefits of RES. SOs should be encouraged to prepare their grid for integrating 
future RES and DER. For this, they should be allowed to recur to anticipatory investments 
required for an efficient connection of future resources, as recommended by the European 
Commission [39]. Preparing the grid ahead of time allows to reduce the denials of future 
connection requests triggered by a lack of available grid capacity and can help mitigate 
connection queues at grid nodes where grid reinforcement is ongoing.  

Further, SOs investment plans should account for the uncertainty of the geographical 
allocation of future RES capacity as well as account for the fact that not all installations that 
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request electricity grid access will finally enter operation. This requires a shift from traditional 
investment planning involving a single scenario of future RES and loads [95], towards 
considering several possible geographical allocation scenarios and their probabilities. The 
work presented in Section 2.2 has shown the impact of different geographical allocation 
scenarios on the resulting reinforcement requirements of electricity networks. 

The combination of multiple-scenario-based investment planning and anticipatory 
investments represents a means to prepare electricity grids for significant capacity additions 
ahead of time at a reasonable cost. Introducing multiple-scenario-based electricity grid 
planning in the context of anticipatory investment reduces the probability and magnitude of 
misinvestment due to scenario errors. Misinvestments are still likely to occur but to a 
reduced degree. However, this work has highlighted that the available OPEX reduction more 
than compensates for the increase of CAPEX in high-RES systems. Minor increases in 
investment costs are still expected to be outweighed by the operating cost reduction. 
Further, the magnitudes of CAPEX requirements in Chapter 2 are based on conservative 
assumptions and likely overestimate CAPEX requirements, further increasing the saving 
potential of high-RES systems.  

Apart from allowing SOs to anticipate the investment requirements, regulators should 
address the guidelines on how available grid capacity is calculated. Chapter 3 of this work 
shows the potential of unlocking distribution system hosting capacity by relaxing the time 
granularity and reliability considerations. The findings support EU Directive 2019/944 on the 
potential of flexible electricity grid connection agreements [46]. The Directive calls for the 
implementation of temporary flexible connections. The results of Section 3.2 highlight the 
potential of flexible HC to increase local RES capacity investments. The availability of flexible 
connections increases the capacity installed with a profit-maximisation approach. This 
finding highlights the potential of flexible connections, even in permanent schemes in areas 
where grid reinforcement is not an option.  

The analyses presented in sections 3.1 and 3.2 contribute to the understanding of 
flexible distribution grid connections. National Regulatory Authorities need to update the 
regulatory HC calculation criteria to move away from restrictive firm electricity grid access. 
In the process, DSOs will require regulatory security to ensure that no penalisations will result 
from the implementation of interruptible connections. Currently, customers might be 
eligible for compensation when facing curtailments. Further, the metrics of security of supply 
need to account for the difference of curtailments of customers with flexible connections 
and those with firm connections. 

Implementing flexible connections could occur as a capacity assigned with non-firm 
access complementing a firm capacity. Spanish regulation foresees the co-existence of both 
concepts [96]. Besides the co-existence of firm and non-firm network access, a flexible 
connection is always voluntary for the connection-seeker. The optionality is important for 
connection-seekers to understand the benefits of flexible connections. Small customers, 
especially, might prefer a firm access scheme due to the enhanced certainty of grid access 
availability. DSOs should be required to respond to a connection request with information 
on the different grid access options available at the connection node. This allows connection-
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seekers to understand the difference in connection costs and time of firm and flexible 
connections. In the case of temporary flexible connections, as required by EU Directive 
2019/944 [46], the connection-seeker needs to be made aware of the estimated time to 
complete the necessary reinforcements.  

The research on the second research line has further quantified the potential of the 
local hybridisation of RES. The case study in Section 3.2 shows that the hybridisation behind 
the grid connection point can significantly increase the use of the existing electricity network. 
The impact is amplified in combination with the relaxation of HC calculation criteria. From a 
system perspective, maximising energy injection does not represent a risk to the safe 
network operation as long as the maximum injectable energy is not surpassed at the grid 
connection point. 

The combination of the research lines selected for this thesis allows to develop 
meaningful recommendations on preparing electricity grids for the energy transition. The 
regulatory recommendations are summarised below: 

R1. Allow SOs to perform anticipatory electricity grid investments. 
R2. Require SOs to perform investments based on an analysis of different scenarios 

rather than on one deterministic assessment. The scenarios should tackle 
different placements of future RES assets. 

R3. Implement flexible electricity grid connections, optional for the connection-
seeker. 

R4. Provide regulatory security to DSOs regarding the current considerations of 
security of supply which do not allow for interruptible connections without 
penalisations. 

R5. In the absence of sufficient firm access capacity, require DSOs to respond to 
connection requests with the different connection options (i.e. firm and 
flexible) and the involved connection costs and time. 

R6. Eliminate regulatory barriers limiting the local hybridisation of different RES 
generation technologies downstream of the grid connection point, as long as 
the energy injection does not surpass HC. 
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5 CONCLUSIONS, CONTRIBUTIONS 
AND FUTURE RESEARCH 

5.1 Conclusions 

This thesis aims to contribute to the global ambition of decarbonising the energy 
system. It focuses on the electricity grid of the future as a backbone to integrate vast 
quantities of renewable energy sources and transport the generated electricity to load 
centres which are growing due to electrification. With the definition of two research lines, 
this thesis has quantified the electricity grid reinforcement costs for integrating high RES and 
DER shares into electricity transmission and distribution grids. It has quantified the potential 
of enhancing the usage of existing electricity networks via the relaxation of hosting capacity 
calculation criteria and hybridisation of RES. By doing so, this thesis has raised research 
questions which have been presented in 1.2 and are addressed in the following. Answering 
those research questions has allowed to address the objectives of both research lines. They 
will be pointed out in the course of this section. 

A) Do RES-driven electricity grid investment requirements outweigh the benefits of high RES 
future pathways? 

This thesis has assessed RES network integration on the electricity transmission and the 
distribution level (Obj. 1). A methodology for assessing the incremental impact of high RES 
pathways compared to those where no new RES capacity is installed is developed. Papers 1 
and 2 of this thesis employ this methodology on two different electricity grids and show that 
the CAPEX-intensity of high-RES pathways due to increased generation capacity and 
electricity grid investment requirements is outweighed by the OPEX reduction due to 
decreased fuel usage and emissions. By doing so, energy systems with high RES participation 
represent a more economical alternative despite an initial increase in investment costs. Even 
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in transmission systems with significant existing bottlenecks, the OPEX reduction in the high 
RES scenarios represents 140% of the CAPEX increase. Furthermore, electricity grid 
reinforcement costs represent less than 10% of the total CAPEX requirements for 
decarbonising the energy sector. This finding holds even in strongly congested networks with 
high needs for new transmission assets to connect resource-rich areas with load centres.  

B) How do different RES dispersions within the grid influence the magnitude of electricity 
transmission grid reinforcement requirements for integrating RES? 

This thesis has further assessed the impact of RES dispersion on the reinforcement 
requirements of two large-scale electricity transmission networks with a notably different 
geographical distribution of resource availability and load (Obj. 2). In Paper 2, RES dispersion 
is assessed independently in terms of geographical allocation of new resources and the 
voltage level they connect to. The analysis shows that large distances between resource 
availability and load centres aggravate existing grid bottlenecks and more than double 
transmission grid reinforcement requirements. The work further shows that increasing the 
participation of DG in the electricity mix is a measure that moves RES generation capacity 
from remote, resource-rich areas towards existing distribution networks that are closer to 
demand. This shift reduces the need for more transmission assets, especially in networks 
with pre-existing bottlenecks. The avoided transmission grid reinforcement via DG is 
quantified at up to 30% compared to the base case without DG. 

C) What are the distribution grid reinforcements for a nationwide integration of DER? 

This thesis has contributed to the understanding of challenges faced by the distribution 
grid when integrating DER by proposing a large-scale model for estimating reinforcement 
requirements with a geographical resolution of LAU (Obj. 3). A Spanish case study in Paper 3 
shows that distribution grids may face a geographical misalignment between DG and load 
electrification, highlighting the need for regulatory design that accommodates the challenges 
faced in both cases. The case study shows that existing electricity grid hosting capacity 
cannot be efficiently used due to a geographical misalignment of available grid capacity and 
the allocation of future utility-scale DG. Furthermore, a sensitivity on load simultaneity 
factors shows that distribution grid reinforcement need might more than double at 
increasing simultaneity factors, thus pointing out the importance of the efficient 
management of future loads for maintaining distribution grid costs at a reasonable 
magnitude. 

D) Can flexible connections and RES hybridisation help maximise the use of existing electricity 
grids? 

This thesis evaluates two mechanisms for increasing the use of existing electricity grids: 
flexible connections and hybridising different renewable generation technologies to exploit 
the complementarity of PV and wind resource availability. An investment model is developed 
to assess the optimal capacity installed under various definitions of a network node's hosting 
capacity. The model allows to contrast hybridised generation capacity expansion with non-
hybridised expansion for the same hosting capacity and is presented as a conference 
contribution (Obj. 5).  
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E) How much electricity network hosting capacity can be unlocked via the relaxation of 
calculation criteria? 

Flexible connections are first evaluated from a network perspective, showing the 
additional energy that can be injected into the grid's nodes when allowing for a relaxation of 
HC calculation criteria (Obj. 4). The analysis is presented in Paper 4. The evaluation of 
injectable energy expresses the maximum energy a node can absorb without violating the 
grid’s operating limits and is technologically neutral. Static hosting capacity is calculated 
according to the Spanish regulatory requirements. Those requirements limit SHC to the most 
restrictive N-1 asset outage, applied to a scenario of minimum load and maximum output of 
existing generation. In contrast, dynamic hosting capacity is derived from the hourly 
operation of the network and is subject to the variability of load and the output of existing 
DG. The injectable energy is found to increase by 50% under dynamic definitions of hosting 
capacity.  

Additionally, this thesis proposes the concept of security-aware dynamic hosting 
capacity, which allows DHC to account for electricity network asset failures. For SDHC, the N-
1 outages of all existing network assets are considered according to their probability. SDHC 
does not yield significant variations of injectable energy when compared to DHC. This is due 
to the low probabilities of N-1 outages and highlights how severely the conservative 
regulatory requirements for calculating a node’s HC limit the usage of the existing networks. 

F) How do flexible connections and hybridisation affect the investment decisions regarding 
new RES capacity? 

The aforementioned investment model is enhanced to perform RES capacity 
investment optimisation from an investor's point of view of profit maximisation (Obj. 6). The 
various definitions of HC are assessed once for a single technology and once when allowing 
for hybridisation. The optimal generation capacity is determined with the help of Conditional 
Value-at-Risk of the profits of several candidate portfolios in Paper 5. The results show that 
both CVaR and expected average profits are increased under dynamic definitions of hosting 
capacity as well as via hybridisation, making them attractive from a RES investor's point of 
view. This leads to an increase of installed capacity and, consequently, of energy injection 
into the electricity grid. The relaxation of HC calculation criteria increases installed capacity 
by up to 65%. When combined with the hybridisation of PV and wind, installed capacity is 
increased by up to 127%. 

At low exposures to market prices, the relation between CVaR and average profits is 
linear. However, at increasing coupling coefficients to volatile market prices, CVaR and 
average profits are no longer in a linear relationship, which complicates the optimal 
investment decision depending on the investor’s risk-aversion or risk-prone attitude. Still, 
installed capacities and energy injection are significantly increased with the help of the 
relaxation of HC calculation criteria and hybridisation, underlining the relevance of both 
measures for enhancing the use of existing electricity networks. This work further presents 
an approach for selecting the most suitable candidate portfolio depending on the risk-
adversity of an investor, as demonstrated via a sensitivity analysis. 
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This thesis contributes to the field of electricity network connection of renewable 
energy generation. It has demonstrated that the economic order of magnitude of required 
grid reinforcement does not represent an impediment to the energy transition. Even though 
the costs do not seem to jeopardise the energy transition, grid expansion and connection 
times have been identified to represent a bottleneck to the efficient connection of new 
generation assets and loads. Flexible connections and the hybridisation of renewable 
technologies behind the grid connection point are identified as two different ways to 
enhance the usage of existing networks. The contributions of this thesis quantify the 
potential of both for increasing the hosting capacity of the existing networks and for 
improving the attractiveness of investing in renewable generation assets, seeking to speed 
up the energy transition through a rapid rollout of renewable energy sources. A detailed list 
of contributions to both research lines is provided in 5.2.  

5.2 Contributions 

Based on the objectives presented in 1.2, this thesis has contributed to the two research 
lines of assessing electricity grid reinforcement costs and evaluating the enhancement of the 
use of the existing network. The contributions to each of the research lines are listed in the 
following: 

I. Assessment of electricity grid reinforcement costs  
C1. Development of a methodology to assess the incremental transmission, 

distribution and connection costs for high-RES future pathways compared to low-
RES futures (Paper 1). 

C2. Application of the methodology to two large-scale realistic systems with notably 
different RES and load dispersion (Paper 2). 

C3. Demonstration that the CAPEX intensity of high-RES pathways is more than 
compensated by the reduction of OPEX compared to low-RES pathways on two 
large-scale systems (Paper 1, Paper 2). 

C4. Systematic comparison of the impact of various RES dispersion factors on 
transmission grid reinforcement via sensitivity analysis with a common base case 
scenario (Paper 1, Paper 2). 

C5. Development of a large-scale distribution grid cost estimation model to assess 
the grid requirements for integrating DER with a geographical resolution of LAU 
(Paper 3). 

C6. Demonstration that the geographical allocation of future DG capacities might be 
misaligned with the allocation of load growth due to household electrification 
(Paper 3).  
 

II. Increasing the use of the existing electricity network 
C7. Development of the concept of security-aware dynamic hosting capacity to 

account for RES and load variability as well as network asset failures when 
computing a network node's HC (Paper 4). 
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C8. Quantifying additional injectable energy at dynamic definitions of hosting 
capacity, compared to static hosting capacity derived via regulatory criteria 
(Paper 4). 

C9. Development of an investment model to determine the optimal DG capacity to 
be installed for the different definitions of HC (Conference Paper, Paper 5).  

C10. Assessment of the impact of hybridisation on efficiently using available HC under 
the intermittent nature of RES (Conference Paper, Paper 5). 

C11. Quantification of the impact of the different HC concepts and hybridisation on 
optimal RES capacity investments from a profit-maximisation point of view 
(Paper 5). 

C12. Demonstration that dynamic definitions of HC are desirable from both network 
and profit-maximising RES promoter perspectives (Paper 4, Paper 5). 

Further, the joint assessment of both research lines presented in this thesis has allowed 
to formulate regulatory recommendations in response to the current situation of preparing 
electricity networks for the energy transition. 

5.3 Future research 

This thesis has shown that future energy systems with high RES participation are of 
interest not just from an environmental point of view but that, as of today, they already offer 
a cheaper alternative to fossil-fuel-based energy systems. This work has contributed to the 
matter of RES electricity grid connection, showing that the connection time rather than the 
costs represent a bottleneck for the energy transition and quantifying the impact of HC 
enhancement via the relaxation of calculation criteria and hybridisation.  

Still, some topics of interest for future research can be identified for both research lines. 
A non-exhaustive list of future research topics includes: 

I. Assessment of electricity grid reinforcement costs  
• Transmission grid modelling has been carried out on isolated synthetic 

transmission networks. As stated in this thesis, large-distance interconnection 
is a means to help smooth out the effect of RES variability. Hence, the 
implementation of interconnections into the modelling methodology is of 
interest for future research.  

• The distribution cost estimation model presented in Paper 3 addresses the 
impact of DER integration into distribution networks. There are other new 
demand sectors which have not been included in neither the transmission nor 
the distribution modelling. Some examples are: a large-scale rollout of storage, 
the ramp-up of the hydrogen sector, and the electrification of industrial energy 
consumption. 

• The DISCOMET proposed in this thesis addresses DER and prosumer 
installations at the LV level. Topics such as industrial electrification, industrial 
or commercial self-consumption, and the impact of EV charging infrastructure 
have been out of the scope of the model development. However, the effect of 
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these new energy vectors on electricity distribution grids needs to be assessed 
to provide a holistic view of distribution grid reinforcement requirements for 
the energy transition. 

• The distribution expansion unit cost catalogue employed in DISCOMET has a 
high geographical resolution to express that costs cannot be expected to be the 
same in the different distribution networks throughout the territory. However, 
a simplification in terms of voltage levels needed to be performed to ensure 
sufficient data availability for the extrapolation to the rest of the territory. A 
disaggregation of costs for MV and HV should be performed in future research 
to efficiently capture the difference in costs incurred for reinforcing electricity 
grid assets at different voltage levels. 
 

II. Evaluate the enhancement of the use of existing electricity grids 
• The HC study performed for Paper 4 has shown that network contingencies have 

such a low probability of occurrence that the security-aware dynamic hosting 
capacity does not deviate from the DHC which does not account for any asset 
failures. An interesting piece of future work should assess the replicability of 
these findings and the generalisability of the results. Networks with a meshed 
topology as well as grids with higher FORs (i.e. more overhead lines and longer 
lines) are of interest.  

• All HC concepts are assessed as nodal HC for one network node at a time. The 
implementation of flexible connections, however, would lead to generators 
being connected under a flexible access scheme throughout the whole network. 
The question of assessing several nodes’ flexible HC, i.e. how to calculate HC with 
pre-existing flexible connections, needs to be addressed prior to a regulatory 
implementation of the relaxation of HC calculation criteria. 

• The DHC study is performed on a radially operated MV system with 15 nodes. 
The scalability of the methodology to bigger networks and networks with 
meshed operation is of interest for future research. 

• This same DHC study employs 54 sample years to assess hosting capacity under 
the influence of the variability of RES output and load. The modelling process 
involved the detailed modelling of all sample years with hourly resolution. A 
systematic application of this method to all nodes of an electricity distribution 
grid requires a feasible scalability of the methodology. A comparison of the 
hosting capacity results with those obtained via other methods, such as Monte 
Carlo Simulation (MCS) study could be of interest. MCS is often used in studies 
that involve time series subject to uncertainty. 

• The last paper of this thesis evaluates optimal RES capacity investments under 
different definitions of a network node's hosting capacity. Future work should 
tackle the regulatory aspects of introducing flexible connections. Connection-
seekers could be presented with the choice of a firm connection with a low 
hosting capacity (SHC N-1) or a higher hosting capacity subject to uncertainty 
(DHC N). Paying for the reinforcement could also be an option. Hence, 
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connection-seekers could be presented with a menu of contracts from the DSO 
when requesting access to a network node (see 4). This would allow for 
individual choices based on aspects such as risk-adversity. 

• Papers 4 & 5 have assessed flexible connections and hybridisation to enhance 
RES's integration into existing electricity grids. However, there are other HC 
enhancement techniques which have been out of scope for this thesis. Those 
mechanisms include, among others, voltage control, dynamic line rating and 
demand-side-management. The impact of different methods on enhancing 
hosting capacity is an interesting field of future research. The role of storage for 
HC enhancement is another promising line of research. 
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7 ANNEX 

7.1 Paper 1 

• We quantify the grid investments needed to integrate high amounts of RES  
• Results show that RES drive significant grid expansion and connection costs 
• However, incremental grid investments represent only 6-10% of RES investment 

costs 
• RES-driven reduction in operating costs compensate for incremental grid costs 
• High RES penetration is found to reduce total system costs (investment + 

operation) 

 

 

7 



 

Chapter 7. Annex 

 

64 

 



1 

Assessment of electricity network investment for the 

integration of high RES shares: A Spanish-like case 

study 

Leslie Herding*, Rafael Cossent, Michel Rivier, José Pablo Chaves-Ávila, Tomás Gómez 

Institute for Research in Technology (IIT), ICAI School of Engineering, Universidad Pontificia 

Comillas, C/Santa Cruz de Marcenado 26, 28015 Madrid, Spain 

*) Corresponding author: lherding@comillas.edu 

Abstract 

In the course of the energy transition, the EU member states’ National Energy and Climate 

Plans seek to install significant amounts of intermittent renewable generation capacity over 

this decade. Previous studies underline the social, political, and economic benefits of the 

electricity sector decarbonisation. The economic analysis of renewable energy sources (RES) 

integration is commonly performed with single-bus generation expansion models that seek 

the cost-optimal expansion of RES generation capacity to reduce operational expenses. How-

ever, electricity grids will require investments to adapt to the integration of high amounts of 

RES capacity. This paper contrasts the cost-optimal generation capacity mix obtained from a 

single-bus expansion model with a conservative estimation of electricity network investment 

requirements for an exemplary Spanish-like case study. RES network investment costs are 

put in context with an alternative non-RES generation expansion pathway. Network invest-

ment costs considered include expansion costs for both transmission and distribution grids. 

Electricity network expansion costs represent 6 to 10% of the corresponding generation ca-

pacity investment. Despite increasing network investment costs, the integration of high RES 

shares into electricity grids reduces operating costs when compared to non-RES pathways. 

Fuel and emission savings exceed total investments (generation capacity, network expan-

sion, and connection costs).  

Keywords 

Power sector decarbonisation; electricity network costs; renewable energy sources  

  

mailto:lherding@comillas.edu


2 

 Introduction 

The electricity sector is bound to play a central role in the ongoing energy transition, as re-

flected in the ambitious energy policy measures put in place worldwide. In the European 

context, the European Green Deal not only aims at decarbonising electricity generation but 

includes further electrification of demand. To meet this growing electricity demand while 

ensuring the targeted reductions in greenhouse gas emissions, new generation facilities in-

cluded in the member states’ National Energy and Climate Plans (NECP) primarily consist of 

photovoltaic (PV) and wind power plants. In the Spanish NECP, the integration of renewable 

energy sources (RES) for the year 2030 requires the installation of around 60 GW of these 

technologies [1]. The government expects this development to require massive investments 

to expand both RES generation capacity and electricity grids needed to transport electricity 

from the new generation sites to the demand centres.  

The benefits of investing in RES are numerous and largely covered in the literature. Direct 

advantages for the population include local job creation and health benefits via reducing 

emissions [2]–[4]. The authors of [5] point out political benefits such as an increase in energy 

security due to the reduction of dependency from fuel imports and improvements in energy 

access with the help of distributed energy resources (DER). The potential of economic bene-

fits of system operating cost reduction with renewables is analysed in [6] . The authors state 

that the employment of RES permits to decrease the generation from fossil fuels which in 

consequence reduces emissions. This decrease leads to monetary savings of fuel costs and 

CO2 emission expenses. These findings are supported by [7]. Furthermore, the authors state 

that a 100% renewable electricity sector leads to decreased levelised cost of electricity 

(LCOE) in Europe. According to the authors, the LCOE is reduced from 80 €/MWh in 2015 to 

56 €/MWh in the study’s target year 2050.  

However, the adaption of electricity grids to high shares of renewable energy generation is 

not analysed in detail by the studies listed above. The integration of intermittent generation 

capacity is a challenge for the operation of electricity networks by introducing significant up- 

and downwards ramps of RES generation that need to be met by other generators [8]. Addi-

tional generation capacity of both dispatchable and intermittent nature is required to com-

pensate for the low full-load hours of PV and wind generators, leading to a significant in-

crease of total installed generation capacity [9]. Scenarios with high RES shares lead to the 

requirement of overcapacities to meet different generation and demand levels throughout 

the year [10]. The authors find that transmission grid expansions are a tool to support the 
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integration of higher RES shares at a lower system-wide LCOE. Both national grid reinforce-

ments and interconnections are crucial for accommodating high shares of RES generation in 

European electricity grids: reinforcement for the connection of relatively remote areas with 

high RES potential and interconnections to smoothen the effect of intermittency throughout 

Europe by connecting areas with different generation patterns [11]. The authors perform a 

transmission grid interconnection study to analyse the integration of high shares of variable 

renewable energy (PV and wind). Transmission grid extensions are a suitable tool for the 

least-cost integration of RES capacity into the European power grid. In line with the findings 

of [10], both renewable overproduction and backup capacity requirements decrease in sys-

tems with interconnections. Interconnection investment for an optimal grid is quantified at 

significant magnitudes of up to 44 % of the generation capacity investment [11]. Although 

the key messages of both studies underline the importance of electricity grids for the inte-

gration of RES, the expansion of national transmission grids is not the focus. Furthermore, 

distribution grids are not part of the analysis. 

This paper seeks to evaluate both transmission and distribution grid costs in the context of 

generation capacity expansion costs. It aims at assessing the monetary order of magnitude 

of the requirements of electricity grid adaption for the integration of high RES shares. The 

case study at hand analyses a Spanish-like electricity system with the target year of 2030, the 

same time horizon considered by the NECPs mentioned above. For an adequate evaluation 

of the electricity network requirements for the integration of renewable energy, grid expan-

sion costs are computed for a total of four scenarios: two scenarios with high RES shares and 

two scenarios in which no additional RES capacity is installed. This allows identifying whether 

the integration of high RES shares into electricity grids represents an economic burden com-

pared to a system without RES. Therefore, two different kinds of scenarios are addressed 

throughout the paper, namely RES and Non-RES scenarios. The case study aims at a general 

evaluation of whether RES leads to an increase in electricity grid costs and jeopardises the 

economic benefits of operating cost savings rather than at a detailed electricity grid expan-

sion planning. Grid connection costs are considered as an additional cost component to ex-

press the connection of new generation facilities to the closest grid node. The different sce-

narios’ electricity network investment costs are put in context with the investment costs for 

the expansion of generation and storage capacities as performed previously in [11]. Similar 

to [6], the benefits of RES integration are evaluated based on operating cost reductions. The 

main contribution of this work is the evaluation of whether the economic conclusions drawn 

with single-bus generation expansion models are reversed when considering electricity grid 
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expansion and connection costs. As a result, this paper also contributes to computing the 

relative weight of all network costs in relation to generation and storage investment and 

operating costs. Finally, the results show the network costs of connecting ambitious renew-

able generation targets. All of the beforementioned contributions are performed as a realis-

tic case study for Spanish-like electricity grids. 

The remainder of this paper is organised as follows. Section 2 describes the methodology 

applied throughout the different stages of the modelling process. Section 3 provides details 

on the data used for the Spanish-like case study. Section 4 summarises the results of the 

main cost components. Section 5 presents the main conclusions and policy implications. 

 Methodology  

In the course of the decarbonisation of the electricity sector, thermal generation units are 

progressively replaced by new, renewable generation capacity. Apart from the investment 

related to the installation of this additional capacity, these new units cause an impact in elec-

tricity grids which are addressed as three different components shown in Figure 1: i) rein-

forcements to the existing transmission grid, ii) reinforcement of the existing distribution grid 

(if applicable), and ii) connection costs. 

In this work, the required reinforcements of the existing grid triggered by the connection of 

new generation capacity are computed separately for transmission and distribution net-

works. It is relevant to note that distribution costs are only applicable to the RES capacity 

connected to this system, whereas all additional RES capacity has a potential impact on the 

transmission grid. Therefore, distribution grid costs are only relevant for scenarios with ad-

ditional RES capacity, as bigger thermal generation units connect directly to the transmission 

grid [12]. The connection of the generating units to the existing electricity grid is referred to 

separately as grid connection costs. This term is limited to the physical connection from the 

power plant to the nearest substation of the energy harvesting network, i.e. the cost of the 

connection line and new switchbay. A conceptual overview of the data flow of the invest-

ment cost calculation process is provided in Figure 11 in Appendix B. 

 

Figure 1: Cost components involved in the network expansion 
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The summation of the additional generation (and storage) investment costs with the three 

grid cost components described above results in the total RES integration costs calculated in 

this paper. In the following, the methodology followed to estimate each one of these costs 

components is described.  

2.1 Generation and storage expansion 

Different scenario pathways are contrasted to evaluate the impact of the integration of RES 

into electricity network expansion costs under different conditions. First, it is necessary to 

determine what the initially installed generation capacities are so as to serve as a common 

initial starting point. In this study, the capacity expected to be still operative in 2030 is deter-

mined based on the operating lifetime of each generation technology, the year of commis-

sioning of existing plants, and currently declared policies on coal and nuclear power decom-

missioning.  

The additional generation and storage investments required are obtained for different future 

scenarios with the same methodology and modelling tools used in [13] and are taken as an 

external input to this work. Generation and storage capacity expansion is modelled sepa-

rately from transmission grid expansion. Recent investigation shows the benefits of joint gen-

eration and transmission expansion planning [14]. However, generation and network invest-

ment decisions are made independently in the current regulatory framework in many dereg-

ulated electricity systems. Moreover, current regulation concerning grid investments and 

network access presents some asymmetries between transmission and distribution, which 

drive actual investment decisions by RES promoters away from the global optimum. 

Scenarios of the generation expansion model consist of four representative weeks with 

hourly generation and demand data. Storage facilities are operated weekly. The generation 

and demand profiles allow comparing the results obtained for several scenario pathways. 

This is a common methodology to derive conclusions on different hypotheses on the rollout 

of RES. Usually, different renewable scenarios in line with international decarbonisation ef-

forts are compared to each other [6], [7]. In contrast to that, the scenario pathways for this 

study seek to point out the electricity grid expansion costs triggered by renewable energy 

integration. Therefore, as will be presented in section 3, two pathways for 2030 are com-

pared; a system where significant RES investments are made and a scenario where genera-

tion expansion alternatives were limited to non-RES technologies.  
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2.2 Electricity grid expansion 

2.2.1 Transmission grid expansion 

Several projects analyse the impact of different renewable energy integration scenarios in 

the European transmission grid. Particular focus is set on comparing different pathways of 

RES development [11], [15]–[17]. The typical top-down modelling approach of transmission 

grids leads to analyses based on specific scenarios of renewable capacity installed, obtaining 

a total grid cost depending on the scenario. As pointed out in the previous section, this work 

aims to evaluate the costs of RES grid integration and a comparison to a non-RES pathway. 

The different generation capacity expansion scenarios obtained in the previous step are im-

plemented in a transmission expansion planning (TEP) model1. Generation and demand pro-

files from the generation expansion model are distributed in the transmission network ac-

cording to the following criteria: 

• Existing capacity: existing demand and thermal generation capacity of the initial 

transmission grid are scaled according to the scenario requirements. For RES capac-

ity, the existing capacity in the Spanish autonomous communities is considered as 

one parameter for the allocation of power plants within the transmission network 

[18]. 

• Resource availability: a second criterion for allocating RES capacity within the net-

work is the availability of natural resources (wind speed and solar irradiation). 

• For the computation of the different scenarios, the capacity is scaled at the same 

nodes. This method is considered a conservative estimation due to the concentra-

tion of capacity within the same zones, leading to reinforcement requirements of 

the connecting network corridors. 

Due to the complexity of the TEP computation, the model is allowed to opt for continuous 

network investment decisions to maintain computation time at a reasonable threshold. 

These investment decisions serve as an approximate indicator of actual system investment 

needs. A detailed TEP performance is out of the scope of this work. Furthermore, generation 

and load data are modelled with representative load levels to reduce the computational 

complexity of the optimisation problem. Hourly generation and load values are clustered into 

144 representative load levels derived from the clustering process summarised in Figure 2. 

                                                             
1 https://www.iit.comillas.edu/technology-offer/tepes 
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Hourly storage profiles are provided as an output of the generation expansion model via 

weekly operation. The profiles are treated separately according to the generation and de-

mand periods to guarantee the contemplation of the different functionalities of storage fa-

cilities. 

 

Figure 2: Clustering process of representative generation and load profiles for transmission grid 

modelling 

As indicated in section 2, the total additional capacity is considered in the transmission mod-

elling process, i.e. transmission and distribution connected generators. Distributed genera-

tion (DG) connected at distribution grids can potentially be consumed locally, especially 

when met with demand growth. In this case, no transmission reinforcement is required for 

the integration of this generation capacity. However, DG might exceed local demand, espe-

cially at high RES shares. Including the DG capacity at the distribution substations included in 

the transmission network model leaves the optimisation model to account for the impact of 

the DG in the wider transmission grid. If no evacuation capacity is required, no reinforcement 

need is detected. 

2.2.2 Distribution grid expansion 

As pointed out in the description of the different investment cost components, distribution 

grid costs are only relevant for scenarios with new renewable capacity. Thermal generation 

capacity traditionally connects to the transmission grid and does not cause downstream re-

inforcement. For the renewable scenarios, distribution grid expansion costs are determined 

as shown in Figure 3. 
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Figure 3: Distribution grid cost calculation methodology  

Several studies have assessed incremental distributed generation (DG) grid costs via distri-

bution network expansion models. Although countries and generation technologies differ, 

annual unit costs are found mainly below 15 €/kW-yr [19]–[23]. The studies explain costs 

above 15€/kW-yr with costly upgrades of network components caused by integrating a small 

DG unit [23], resulting in very high unit costs due to economies of scale in network invest-

ments. This analysis disregards them for not been considered representative of an average 

value.  

In general, distribution grid unit costs are found higher in rural zones [19], [22], [24]. The 

authors of [19] find distribution grid unit costs below 2 €/kW-yr in urban Spanish distribution 

networks, below 5 €/kW-yr in semi-urban and around 10 €/kW-yr in rural network zones. 

This trend is depicted in the unit cost assumptions applied in this study. The unit costs con-

sidered for the calculation of the scenarios are presented in Table 1. Furthermore, the cost 

of the network integration of high DG shares is found lower when combined with demand 

growth as more distributed energy is consumed locally [22]. In the equal-cost assumption, 

scenarios without and with demand growth are computed with the same unit cost. The trend 

mentioned in [22] is implemented as a separate assumption where annualised distribution 

grid unit costs are higher without demand growth. This tendency is expressed as a specific 

cost assumption in Table 1. Rural distribution grid costs are increased compared to the equal-

cost assumption to represent the results found in [24]. The authors find distribution grid 

costs for integrating PV into rural distribution networks of approximately 15 €/kW-yr. 

Table 1: Annualised distribution grid unit costs employed for computation [19]–[24] 

Annualised distribution 

grid unit costs (EUR/kW) 
Rural 

Semi- 

urban 
Urban 
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Equal costs    

No demand growth 10 5 2 

Demand growth 10 5 2 

Specific costs    

No demand growth 15 6 2.5 

Demand growth 12 4 2 

2.3 Electricity grid connection 

Literature on grid connection costs of renewables is abundant [25]–[30]. However, as stated 

in [30], grid connection costs in different countries vary according to the charging approach 

implemented in regulation. Deep connection charges require the generator seeking connec-

tion to pay all necessary reinforcement on the existing network. Shallow connection charges 

represent the contrary where the network operator pays for the required works to reinforce 

the existing grid and recovers the costs through the network charges paid by all ratepayers 

[31]. The charging approach varies from country to country [32]. In this work, connection 

costs are computed as the physical connection from the new generator’s location to the cor-

responding existing electricity grid node. This case study includes a general estimation of the 

order of magnitude of unit connection costs for new generation capacity. A detailed compu-

tation of grid connection costs is out of the scope of this work. Connection costs are esti-

mated as detailed in Figure 4. 
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Figure 4: Connection cost estimation methodology  

All reinforcements required on the existing network are included in the grid expansion costs 

described above. 

2.4 System operating cost savings 

The economic benefit of integrating renewable energy generation capacity into electricity 

grids is reducing total system costs, expressed as operating cost reduction. This reduction 

results mainly from a decrease in thermal generation, leading to fuel cost savings. Also, by 

reducing the output of thermal generators, emission costs are reduced [5], [6]. The reduction 

of system costs is the objective of the generation expansion model used in [33]. However, 

this model assesses the costs for a single-bus system expansion. Consequently, it does not 

consider how transmission network constraints can affect the generation economic dispatch, 

thus increasing operating costs. In order to incorporate this effect, the operating costs used 

to evaluate the benefits of RES integration into electricity grids in this case study are based 

on the generation dispatch calculated by the transmission expansion model. The operating 

costs considered by the transmission model include costs for fuel, CO2 and variable O&M. 

For the comparison of the scenarios, fixed O&M costs are included in the operating cost 

term. The reduction of operating costs is contrasted to the different investment cost com-

ponents described above. With this methodology step, conclusions on whether the scenarios 
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obtained from the generation expansion model are still beneficial when considering electric-

ity grid costs can be drawn.  

 Case study 

The methodology for evaluating electricity grid investment costs for high RES shares in com-

parison to Non-RES systems, described in the previous section, is applied to a Spanish-like 

electricity system. The methodology of this case study employs exemplary data of a Spanish-

like electricity system for the sake of illustration and coherence. Data of the Spanish trans-

mission and distribution networks are not publicly available. The case study works with ap-

proximations of the system that are described in the following. Hence, the results should not 

be interpreted as an exact depiction of the Spanish electricity system. The case-specific as-

sumptions for the determination of the different investment cost components are presented 

in the following sections. 

3.1 Future generation and storage capacity 

The baseline of each scenario is the mid-2019 generation capacity and demand of Spain. 

Both scenario pathways (Non-RES and RES capacity expansion) are computed without de-

mand growth and with 2.3% annual demand growth. Table 2 provides an overview of the 

features characterising each scenario: their denomination, the demand growth considered 

and whether the generation expansion plan is based or not on RES capacity2. The four sce-

narios have been selected to analyse the research question of whether electricity grid invest-

ment represents an economic burden for the integration of high RES shares. In the scenarios 

without demand growth (0%_Non-RES and 0%_RES), the impact of the technological change 

of the generation capacity mix towards renewables is analysed. The scenarios with demand 

growth (2.3%_Non-RES and 2.3%_RES) have been chosen for this case study to increase the 

generation capacity that needs to be integrated into electricity grids. Electricity grid invest-

ment for integrating high RES shares is analysed as incremental costs. That is, the RES and 

the non-RES scenarios of the corresponding demand growth are compared to each other. 

Furthermore, the generation expansion model allows accounting for demand flexibility. 

Heating and cooling, domestic hot water, refrigeration and EVs are considered controllable 

loads by the generation expansion model. The provision of demand response by these 

sources is modelled as in [34]. To account for the availability of flexibility provision in the 

short term (2030), 25% of the controllable load is considered available to shift during the day 

                                                             
2 https://www.iit.comillas.edu/technology-offer/sploder 
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in this case study, maintaining the comfortable limits. An overview of operating cost input 

parameters for the modelling process is provided in Appendix A. CO2 is priced at 84.84 €/ton 

[35]. 

Table 2: Demand growth and generation expansion hypothesis 

Scenario 
0%_Non-

RES 
0%_RES 

2.3%_No

n-RES 
2.3%_RES 

Annual demand 

growth (%) 
0 0 2.3 2.3 

New generation 

capacity 
Non-RES RES Non-RES RES 

 

Letting the generation expansion model freely select the more profitable investments for 

2030 and the assumptions described above lead to a massive investment in utility PV and 

onshore wind capacity, backed by the existing installed thermal and hydro capacity. RES sce-

narios are therefore built using the expansion model without any technology-based expan-

sion constraint. Non-RES scenarios, on the other hand, are built by explicitly removing RES 

generation from the generation technology expansion candidates. Installed capacities in 

each of the scenarios are detailed in Table 3. The scenario without demand growth and with 

non-renewable generation expansion restrictions (0%_Non-RES) does not require any addi-

tional generation capacity. The 2019 capacity remaining in place until 2030 provides suffi-

cient capacity to operate the system safely without investing in new power plants. In the 

scenario without restrictions for the future capacity mix (0%_RES), the model invests in utility 

PV and onshore wind capacity due to the potential of operating cost savings via RES. At an 

annual demand increase of 2.3% and the restriction of generation investment employed 

(2.3%_Non-RES), the generation expansion model invests mainly in combined cycle gas tur-

bine (CCGT) power plants to meet growing demand cost-efficiently. Additionally, pumped 

hydro storage capacity is included. When eliminating the generation investment restriction 

(2.3%_RES), the model mainly invests in utility PV and onshore wind. This new capacity is 

complemented with open cycle gas turbines (OCGT) and pumped storage to compensate for 
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the low firm capacity coefficients of RES generation3. Total additional capacity is significantly 

higher in the 2.3%_RES scenario.  

Table 3: Existing and additional generation and storage capacity for each scenario 

Technology 

Existing still 

operational 

(MW) 

0%_Non-

RES addi-

tional 

(MW) 

0%_RES ad-

ditional 

(MW) 

2.3%_Non-

RES addi-

tional 

(MW) 

2.3%_RES 

additional 

(MW) 

Nuclear 3,050 0 0 0 0 

CCGT 24,560 0 0 17,422 0 

OCGT 0 0 0 0 12,288 

PV (utility) 8,372 0 27,710 0 43,438 

Wind (on-

shore) 
25,553 0 9,895 0 41,030 

Hydro 15,614 0 0 0 0 

Pumped 

storage 
7,890 0 0 1,657 3,800 

Others 8,826 0 0 0 0 

 

Figure 5 shows the hourly profiles of demand and RES generation. The profiles represent the 

seasonal clusters introduced in the first step of Figure 2. For demonstrability, the 0%_RES 

scenario is represented. However, the generation expansion model works with the sample 

profile shapes. This means that the other scenarios show the same profiles with a scaling 

according to the difference of demand growth and installed RES capacity. Electricity demand 

shows a noticeable change in shape during the month of August. The requirement of air-

conditioning increases demand. The seasonal character of RES can be observed in the figure. 

PV peaks are higher during the summer months, while the wind profile indicates less re-

source availability during the afternoon hours in the summer months. 

                                                             
3 Firm capacity requirements are included in the generation expansion model as proposed in 

[13]. The sum of the capacity of each technology multiplied by its firm capacity coefficient is 

required to cover 110% of peak demand. The firm capacity coefficients per technology are 

included in Table 9 of Appendix A. 
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Figure 5: Hourly demand and RES generation profiles of the representative weeks of 0%_RES exam-

ple scenario 

3.2 Electricity grid expansion  

3.2.1 Transmission grid 

An approximation of the Spanish transmission network is used as a starting point for this part 

of the analysis. The grid is based on the transmission system used in [36] and characterised 

by 479 nodes connected via 880 branches at 220 or 400 kV. The transmission system is con-

sidered an island, without any interconnections to neighbouring countries to singularise the 

effect of the national generation mix on electricity grid expansion costs. The transmission 

expansion model is connected to the generation expansion model via a geographical alloca-

tion of the generation capacity throughout the transmission network.  

1. Existing generation capacity per technology as provided by [37]: considering the ge-

ographical distribution of existing generation capacity allows to identify interesting 

locations already used by an increased number of generators. Also, the current reg-

ulatory framework might incentivise certain provinces more than others. 

2. Availability of natural resources for RES (i.e. solar irradiation and wind speed): the 

potential of a location for RES generation depends strongly on the availability of nat-

ural resources. Hence, this aspect is considered as a second capacity allocation fac-

tor. 
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3.2.2 Distribution grid 

The distribution expansion cost is only relevant for those DG units that connect at low (LV) 

or medium (MV) voltage up to 36 kV. Table 4 shows the PV and wind capacity share currently 

connected at each voltage level in the Spanish electricity system. Although the high voltage 

(HV) level4 is considered part of the distribution grid in Spain, units for that range in Table 4 

mainly represent units connected to the transmission grid via dedicated HV evacuation lines. 

Hence, these units do not cause any reinforcement in the distribution grid, and they are con-

sidered via connection lines assessed as grid connection costs (see section 3.3). Thus, around 

42.9% of PV and 5.5% of wind installations are connected to MV and LV distribution networks 

in Spain. These shares are assumed to stand also for the additional capacity of the generation 

expansion scenarios. As only PV and wind might connect to distribution voltage levels, the 

non-RES scenarios are not included in this part of the analysis. 

Table 4: Installed solar PV and wind capacity per voltage level in Spain [12]  

Technol-

ogy 
0 kV to 1 kV 

1 kV to 36 

kV 

36 kV to 

72,5 kV 

72,5 kV to 

145 kV 

145 kV to 

400 kV 

Solar PV 

(%) 
17.33 25.58 9.51 7.17 40.41 

Wind (%) 1.23 4.31 12.27 27.32 54.87 

 

Once the capacity to connect to distribution grids is known, the RES installations need to be 

assigned to the distribution grid types urban, rural and semi-urban to compute the different 

unit costs presented in Table 1. Based on the different unit cost assumptions, total distribu-

tion grid expansion costs are calculated according to the methodology described in the fol-

lowing. 

• The studies found in the literature analyse distribution grid reinforcement costs due 

to different DG technologies in representative networks. Due to the complex size of 

distribution grids, the common methodology uses representative grids. These rep-

resentative networks depict a small part of the distribution system.  

• For the allocation of the total additional RES capacity according to distribution grid 

type (i.e. urban, semi-urban and rural), scaling is necessary. It allows splitting the 

                                                             
4 Above 36 kV and up to 132 kV 
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national additional generation capacity into the different distribution network types. 

In contrast to unit costs, scaling the representative distribution grid costs to system 

scale does depend on the country characteristics.  

• The authors of [19] employ a scaling of representative distribution grids to the Span-

ish distribution system. Their scaling approach is based on the transformation capac-

ity per voltage level. It comprises the contracted capacity at MV level and the MV/LV 

transformation capacity installed at the corresponding feeders. This methodology 

finds that almost half of the transformation capacity of Spanish distribution grids is 

located in distribution grids of urban configuration, below 20% in grids of rural con-

figuration and the rest in semi-urban grids. The high share of urban distribution net-

works resulting from this calculation methodology is due to the consideration of con-

tracted demand. Big cities, i.e. demand centres, are of urban network configuration. 

This allocation approach can be considered a suitable approximation for prosumer 

installations expected to expand proportionally to existing demand.  

• As a second hypothesis, prosumer installations are considered to represent the LV 

installations. Consequently, LV DG is expected to install in proportion to existing elec-

tricity demand to compute distribution grid expansion costs.  

• The amount of DG is determined according to Table 4 and allocated in the different 

distribution grid types according to the shares of the LV assumption presented in 

Table 5. 

MV installations are assumed to be of utility-scale size. The location of these installations is 

expected to take place outside the demand centres. Hence, no MV installation is considered 

to connect to urban distribution grids. The assumption gives higher weight to rural zones, 

where RES rollout is expected to occur due to the higher availability of terrain. It is considered 

a conservative cost assumption due to higher distribution grid unit costs in rural zones (Table 

1). However, the exact share of utility-scale RES to connect to rural and semi-urban distribu-

tion networks is unknown. Sensitivities of the rural grid share from 60 to 80% are performed 

as three different MV assumptions presented in Table 5. 

Table 5: Allocation of RES capacity according to distribution network type 

Network 

type 

LV 

assumption 

[19] 

MV1 

assumption 

MV2 

assumption 

MV3 

assumption 
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Urban 47% 0% 0% 0% 

Semi-urban 35% 40% 30% 20% 

Rural 18% 60% 70% 80% 

 

Figure 6 shows the allocation of capacity into electricity grids of the three scenarios with 

additional capacity resulting from the methodology introduced in section 2.2 and the data 

presented throughout this section. CCGT, OCGT and hydropower plants connect to the trans-

mission grid directly. Wind and PV are allocated to the grids according to Table 4. Addition-

ally, the distribution grid is separated into the three network types discussed above. The 

capacity connected to distribution grids is allocated to urban, rural and semi-urban networks 

as shown in Table 5. For the allocation of MV capacity, the MV2 assumption is employed to 

create this diagram. Capacity connecting to the subtransmission grid is directly connected to 

the energy harvesting network, as explained at the beginning of this section. 

 

Figure 6: Sankey diagrams of capacity allocation per technology 

3.3 Electricity grid connection 

Approximate coordinates of the locations of Spanish generators represent the starting point 

of this approach [38]–[40]. The distance from the grid of generators connected to the HV 

and extra-high voltage (EHV) network is obtained with representative data of the Spanish 

transmission system applied for the TEP analysis, considering the generators to connect to 

the closest transmission node in the database of the Spanish-like transmission grid described 

in section 3.2.1. Generators connected to the LV and the MV distribution network are con-
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sidered to be located at 10 km of the distribution grid connection point, based on the maxi-

mum feeder length in rural distribution networks [41]. The installations of LV and MV voltage 

levels are considered within the same connection cost term. The electrical components are 

considered aerial single circuit lines and switchbay with air-insulated switchgear with costs 

according to the Spanish Ministry [42], [43]. Total annualised costs of the connecting power 

lines are determined with the following categorisation based on statistics from the Spanish 

regulator [12]: PV and hydro generators below 10 MW connect at MV level, generators be-

tween 10 and 25 MW at HV level, generators with a capacity of over 25 MW connect at EHV 

level. For wind energy, these limits are slightly higher as found in the data (MV < 15 MW; 

15MW ≤ HV < 30 MW, EHV ≤ 30MW) [12]. Connection costs are annualised with a discount 

rate of 7% and a lifespan of 40 years. As the last step, annualised connection costs are con-

verted into unit costs with the respective capacities for each generator in the database. 

The annual unit connection costs obtained for each of the generation technologies are sum-

marised in Figure 7. For PV and wind generators, minor unit connection cost differences are 

found at the different voltage levels, based on similar distances to the point of connection. 

For HV and EHV, the distances obtained from the second approach are between 15 and 17 

km for PV and wind and even lower for thermal power plants (12 km). Maximum distances 

are obtained for hydropower plants due to remote locations with optimum generation con-

ditions (30 km). Hence, the hydro connection shows increased unit connection costs com-

pared to the other EHV unit connection costs. Real generators are likely to find a new node 

at a shorter distance. This estimation is considered a conservative approach for a worst-case 

estimation of connection costs.  

 

Figure 7: Annualised unit connection costs according to technology and voltage level 
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 Results: System investment costs and benefits 

In this section, the different components of the investment costs are presented for the Span-

ish case study. Annualised costs are obtained with a rate of return of 7% over the lifetime of 

the installation5. Benefits of the investments in the form of operating cost reductions are 

discussed in section 4.4; an analysis of results is provided in 4.5. All monetary results are 

given in 2019 Euros. 

4.1 Generation and storage expansion costs 

The total additional capacity of the technologies for each scenario is contrasted with the 

annual generation expansion costs in Table 6. Both renewable scenarios result in higher gen-

eration expansion investments than the non-renewable scenario with additional thermal 

generation capacity (2.3%_Non-RES). This increment in costs is explained by the significant 

increase of additional generation and storage capacity for the renewable scenarios, as shown 

in the literature [10], [11]. An indicator to make easier comparisons among scenarios is the 

annual generation unit costs (EUR/kW-yr). The unit costs are the ratio of annual generation 

investment and the additional capacity, resulting in lower values for both renewable scenar-

ios.  

Table 6: Total additional capacity and annualised generation and storage investment per scenario 

  0%_ 
Non-RES 

0%_ 
RES 

2.3%_ 
Non-RES 

2.3%_ 
RES 

RES share of genera-
tion % 42 80 27 81 

Additional capacity (MW) 0 37,605 19,079 100,556 
Annualised genera-
tion investment (MEUR/yr) - 1,946 1,331 5,764 

Annualised genera-
tion unit investment (EUR/kW-yr) - 51.8 69.7 57.3 

4.2 Electricity grid expansion costs 

4.2.1 Transmission grid expansion costs 

Both scenarios without demand growth (0%) result in the same magnitude of annualised 

transmission grid costs: 63 M€/yr. This means that the adjustment of the initial transmission 

                                                             
5 The same rate is applied to all generators and grid investments. Lifetime of electricity grid 
assets is considered 40 years, details on the lifetime assumptions of the different generation 
technologies is provided in Appendix A 
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network results in the same costs as the integration of over 37.5 GW of renewable genera-

tion capacity. The analysis of the scenarios with demand growth (2.3%) shows that the inte-

gration of renewable generation capacity leads to increased transmission investment to 

serve the increased demand. The outcome of the TEP model results in an annualised trans-

mission grid investment of 130 M€/yr in the non-RES scenario and 162 M€/yr in the renew-

able scenario. This represents an increase of around 25% in the renewable scenario, while 

the new generation capacity in the RES scenario is over five times the additional capacity in 

the non-RES scenario. 

4.2.2 Distribution grid expansion costs 

For the calculation of distribution grid expansion costs, a suitable approach for the allocation 

of MV installations in rural and semi-urban grids needs to be determined first. Table 7 shows 

the annualised distribution grid costs of the three MV allocation assumptions presented pre-

viously in Table 5. As the deviation between the assumptions is minor, distribution grid costs 

are computed with 70% of MV connections in rural grids to represent an average approxi-

mation. 

Table 7: Evaluation of MV distribution grid allocation assumptions 

  0%_RES 2.3%_RES 

MV capacity allocation 
assumption 

 MV1 MV2 MV3 MV1 MV2 MV3 

Capacity at semi-ur-
ban/rural distribution 
grids 

% 40/60 30/70 20/80 40/60 30/70 20/80 

Total additional capacity MW 37,605 100,556 
Additional capacity con-
nected at distribution 
grids 

MW 12,439 20,912 

Capacity per distribution grid type 
Urban MW 2,314 2,314 2,314 3,775 3,775 3,775 
Semi-urban MW 5,320 4,569 3,817 8,927 7,639 6,351 

Rural MW 6,823 7,574 8,326 
11,50
3 

12,79
1 

14,07
9 

Distribution grid expansion costs 
Equal cost assumption MEUR 82 86 90 139 146 152 
Specific cost assumption MEUR 115 122 129 150 160 170 
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The employment of specific costs results in higher magnitudes of distribution grid reinforce-

ment because almost all unit costs are elevated compared to the equal-cost assumption. This 

development is more noticeable in the scenario without demand growth (0%_RES) because 

unit grid costs are considered higher without demand growth due to the compensation ef-

fect of local DG and demand growth described above. Final distribution network expansion 

costs are considered according to the specific unit cost assumption to consider the more 

conservative magnitude of distribution grid costs. This methodology results in 122 M€/yr and 

160 M€/yr for the scenarios 0%_RES and 2.3%_RES, respectively. 

4.2.3 Total grid expansion costs 

The final results of transmission and distribution expansion costs for each of the four scenar-

ios are summarised in Table 8. As explained above, transmission grid costs are the same in 

the scenarios without demand growth (0%) and similar in the scenarios with demand growth 

(2.3%). The distribution grid term is applied to renewable scenarios only. This factor is the 

primary driver of the increase of electricity grid expansion costs in the RES scenarios com-

pared to the respective non-RES scenarios. Installations that connect at the distribution grid 

level trigger reinforcement needs in both networks, transmission and distribution. Electricity 

network reinforcement needs are tripled (0%_RES) and doubled (2.3%_RES) by the PV and 

wind installations that connect at distribution level. 

Although the renewable scenarios at least double the network expansion costs by connecting 

partly to the distribution grid, they represent a small share when contrasted with the gener-

ation and storage capacity investment costs presented above (Table 6).  

Table 8 includes an indicator of the ratio of network expansion costs (transmission and dis-

tribution) and generation and storage investment. Grid expansion costs of all scenarios are 

below 10% of the corresponding generation and storage investments. In the renewable sce-

narios without and with demand growth, electricity network expansion investment is 9.5 and 

5.6% of generation investment, respectively. When the additional generation capacity is non-

RES, electricity grid expansion costs reach 9.8% of the expenses for generation expansion. 

Table 8: Annualised transmission and distribution expansion costs of the four scenarios considered 

  0%_ 
Non-RES 

0%_ 
RES 

2.3%_ 
Non-RES 

2.3%_ 
RES 

Transmission expansion (MEUR/yr) 63 63 130 162 

Distribution expansion (MEUR/yr) 0 122 0 160 
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Electricity grid expan-

sion/ Generation invest-

ment 

% - 9.5 9.8 5.6 

4.3 Electricity grid connection costs 

An overview of all annualised electricity grid investment costs is presented in Figure 8, com-

paring connection costs for transmission (T) and distribution (D) grids with the grid expansion 

costs presented above. Connection costs represent 63 (0%_RES) to 72% (2.3%_RES) of the 

costs in the renewable scenarios and 19% in the 2.3%_Non-RES scenario. The 0%_Non-RES 

scenario does not include a connection cost term as no additional generation or storage ca-

pacity is installed. Although these connection cost investments are likely to represent an 

overestimation, they do provide information about the approximate order of magnitude of 

costs to expect for connecting new power plants to the electricity grids. The results further 

support the hypothesis that network expansion costs do not represent the critical part of RES 

investment costs. 

 

Figure 8: Stacking of grid expansion and connection costs for each scenario 

Commonly, connection costs are borne by the generator wishing to connect to the electricity 

grid. These costs are included in the unit capacity expansion costs alongside the costs for the 

procurement and installation of the generation units. It is therefore contemplated for the 

calculation of the generation and storage expansion costs presented in section 4.1. Hence, 

the connection cost term is not included separately in the cost balances to avoid double 

counting. 
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Figure 9 shows the stacking of all annualised investment cost components. Significant in-

creases can be observed from the non-RES to the corresponding RES scenario. Without de-

mand growth, annualised investment requirements are multiplied by four. With demand 

growth, the multiplier increases to 37. However, the figure also points out that the electricity 

grid expansion represents a minor share of investment costs. 

 

Figure 9: Stacking of all annualised investment cost components 

4.4 System operating cost savings 

The total investment costs are found higher for renewable generation and storage capacity 

expansion scenarios than for non-renewable scenarios. However, replacing thermal genera-

tion capacity with RES allows reducing system operating costs [5]–[7]. Figure 10 underlines 

the monetary benefits obtained from operating an electricity system with around 80% RES 

share6. In both cases, without and with demand growth, generation and storage (G&S) op-

erating costs are reduced when employing renewable energies. The saving potential of G&S 

operating costs is given through the reduction of fossil fuel costs and emissions (priced at 

84.84 €/ton [35]). Generation and storage operating costs are reduced by 35 and 54% for 

the scenarios without and with demand growth, respectively. This reduction is influenced by 

the CO2 price employed. However, a sensitivity with a reduction to 30 €/ton did not result in 

a significant variation in the percentual reduction of operating costs7. 

                                                             
6 Including PV, wind, hydro and other RES such as biomass.  
7 Additional sensitivities of the four scenarios have been computed. The analysis showed no 
variation of the conclusions drawn from the four scenarios presented in the main body of 
the paper. A brief exemplary description is included in Appendix C. 

0

2000

4000

6000

8000

0%_Non-RES 0%_RES 2.3%_Non-RES 2.3%_RES

M
EU

R/
yr

G&S investment T connection D connection

T expansion D expansion



24 

This reduction of operating costs leads to a decrease in total annualised system costs, which 

are the sum of annualised investment and operating costs. With investment in additional RES 

generation and storage capacity, annual system costs are reduced by 9.7% in the scenarios 

without demand growth. This finding is especially striking because no additional generation 

and storage capacity is built in the scenario 0%_Non-RES. Investing in RES capacity results in 

a system cost reduction, even when compared with a scenario with no investment in gener-

ation and storage capacity at all. For each €/yr invested in the 0%_RES scenario, annual op-

erating costs are reduced by 1.43 € in comparison to the 0%_Non-RES scenario. When con-

sidering an annual demand growth of 2.3%, both scenarios require additional generation and 

storage capacity. The alternative of additional thermal generation capacity increases the sav-

ing potential that is provided through RES. The 2.3%_RES scenario results in 24.7% lower 

total annualised system costs than the 2.3%_Non-RES scenario, even though investment 

costs are quadruplicated. Annual operating costs are reduced by 1.62 € for each € of annu-

alised investment in the 2.3%_RES scenario. 

 

Figure 10: Total annualised investment and operating costs for each scenario (connection costs in-

cluded in the G&S investment term) 

The concept of avoided costs is employed to evaluate the operating cost savings due to ad-

ditional PV and wind capacity. This concept is derived from [44], [45], where this indicator is 

used to express the expected revenues of renewable energy generators based on the re-

placement of more costly generators. In this work, the concept of avoided cost is adapted as 

a performance indicator and determined as operating cost savings due to the employment 

of RES technologies (Tech), as indicated in Eq. 1. The RES and Non-RES label in the terms of 

the equation refers to the RES and Non-RES scenarios addressed in the study. 
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𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴𝐴 𝑐𝑐𝐴𝐴𝑐𝑐𝑐𝑐𝑐𝑐

=  
(𝑂𝑂𝑂𝑂𝐴𝐴𝑂𝑂𝑂𝑂𝑐𝑐𝐴𝐴𝐴𝐴𝑂𝑂 𝑐𝑐𝐴𝐴𝑐𝑐𝑐𝑐𝑁𝑁𝑁𝑁𝑁𝑁−𝑅𝑅𝑅𝑅𝑅𝑅 − 𝑂𝑂𝑂𝑂𝐴𝐴𝑂𝑂𝑂𝑂𝑐𝑐𝐴𝐴𝐴𝐴𝑂𝑂 𝑐𝑐𝐴𝐴𝑐𝑐𝑐𝑐𝑅𝑅𝑅𝑅𝑅𝑅)

∑ (𝐺𝐺𝐴𝐴𝑂𝑂𝐴𝐴𝑂𝑂𝑂𝑂𝑐𝑐𝐴𝐴𝐴𝐴𝑂𝑂𝑇𝑇𝑇𝑇𝑇𝑇ℎ,𝑅𝑅𝑅𝑅𝑅𝑅 − 𝐺𝐺𝐴𝐴𝑂𝑂𝐴𝐴𝑂𝑂𝑂𝑂𝑐𝑐𝐴𝐴𝐴𝐴𝑂𝑂𝑇𝑇𝑇𝑇𝑇𝑇ℎ,𝑁𝑁𝑁𝑁𝑁𝑁−𝑅𝑅𝑅𝑅𝑅𝑅)𝑇𝑇𝑇𝑇𝑇𝑇ℎ
 

Eq. 1 

 

The avoided operating cost is determined at 36.13 and 46.66 €/MWh without and with de-

mand growth, respectively. 

4.5 Analysis of results 

The expansion of RES generation capacity significantly increases the required installed gen-

eration and storage capacity compared to thermal generation to comply with firm capacity 

requirements and compensate for low full-load hours. In the non-RES scenario without de-

mand growth, no additional generation capacity is required, while 37 GW of additional ca-

pacity are installed in the RES scenario without demand growth. In the scenarios with de-

mand growth, the expansion of RES generation and storage capacity requires around five 

times the additional generation capacity of a non-RES expansion.  

Annualised transmission and distribution network expansion costs are more than doubled 

when RES generation is expanded instead of non-RES. This increase is due to the integration 

of around 43% of PV and 6% of wind capacity in distribution grids, while non-RES capacity is 

directly connected to the transmission grid. When considering grid connection costs, net-

work investment costs are up to six times higher when RES generation is expanded instead 

of non-RES. In RES scenarios, 63 to 72% of total grid investment costs corresponds to the 

worst-case estimation of the grid connection cost term. Annualised unit grid investment 

costs (expansion and connection) per additional RES generation capacity sums up to slightly 

over 13 and 11 €/kW-yr without and with demand growth, respectively: 4.9 and 3.2 €/kW-yr 

for network expansion costs and 8.3 and 8.1 €/kW-yr for grid connection costs. In the non-

RES scenario with generation expansion, this term is reduced to 8.4 €/kW-yr, of which 1.6 

€/kW-yr correspond to the connection cost term. 

Despite the increasing network investment costs, the potential of RES generation in the op-

erating cost reduction is still significant. Adding network costs to the economic consideration 

of the scenarios does not revise the least-cost options determined by the single-bus genera-

tion expansion model. By investing in RES, annualised total system costs are reduced 9.7 and 

24.7% in the scenarios without and with demand growth, respectively. 
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 Conclusions and policy implications 

This work presents a case study to evaluate whether the consideration of generation-driven 

electricity grid expansion and connection costs has a significant impact on the economic vi-

ability of integrating high RES shares into the electricity system. A realistic Spanish-like case 

study is used to quantify the different network investment cost components. Four distinct 

2030 scenarios are assessed and compared. These scenarios were obtained from a single-

bus generation expansion model by combining two different generation and storage expan-

sion scenarios and two demand growth rates.  

Generation and storage installation costs are found to significantly increase in renewable 

scenarios compared to non-renewable pathways (i.e. additional load is met with investments 

in thermal generation). Transmission grid expansion costs are of the same magnitude in the 

RES and the Non-RES scenarios without demand growth, regardless of the generation expan-

sion pathway, and increase 25% in the RES scenario when demand growth is considered. In 

the 0%_RES scenario, distribution grid expansion costs were estimated to be twice as much 

as transmission expansion costs, while in the 2.3%_RES scenario, both grid expansion terms 

are of approximately the same magnitude. Grid connection costs represent the expenses for 

installing power lines to connect the new power plants to the closest grid node. The pessimist 

estimation of connection costs results in significantly higher expenses in the renewable sce-

narios than in the respective non-renewable scenarios.  

The additional investment requirements in the renewable scenarios are triggered by the sig-

nificant increase in additional generation and storage capacity. The additional capacity is sig-

nificantly higher in the RES scenarios when compared to the corresponding Non-RES sce-

nario. In consequence, all investment cost components are higher in the renewable scenar-

ios. However, compared to the generation and storage capacity investment, transmission 

and distribution grid costs represent a minor share of total investment costs. Electricity grid 

expansion costs represent 9.5 and 5.6% of the total investment costs in the RES scenarios 

and 9.8% in the non-RES scenario. The increase of total investment costs is contrasted by a 

significant reduction in operating costs due to reducing fuel and emission costs in the renew-

able scenarios. After including electricity grid expansion costs, the employment of RES tech-

nologies still allows reducing annual operating costs 1.43 and 1.62 € per each € of annualised 

investment for the scenarios without and with demand growth, respectively. 

The results of this case study confirm that the needed decarbonisation of the electricity sec-

tor can be achieved even at lower costs than other non-RES alternative futures. Comparing 
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the scenarios without demand growth underlines that investing in new renewable genera-

tion capacity allows decreasing overall system costs, even though no generation or distribu-

tion grid investment is made in the non-renewable scenario.  

This paper shows that electricity grid expansion is not the crucial investment component 

(compared to generation and storage investment) in a realistic case study. Furthermore, de-

spite increasing electricity network investment requirements in both renewable scenarios, 

operating cost reductions outweigh the investment in renewables, comprising both genera-

tion and network costs. Therefore, electricity grid investment costs should not be seen as an 

economic barrier for integrating high RES shares and complying with the 2030 decarbonisa-

tion goals.  

This conclusion may be reinforced by the fact that the results presented in this paper were 

obtained under pessimistic assumptions, especially in the case of grid connection costs, 

which are difficult to estimate due to limited data availability. Furthermore, the Spanish-like 

electricity system has been modelled as an island without any interconnections. As pointed 

out in [11], large-scale interconnections represent a valuable tool to smoothen the effect of 

RES variability by connecting zones with different RES generation profiles. Although this fac-

tor may have a limited impact in the case of Spain due to its low interconnection capacity 

with central Europe, it can be very significant in highly interconnected systems. On the other 

hand, the upwards pressure of large shares of intermittent RES on some system operation 

costs, most notable balancing costs, has not been assessed in this paper.  

Future research should also seek to include flexibility measures from demand, generation 

and storage units to further decrease network investment costs by optimising grid usage 

during critical hours. The ongoing electrification of demand applications is expected to 

change the load profile, especially towards 2050. Thus, additional research should analyse 

electricity grid costs of integrating high RES shares in the light of changing demand profiles. 

Lastly, even though, as discussed above, incremental network costs should not hamper the 

achievement of decarbonisation goals, regulation related to grid connection and expansion 

may in practice hamper RES integration, e.g. e.g. outdated or excessively conservative host-

ing capacity calculation criteria, or via inefficient and inflexible grid capacity allocation mech-

anisms. Hence, suitable regulatory frameworks enabling an efficient and rapid integration of 

RES capacity into electricity networks should be set in place. 
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 Appendix 

8.1 Appendix A 

Table 9: Modelling cost input parameter 

 

CO2emis-

sions 

[EUR/MWh] 

Fuel 

[Eur/MWh] 

O&M 

[Eur/MWh] 

Lifetime of 

new genera-

tors [years] 

Firmness 

coefficient 

[-] 

Nuclear 0 8.72 0 - 0.97 

CCGT 28 32.58 2 25 0.96 

OCGT 42.42 48.88 11 25 0.96 

Hydro 0 0 3 80 0.44 

Pumped 

hydro 
0 0 3 80 0.96 

Wind 0 0 0.01 30 0.07 

PV 0 0 0 25 0 

ENS 0 0 1000 - - 
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8.2 Appendix B 

 

Figure 11: Conceptual dataflow of the investment cost determination process 
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8.3 Appendix C 

Apart from the four scenarios described previously, several sensitivities have been studied in 

the transmission expansion model to analyse their impact on the order of magnitude of elec-

tricity grid investment requirements. The sensitivities that have been analysed include: 

a) A reduction of the CO2 price to 30 €/ton 

b) A variation of transmission grid power line security factors (the standard security 

factor applied to the existing network as well as to expansion candidate lines is 0.66, 

variations to 0.5 and 0.7 have been analysed) 

c) The concentration of RES locations in the transmission network to a maximum of 5 

nodes to zones with high availability of solar irradiation and wind, respectively. This 

reallocation is applied to the incremental invested capacity only. 

Although the sensitivities show a minor change in transmission expansion and operation 

costs, the order of magnitudes and the corresponding conclusions do not vary. These sensi-

tivities have not been included in the paper for the sake of brevity. In Table 10, the sensitivity 

of CO2 cost is presented compared to the base case for the scenarios with demand growth. 

The base case represents the numbers included in the paper. The sensitivity is implemented 

in the transmission expansion model, which is used to obtain the generation dispatch. Hence, 

transmission investment and the generation and storage operation costs vary. The reduction 

of the CO2 price from 84.84 to 30 €/ton decreases the generation operating costs in both 

cases, as a thermal generation can operate at a lower cost. However, when comparing the 

Non-RES and the RES scenarios, the reduction of operating costs (Non-RES: 11,139 MEUR/yr; 

RES: 2,190 MEUR/yr; difference: 8,940 MEUR/yr) still more than compensates the increase 

of transmission investment (Non-RES: 125 MEUR/yr; RES: 152 MEUR/yr; difference: 27 

MEUR/yr) and the distribution investment of 160 MEUR. The same observations have been 

made for the scenarios without demand growth and the other sensitivities. 
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Table 10: CO2 scenario sensitivity results for the 2,3%  demand growth scenarios 

 2.3%_Non-RES 2.3%_RES 

 Base case 
CO2 sensi-
tivity 

Base case 
CO2 sensi-
tivity 

Annualised distribu-
tion investment 
(MEUR/yr) 

- - 160 160 

Annualised transmis-
sion investment 
(MEUR/yr) 

130 125 162 152 

Annual generation and 
storage operation 
costs (MEUR/yr) 

14,546 11,139 3,028 2,190 

Transmission invest-
ment decrease 
(MEUR/yr) 

5 6 

Operating cost de-
crease (MEUR/yr) 

3,407 837 
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7.2 Paper 2 

• We assess the impact of transmission grid characteristics on RES integration costs. 
• Two sensitivities evaluate the impact of RES localisation on transmission costs. 
• High distances between generation sites and demand increase investments. 
• High geographical concentration can more than double transmission investment. 
• Integrating distributed generation allows to decrease transmission reinforcement. 
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Abstract 

Ambitious renewable energy development plans require an efficient electricity grid connec-

tion of massive generation capacity. Significant transmission network investments are con-

sidered necessary to support the energy transition. This paper analyses the transmission grid 

reinforcement requirements of two large-scale electricity systems with notably different ge-

ographical distributions of renewable resource availability and load density. The results indi-

cate that optimal transmission expansion accounts for less than 10% of total annualised sys-

tem investment (generation capacity + transmission grid). This is true even in transmission 

systems with significant existing bottlenecks. The study includes a sensitivity analysis of the 

location of renewable energy source (RES) capacity. The sensitivities examine the impact of 

varying the concentration of RES in resource-rich areas, as well as the proportion of RES ca-

pacity connected at the distribution level. Both sensitivities are evaluated over a common 

base case scenario. The results show that a higher concentration of RES capacity in resource-

rich network zones can more than double the optimal transmission expansion requirements. 

In contrast, the implementation of distributed generation (DG) leads to the allocation of gen-

eration closer to demand centres, resulting in transmission grid savings of up to 30%. These 

effects are more pronounced in networks where RES capacity is located further away from 

major demand centres. This is because existing bottlenecks are exacerbated by higher RES 

concentration and relieved as the share of DG increases. 

Keywords 

Energy transition; power system decarbonisation; distributed generation; transmission ex-

pansion planning; power system planning  
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1 Introduction 

To achieve the decarbonisation of the electricity sector, a significant amount of renewable 

energy sources (RES) generation capacity is required to replace the phased-out fossil base 

load capacities.  This process involves electrifying other energy sectors (e.g. transport), which 

will further increase the electricity demand to be covered by RES.  As a result, governments 

have ambitious plans to accelerate the installation of new RES capacity. In the case of Spain, 

the National Energy and Climate Plan (NECP) aims to add around 6 GW/yr of photovoltaic 

(PV) and wind capacity by 2030 [1]. This rapidly increasing generation capacity needs to be 

accommodated in the electricity grid to efficiently connect the most suitable generation sites 

with growing demand centres. The transmission grid is expected to play a significant role in 

connecting demand centres to future renewable energy generation sites, often located in 

remote areas [2]. 

This raises the question of whether the costs and time required to expand the electricity grid 

may hinder the necessary energy transition. Previous work, based on the analysis of a large-

scale system representative of Spain, has shown that transmission investment costs per se 

should not be a major barrier to the energy transition, as they represent a small share of 

total investment needs once generation and storage costs are accounted for [3]. However, 

further analyses can shed light on to what extent this conclusion can be generalised to trans-

mission systems with different characteristics or locations of new RES capacity. This work 

analyses transmission expansion requirements for integrating high RES shares into two elec-

tricity networks with notably different renewable availability and load density. The study 

mentioned above for the Spanish system [3] is complemented with a case study in the geo-

graphical zone of Texas to evaluate the generalisability of the findings. The synthetic trans-

mission network in Texas exhibits significantly different demand density and geographical 

distribution of RES potential compared to the synthetic Spanish network. 

In addition to inherent system characteristics, different RES allocation factors will impact the 

investment needs of the transmission grid. A criterion that has been found to influence trans-

mission grid reinforcement requirements in the literature is the development of distributed 

generation (DG), i.e. generation directly connected at the distribution level or behind the 

end-user meter. The installation of DG is gaining popularity in the current context of high 

electricity prices [4]. The authors of [5] state that DG can help to reduce transmission con-
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gestion by reducing local demand. [6] states that connecting RES in the form of DG repre-

sents a more economical solution than connecting utility-size RES in areas far away from the 

existing grid and demand.  

A 100% renewable European energy system is analysed in [7]. The study includes the mod-

elling of prosumers to evaluate the impact of increased interconnections on a future renew-

able Europe. The results show that prosumer installations have the potential to reduce the 

consumption from the grid by 17% and peak load served by the grid by 6%, reducing the use 

of the transmission grid. According to [8], placing RES closer to demand instead of at optimal 

generation sites with the highest capacity factors helps to alleviate transmission congestion. 

This was observed in a German case study on a 41-node transmission system. [9] proposes a 

model for the co-planning of DG allocation and transmission expansion. The study demon-

strates that the rollout of DG is a tool to lower transmission investment and total planning 

costs compared to a system without DG. This is shown through a case study based on the 

IEEE 24-bus test system. The authors of [10] analyse the impact of DG on transmission grids 

using an 11-node Queensland network. The study compares 20% and 40% DG penetration 

of wind and solar PV scenarios to a base case without DG. It finds that distributed PV can 

significantly defer transmission investment, while the DG wind scenarios point out the influ-

ence of the DG's location in the grid on transmission requirements. [11] analyses the inte-

gration of RES into the Chinese electricity system with a transmission network representing 

one node per Chinese province. Large distances between optimal RES generation sites and 

demand centres characterise the case study. The authors analyse various scenarios, from 

RES located at demand centres to RES located according to optimal resource availability, and 

find lower transmission costs in scenarios where RES are placed closer to demand. However, 

according to [12], high DG penetrations can reverse this effect by causing congestions 

through reverse power flows at high penetration levels, which in turn trigger transmission 

reinforcement requirements.. 

A second criterion affecting transmission costs for integrating high RES shares is the spatial 

allocation of utility-scale installations among the grid. Concentrating utility-scale RES in areas 

with the highest resource availability represents the contrary extreme to the rollout of high 

DG shares. The study in [11] includes scenarios where RES are placed based on resource 

availability. The study finds that placing RES away from demand increases grid costs com-

pared to placing them closer to demand. [13] confirms that considering transmission expan-
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sion costs shifts the optimal spatial distribution of PV and wind capacity to be more decen-

tralised than when only natural resource availability is considered. This is based on a case 

study of the 16 German federal states. 

Based on the abovementioned literature, the main contributions of this paper can be sum-

marised as follows: 

1) Modelling the impact of RES integration into large-scale transmission systems:  

The transmission systems simulated in the literature presented before rarely exceed the 

size of a few tens of buses. This is in contrast to national transmission systems, which 

typically consist of hundreds or thousands of buses [14], [15], [16], [17]. Both synthetic 

transmission grids employed in the case studies presented in this paper represent large-

scale networks of 480 (Spain) and 2000 (Texas) nodes, respectively. The use of large-

scale networks enables a more detailed geographical location of future renewable en-

ergy generation plants. As for new transmission lines, the increased granularity allows 

for a more robust evaluation of transmission expansion requirements related to different 

scenarios of RES placements. 

2) Systematic comparison of various RES dispersion factors via sensitivity analysis with a com-

mon base case scenario:  

The literature review shows that RES-driven transmission investment requirements can 

be generally mitigated when new RES capacity is either connected at transmission level 

closer to demand-rich areas and/or connected in the form of DG, i.e. injecting electricity 

in the same voltage levels where it is consumed. However, these studies typically analyse 

only one system and one factor affecting the dispersion of RES, such as concentration or 

share of DG. They do not systematically compare the impact of different system charac-

teristics or RES dispersion factors using the same methodology. 

After evaluating the impact of the geographical distance of zones with high RES potential 

and demand centres on transmission expansion requirements for integrating high RES 

shares, two additional sensitivities are analysed in this paper to address this issue. The 

Spanish and Texan synthetic large-scale transmission networks are evaluated for both 

sensitivities. The objective of this study is to improve the analysis of transmission grid 

reinforcement requirements under different hypotheses of the connection of future RES 

capacities: i) the concentration of RES capacities in resource-rich zones of the network, 
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and ii) the increasing share of additional RES capacity connected as distributed genera-

tion (DG). A multi-criteria approach was developed for the placement of DG installations. 

The sensitivity ranges were selected to compare two extremes of the location of future 

RES capacity throughout the transmission grid: according to the highest resource availa-

bility or at the same locations and voltage levels of electricity demand in the form of DG. 

The analysis improves upon the literature findings by providing a comparative analysis of 

sensitivities using a consistent methodology. This is achieved by applying the same mod-

elling methodology, with a common base case scenario, to two large-scale synthetic elec-

tricity networks. 

The paper is structured as follows: section 2 summarises the modelling methodology, and 

section 3 presents the Spanish and Texan test cases. The results from the base case studies 

and the sensitivities are presented in section 3.3.1. Section 5 concludes the study. 

2 Methodology 

The impact of high RES shares on transmission grid expansion requirements is analysed with 

different scenarios of generation capacity and electricity demand for 2030. First, the optimal 

generation and storage (G&S) capacities for each scenario are determined with a single node 

generation expansion model (GEP). The scenarios and the GEP model are described in sec-

tion 2.1. In a second step, the impact of these G&S capacities on electricity transmission grid 

reinforcement is analysed with a detailed transmission expansion planning (TEP) model, pre-

sented in section 2.2. GEP is modelled separately from TEP, and the GEP model is linked to 

the TEP model via the geographical distribution of G&S capacities. Recent investigation 

shows the benefits of joint generation and transmission expansion planning [18]. However, 

generation and network investment decisions are made independently in the current regu-

latory framework in many deregulated electricity systems. Moreover, current regulation con-

cerning grid investments and network access presents some asymmetries between transmis-

sion and distribution, which drive actual investment decisions by RES promoters away from 

the global optimum.  

Figure 1 summarises the modelling methodology of GEP and TEP. This case study employs 

two validated optimisation models in cascade for generation 1 and transmission 2 expansion 

modelling. Although there is no joint optimisation, RES capacity is allocated with realistic 

                                                             
1 https://www.iit.comillas.edu/oferta-tecnologica/sploder 
2 https://www.iit.comillas.edu/oferta-tecnologica/tepes 
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generation site selection criteria throughout the transmission network. The allocation crite-

ria are presented in section 2.2. Additional sensitivities are evaluated by repeating the geo-

graphical allocation of RES capacity ((4), Figure 1) in the transmission grid under different 

hypotheses. Details about the sensitivities will be described in 2.3. 

 

Figure 1: Overview of modelling methodology 

2.1 Generation and storage capacity expansion 

Future generation and storage (G&S) capacity scenarios are designed to analyse the incre-

mental impact of renewable energies on transmission grid expansion requirements. GEP 

(step (2), Figure 1) is carried out with the Smart Planning and Operation of Distributed Energy 

Resources (SPLODER)3 model from the Institute for Research in Technology [19], [20]. The 

model is suitable for great-scale generation expansion planning, including utility-scale size 

generation installations. 

G&S capacity expansion is based on the input included in step (1) of the modelling flowchart 

(Figure 1): 

• Hourly profiles of demand that needs to be covered and availability of RES resources 

• Economic input per generation technology: G&S capacity investment costs and fixed 

and variable operating costs (O&M, fuel, emissions) 

Following the same approach as in [3], four generation capacity expansion scenarios are con-

sidered for each power system evaluated. These four scenarios are obtained by combining 

two load growth rates, i.e. 0% and 2.3% per year, and two generation technology options: a 

fully non-renewable pathway (i.e. no new PV or wind capacity is permitted) and a cost-mini-

mising technology mix. This allows evaluating the impact of economically optimal high-RES 

shares on electricity grid costs compared to a pathway with traditional thermal generation 

                                                             
3 https://www.iit.comillas.edu/technology-offer/sploder 
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capacities. The resulting scenarios are named according to the corresponding annual de-

mand growth rate and the technology pathway (0%_Non-RES, 0%_RES, 2.3%_Non-RES, 

2.3%_RES). In the scenarios without demand growth (0%_Non-RES and 0%_RES), the impact 

of the technological change of the generation capacity mix towards renewables is analysed. 

The scenarios with demand growth (2.3%_Non-RES and 2.3%_RES) have been chosen for this 

case study to increase the generation capacity that needs to be integrated into electricity 

grids. Furthermore, it is a scenario selected to represent the expected demand growth due 

to the electrification of demand via heat pumps and electric vehicles. 

2.2 Transmission grid modelling 

The GEP model is a single-node electricity sector model. Hence, future generation and stor-

age capacity needs to be geographically allocated to serve as an input to the TEP model ((4), 

Figure 1). Utility-sized renewable generation facilities are assigned to the generation nodes 

according to weighted scaling factors compounded by:  

i. Pre-existing capacities [21], [22],  

ii. Availability of natural resources (irradiation, wind) [23],  

iii. Suitability of the different network zones for future RES deployment [24].  

A more detailed description of the geographical allocation of RES generation capacity is pro-

vided in the case study presentation due to some case-specific variations. Pumped hydro 

storage installations are allocated according to the geographical characteristics of the ter-

rain, i.e. height differences and availability of water reservoirs. Battery storage capacity is 

allocated proportionally to PV and wind capacity to account for the possibility of peak shaving 

with storage plants. Non-RES generation is allocated in relation to already existing thermal 

electricity generation plants. This assumption is based on the hypothesis of the suitability of 

existing generation sites and pre-existing fuel acquisition infrastructure. 

Electricity transmission grid modelling ((5), Figure 1) is carried out with the Long-Term Trans-

mission Expansion Planning Model for an Electric System (TEPES) 4 model from the Institute 

for Research in Technology. The TEPES model optimises the transmission grid expansion, 

minimising total system costs compounded by investment and operating costs. 

                                                             
4 https://www.iit.comillas.edu/technology-offer/tepes 
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To maintain the computational burden of TEP of large-scale electricity networks as manage-

able as possible, the time resolution of the transmission expansion problem is expressed by 

144 representative load levels, derived as in [3]. Additionally, the expansion candidate lines 

are pre-selected according to congestions and nodal price differences in the electricity sys-

tem without expansion. For this step, future generation and demand are allocated at the 

corresponding transmission nodes, and a first iteration without expansion is run. TEP is then 

carried out in an additional iteration step. In the expansion iteration, the TEPES model is 

allowed to opt into continuous investment decisions. Continuous investment decisions are 

opposed to binary decisions where the model can only either build (1) or not (0) the candi-

date line. In the continuous decision framework, investment decisions can be of any magni-

tude between 0 and 1, indicating a tendency for reinforcement requirements rather than the 

final detailed transmission expansion plan. This is deemed suitable for the scope of this study 

as the objective is to evaluate the order of magnitude of reinforcement requirements rather 

than carrying out a detailed TEP. The continuous investment decisions enable the evaluation 

of the order of magnitude of transmission network investments required to integrate high 

RES shares while permitting the computation of large-scale electricity networks at reasona-

ble time thresholds. Additionally, TEP is carried out via lossless power-flow calculations to 

maintain the computational complexity of the large-scale system at a reasonable limit. 

2.3 Sensitivity analysis 

Different sensitivity analyses are evaluated for further conclusions on the similarities and 

differences of the reinforcement requirements of the selected large-scale synthetic trans-

mission networks. In this paper, scenarios describe the expansion of G&S capacities for the 

future power system (demand growth coefficients, technology restrictions for additional ca-

pacity), and sensitivities refer to variations in the allocation of these capacities within the 

grid. Hence, different scenario assumptions act at step (1) of the modelling process (Figure 

1), while sensitivity assumptions act at step (4). 

The sensitivities analyse i) the impact of the concentration of new RES capacities in the zones 

with the highest potential and ii) the impact of distributed generation on transmission grid 

expansion requirements. Consequently, the sensitivities are limited to the renewable scenar-

ios without (0%_RES) and with demand growth (2.3%_RES), as the Non-RES scenarios remain 

unchanged. The sensitivities aim to evaluate the impact of different geographical dispersions 

of RES on transmission grid reinforcement requirements. The total PV capacity (rooftop + 
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utility-scale) is the same for all sensitivities. The sensitivities are evaluated based on their 

impact on the transmission grid costs compared to the common base case scenario. 

Table 1 provides an overview of the different sensitivities and the change performed in step 

(4) of the modelling process. The six sensitivities, namely RES_Con and five different DG 

shares, are evaluated for each case study and each demand growth scenario and are com-

pared to the TEP results of the corresponding base case. The base case represents the results 

from the initial modelling process as described in 2.1 and 2.2. The sensitivity assumptions are 

described in more detail in 2.3.1 and 2.3.2. 

Table 1: Overview of sensitivities applied to the RES scenarios 

Parameter Sensitivities 
RES concentration 1. Base case (BC): around 25% of transmission nodes with RES 

2. RES concentration (RES_Con): up to 10% of transmission nodes 
with RES 

DG share 1. Base case (BC): 0% distributed generation 

2. Five sensitivities with increasing shares of DG (20%, 40%, 60%, 
80%, 100%) 

 

2.3.1 Concentrated RES allocation 

The sensitivity on RES concentration is assessed by placing a higher share of the additional 

capacity in those grid areas with higher availability of natural resources. This leads to the 

concentration of significant RES capacities in limited geographical zones. Thus, the total ad-

ditional capacity of PV and wind is located in the zones with the highest irradiation and wind, 

respectively. 

2.3.2 Increasing the share of distributed generation 

Although part of the high voltage (HV) grid is considered part of the distribution network in 

some countries, this work focuses on the rollout of smaller installations located close to de-

mand. HV is not considered in this analysis because, although it is technically part of the 

distribution grid in countries such as Spain, it is, in fact, usually referred to as sub-transmis-

sion. Consequently, the assumption of HV-connecting generation capacity representing 

smaller DG units close to demand does not hold. Hence, the definition of DG is limited to low 

voltage (LV)- and medium voltage (MV)- connecting installations. Furthermore, wind capacity 

is not assigned as DG due to a lack of applications for domestic wind installations. Hence, the 
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deployment of different levels of distributed generation (DG) is evaluated by allocating in-

creasing amounts of PV capacity closer to demand centres. High shares of DG are expected 

to decrease transmission grid reinforcement requirements for two reasons: 

1. The total amount of RES capacity remains unchanged when DG participation in-

creases. This results in the new capacity being increasingly located in distribution 

grids, closer to the demand. As the participation of utility-sized RES decreases, the 

need for power lines to transport electricity from remote areas to the cities de-

creases accordingly. 

2. As generation capacity connected to distribution grids increases, the transmission 

grid's net electricity demand (gross demand minus DG production) decreases. This 

effect might reduce transmission expansion requirements, especially in scenarios 

with demand growth.  

Overall, five different sensitivities to DG are analysed. Sensitivities start at 20% DG and in-

crease in intervals of 20% up to 100% DG. These shares are applied to the additional PV ca-

pacity installed in each RES scenario (0%_RES, 2.3%_RES) resulting from the generation ex-

pansion planning (section 2.1). This analysis does not consider distributed wind as expected 

magnitudes of DG wind capacities are small. DG availability is included in TEP as a reduction 

of demand allocated in step (4) of Figure 1. 

Several assumptions are required for evaluating increasing DG shares. The geographical allo-

cation of DG varies from utility-scale RES installations. DG installations are located at demand 

nodes, while utility-scale RES is located at generation nodes (i.e. with no demand). The geo-

graphical allocation criteria are different for LV- and MV-connecting installations. Hence, in 

the first step, the composition of DG needs to be determined. This allows to classify DG ca-

pacity according to the voltage level of connection (i.e. LV and MV). The composition of DG 

according to voltage level is determined via historical information on grid connections in the 

corresponding network area.  

MV installations are allocated according to the same criteria as utility-scale RES (section 2.2): 

resource availability, already installed capacity and suitability factors. However, unlike utility-

sized installations, MV DG is located at demand nodes instead of generation nodes. The al-

location criteria are based on the hypothesis that MV installations are of greater scale and 

expected to be installed by promoters seeking a maximisation of profits. LV-connecting DG 

is considered to represent rooftop PV prosumer installations. These installations are allo-

cated according to different criteria, as private households seeking to become prosumers do 
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not optimise their location for maximising potential benefits but connect DG to lower their 

electricity bill. The new allocation criteria modify step (4) of the modelling process of the 

base case (Figure 1). LV prosumer installations are allocated among the territory according 

to the following criteria with equal weight: 

1. Household income: Currently, rooftop PV installations require private investment. 

The potential of people willing to undertake such an investment is considered more 

likely in areas with higher household incomes. Each transmission network node is 

assigned to an income area to consider the geographical distribution of average 

household incomes. 

2. Building density: The household income criterion might lead to a similar evaluation 

of an urban and a rural geographical zone. However, in reality, urban zones offer 

fewer rooftop areas available for the installation of PV as people tend to live in flats 

rather than in separate houses. Hence, the building density of an area is considered 

an additional factor to express that, independent of household income, rooftop PV 

can be installed in a greater scale in non-urban areas. 

2.4 Normalised ratios 

Due to the different sizes of the synthetic networks, transmission grid reinforcement results 

are compared via normalised ratios. Table 2 presents an overview of the normalised ratios 

employed in the analysis, their purpose, and their units. The ratios are described in more 

detail in the following. 

Table 2: Overview of normalised ratios for evaluating grid costs for integrating high RES shares 

Normalised ratio Purpose Unit 

Unit transmission network 

investment (TN_investunit) 

Evaluation of annualised transmission 

grid investment per unit of additional 

generation capacity integrated into the 

grid for each scenario. 

EUR/kWyr 

Relative cost reduction 

(RCR) 

Operating cost reduction per additional 

investment in G&S capacity and the trans-

mission grid. This ratio is incremental 

from the Non-RES to the corresponding 

RES scenario. 

MEUR 

/MEUR 
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Grid integration cost (GIC) 

Increase of transmission grid investment 

per additional unit of energy injected into 

the grid. This ratio is incremental from 

the Non-RES to the corresponding RES 

scenario. 

EUR/MWh 

Unit transmission savings 

Decrease of transmission grid investment 

per DG capacity integrated into the net-

work. This ratio is an incremental ratio 

from the base case (BC) with 0% DG to 

the corresponding DG scenario. 

EUR/kWyr 

 

Annualised unit transmission network (TN) investment (invest) costs express the transmis-

sion investment per additional generation capacity (P_add) of all technologies (Tech) as in 

Eq. 1. The normalised ratio is based on the metric of incremental unit grid investment cost 

commonly seen in distribution grid expansion studies [25], [26]. 

𝑇𝑇𝑇𝑇_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑢𝑢𝑢𝑢𝑢𝑢𝑢𝑢 =  
𝑇𝑇𝑇𝑇_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖

∑ 𝑃𝑃_𝑎𝑎𝑎𝑎𝑎𝑎𝑇𝑇𝑇𝑇𝑇𝑇ℎ𝑇𝑇𝑇𝑇𝑇𝑇ℎ
�
𝐸𝐸𝐸𝐸𝐸𝐸
𝑘𝑘𝑘𝑘𝑘𝑘𝑘𝑘�

 Eq. 1 

The relative cost reduction (RCR) via the use of RES is put into context with the incremental 

annual investment costs for both G&S capacity and electricity grids in RES scenarios. The 

parameter is based on the system operating cost savings presented in [3] and calculated 

according to Eq. 2 for each demand growth pathway. 

𝐸𝐸𝑅𝑅𝐸𝐸 =  − 
𝑂𝑂𝑃𝑃𝐸𝐸𝑂𝑂𝑅𝑅𝑅𝑅𝑅𝑅 −  𝑂𝑂𝑃𝑃𝐸𝐸𝑂𝑂𝑁𝑁𝑁𝑁𝑢𝑢−𝑅𝑅𝑅𝑅𝑅𝑅

𝑅𝑅𝐶𝐶𝑃𝑃𝐸𝐸𝑂𝑂 (𝐺𝐺&𝑆𝑆 + 𝑔𝑔𝑘𝑘𝑖𝑖𝑎𝑎)𝑅𝑅𝑅𝑅𝑅𝑅 −  𝑅𝑅𝐶𝐶𝑃𝑃𝐸𝐸𝑂𝑂 (𝐺𝐺&𝑆𝑆 + 𝑔𝑔𝑘𝑘𝑖𝑖𝑎𝑎)𝑁𝑁𝑁𝑁𝑢𝑢−𝑅𝑅𝑅𝑅𝑅𝑅
�
𝑀𝑀𝐸𝐸𝐸𝐸𝐸𝐸
𝑀𝑀𝐸𝐸𝐸𝐸𝐸𝐸�

 
Eq. 

2 

The grid integration cost (GIC) of RES generation is based on the network development costs 

presented by [27]. In this paper, the analysis is carried out in incremental terms between 

Non-RES and RES scenarios as in Eq. 3. For this ratio, the incremental annualised transmission 

network (TN) investment (invest) is divided by the additional PV and wind energy injection 

into electricity grids (E_inj). 

𝐺𝐺𝐺𝐺𝑅𝑅 =  
𝑇𝑇𝑇𝑇_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑅𝑅𝑅𝑅𝑅𝑅 − 𝑇𝑇𝑇𝑇_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑁𝑁𝑁𝑁𝑢𝑢−𝑅𝑅𝑅𝑅𝑅𝑅

𝐸𝐸_𝑖𝑖𝑖𝑖𝑖𝑖(𝑃𝑃𝑃𝑃 + 𝑘𝑘𝑖𝑖𝑖𝑖𝑎𝑎)𝑅𝑅𝑅𝑅𝑅𝑅 − 𝐸𝐸_𝑖𝑖𝑖𝑖𝑖𝑖(𝑃𝑃𝑃𝑃 + 𝑘𝑘𝑖𝑖𝑖𝑖𝑎𝑎)𝑁𝑁𝑁𝑁𝑢𝑢−𝑅𝑅𝑅𝑅𝑅𝑅
 �
𝐸𝐸𝐸𝐸𝐸𝐸
𝑀𝑀𝑘𝑘ℎ

� Eq. 3 

For an evaluation of transmission grid cost savings via integrating distributed generation, dis-

tributed PV capacity and transmission cost savings with respect to the base case (BC) are 

analysed according to Eq. 4. Based on the transmission grid cost savings with respect to 0% 
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DG (BC), so-called unit transmission grid savings are determined. The evaluation is based on 

unit transmission savings (UTS) and considers the annualised transmission network (TN) in-

vestments (invest) and the DG capacity installed (install) in each sensitivity Si with respect to 

sensitivity S1. 

𝐸𝐸𝑇𝑇𝑆𝑆𝐷𝐷𝐷𝐷_𝑢𝑢 =  −
𝑇𝑇𝑇𝑇_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝐷𝐷𝐷𝐷_𝑢𝑢 −  𝑇𝑇𝑇𝑇_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝐵𝐵𝐵𝐵
𝐷𝐷𝐺𝐺_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑎𝑎𝑖𝑖𝑖𝑖𝐷𝐷𝐷𝐷_𝑅𝑅𝑢𝑢 −  𝐷𝐷𝐺𝐺_𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑖𝑎𝑎𝑖𝑖𝑖𝑖𝐵𝐵𝐵𝐵

        �
𝐸𝐸𝐸𝐸𝐸𝐸
𝑘𝑘𝑘𝑘𝑘𝑘𝑘𝑘�

 Eq. 4 

3 Case study input 

The methodology for assessing transmission grid reinforcement requirements at high RES 

shares has been applied to a Spanish-like electricity grid before [3]. In this work, a second 

large-scale electricity network is studied to evaluate the replicability of the methodology and 

analyse the factors that influence the magnitude of required transmission grid reinforcement 

costs in different electricity networks. The European electricity network is contrasted with a 

synthetic transmission network in the US: the ERCOT zone in Texas. The ERCOT zone repre-

sents an interesting test case for evaluating the impact of high RES shares on transmission 

grid costs as renewable potential (irradiation, wind speed) is located far off the demand cen-

tres. This configuration requires a robust transmission grid to ensure the connection of fu-

ture renewable generation sites in the Northwest of the network zone with the big cities 

located in the coastal area. This section introduces the generation capacity mix (3.1) that is 

input for the two great-scale transmission grids (3.2). Input for the sensitivities is provided in 

3.3. 

3.1 Generation capacity mix 

The optimal GEP is determined for each of the four scenarios described in section 2.1 

(0%_Non-RES, 0%_RES, 2.3%_Non-RES, 2.3%_RES). All scenarios represent a time horizon of 

2030. Total G&S capacities resulting from GEP (step (3) of Figure 1) are summarised in Table 

3 for each scenario. Additionally, the incremental capacity with respect to the initial capacity 

mix is included. Available technologies for GEP are detailed in the Appendix. In the Non-RES 

scenarios, no new solar or wind capacity can be installed. The initial Spanish capacities are 

derived from [3], representing the 2019 installed capacities with the closure of coal and the 

reduction of nuclear capacity as foreseen by the government. The initial capacity mix of the 

Texan system is considered as in [22] with the closure of existing coal capacities to account 

for the decarbonisation of the electricity sector. Technology cost input is summarised in the 
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Appendix. Gas prices are considered according to 2030 scenarios prior to the gas crisis. CO2 

is priced at 84.84 EUR/ton [28].  

In the non-renewable scenarios without demand growth, no additional generation capacity 

is required to serve the existing demand in both systems. That means that the current avail-

able generation capacity is sufficient to back up the closure of coal power plants without 

endangering the electricity system's reliability. 

Table 3: Total G&S capacity per scenario (and increase wrt the initial scenario) (GW) 

 Initial 0% demand growth 2.3% demand growth 

 - Non-RES RES Non-RES RES 

Spain 
(GW) 101 101 (+0) 139 (+38) 120 (+19) 202 (+101) 

Texas 
(GW) 86 86 (+0) 189 (+103) 110 (+24) 265 (+179) 

 

Figure 2 shows the technological composition of the capacity mixes. RES generation technol-

ogies show quite a high initial participation in the Spanish capacity mix. This is not the case 

for the capacity mix connected to the ERCOT grid. In Spain, storage consists of pumped hy-

dropower plants, while four-hour batteries are employed as storage in Texas. Battery storage 

is not installed in Spain by the GEP model due to their high investment costs. The pumped 

storage considered for the Spanish system represents a more efficient option. 

 

Figure 2: Pre-existing generation and storage capacities 

The 0%_RES scenario points out the economic efficiency of renewable generation technolo-

gies. The installed capacities result from the optimisation of electricity generation capacities 
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without technological restrictions. This means that the GEP model considers it economically 

optimal to install 38 GW RES in Spain and over 100 GW in Texas to switch from existing ther-

mal generation to new renewable generation, even though existing generation capacity can 

serve demand without additional investments (as seen in the 0%_Non-RES scenarios without 

additional generation capacity). The reduction of operating costs of the existing generation 

mix compensates for the investment in significant amounts of renewable generation tech-

nologies, even though no demand growth needs to be met. 

3.2 Transmission expansion 

3.2.1 Initial transmission network 

The impact of high RES shares on transmission grid requirements is analysed with synthetic 

networks of the two geographical zones under consideration: 

• Europe: An approximation of the peninsular Spanish transmission network is used as 

a starting point for this part of the analysis. The synthetic grid is based on the trans-

mission system used in [3]. The synthetic network comprises 479 nodes and 880 lines 

and transmission transformers, summing up to 36,273 km of electrical lines. 

• United States: The ERCOT zone of the Texan transmission network is modelled with 

the synthetic network data published in [22]. The synthetic network comprises 2,000 

nodes and 3,206 lines and transmission transformers, summing up to 48,580 km of 

grid lines. Although ERCOT does not cover the entirety of Texas, the terms ERCOT 

and Texas are used interchangeably in this analysis. 

The synthetic power grid of the ERCOT zone is chosen due to its different geographical char-

acteristics in comparison to the synthetic Spanish network. While renewable energy and 

electricity demand are distributed throughout the whole national territory in Spain, Texas 

represents a case where the areas with the highest RES potential (North and West) are far 

away from the demand centres on the coast. Figure 3 and Figure 4 provide an overview of 

both electricity grids. Figure 4 also shows the lack of corridors from the Northwest of the 

network to the demand centres further in the East. In the further course of this paper, the 

lack of connection from the resource-rich zones to the demand centres in Texas is referred 

to as West-East interconnection. 
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Figure 3: Synthetic Spanish transmission grid 

(green: 220 kV, red: 400 kV) 

 

Figure 4: Synthetic Texan transmission grid 

(green: 115 & 161 kV, red: 230 & 500 kV) 

For a more detailed understanding of the synthetic ERCOT network, demand, resource avail-

ability, and the capacity of the existing network are presented. The analysis is based on the 

eight weather zones introduced by ERCOT and shown in Figure 5. 

  

Figure 5: ERCOT weather zones, based on [24], [29] 

Table 4 provides an overview of the relative distribution of electricity demand, transmission 

grid capacity (measured in GW-km of the initial grid before expansion), and RES availability 

by resource (PV and wind). The latter is computed as the share of the total RES electricity 

available per zone in the base case of the 0%_RES scenario, which is taken as a reference due 

to the lack of RES in the initial network. This available electricity is determined as the RES 

installed capacity, resulting from the GEP model, allocated to each weather zone (following 

the methodology in section 2.2) times the corresponding capacity factors.  
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The relative distribution of demand and grid capacity is aligned throughout the zones. 87% 

of electricity demand and 75% of the existing network capacity is located in the grid zones 

around the metropolitan areas (North Central, South Central, South and Coast). While 45% 

of available PV energy is located in these zones, the share drops to 30% for wind energy. 

Following the allocation criteria, 70% of available wind energy is located in the zones North, 

Far West and West. This allocation points out the importance of the interconnection of the 

western RES-dominated zones of the network with the demand-dominated eastern zones. 

Table 4: Mapping of the geographical distribution of the synthetic ERCOT network 

 Coast East Far 
West North 

North 
Cen-
tral 

South 
South 
Cen-
tral 

West 

Demand 28% 5% 3% 2% 32% 10% 17% 3% 
Grid  
capacity 23% 9% 3% 8% 29% 6% 17% 6% 

RES availability (based on 0%_RES) 

PV 8% 13% 14% 14% 15% 9% 13% 14% 

Wind 8% 0% 24% 25% 7% 15% 0% 20% 
 

Interconnections with neighbouring grids can lead to additional reinforcement requirements 

in well interconnected transmission systems, as power exchanges of neighbouring countries 

can increase the power flows throughout the national transmission system [30]. However, 

this is not the case for the synthetic networks under considerations. According to the Spanish 

transmission system operator, the degree of the Iberian peninsula's electric interconnection 

with the rest of Europe via France is still low [31]. The lack of interconnection recently al-

lowed the Spanish and Portuguese governments to intervene temporarily in the electricity 

market, denominated as the Iberian exception. The European Commission authorised the 

intervention due to the low degree of interconnection of the Iberian peninsula [32]. Portugal 

is excluded from the analysis as the case study aims to evaluate national (local in the case of 

Texas) transmission expansion requirements for increasing RES penetration of the network. 

This simplification is justified by the size disparity between Portugal and Spain. In conse-

quence, the influence of cross-border flows is not considered to lead to a significant cost 

difference in the Spanish network’s reinforcement requirements. The degree of interconnec-

tion of the ERCOT network is very limited [33]. Given these particularities of the electricity 

systems of Spain and the ERCOT zone, the transmission modelling focuses on the detailed 

modelling of each synthetic network rather than on a depiction of interconnections. Conse-

quently, both networks are modelled without interconnections to neighbouring power grids. 
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This approach allows focusing on the differences of the networks, i.e. geographical distribu-

tion of RES potential and load density.  

3.2.2 Geographical allocation of RES generation units 

As mentioned in 2.2, generation capacity must be allocated geographically when moving 

from single-node GEP to TEP. In the case of utility-scale PV and wind, this allocation is per-

formed differently for Spain and Texas. In the case of Texas, the nodal suitability for utility-

scale RES is based on the weather zone in which the node is located (Figure 5). The system 

operator, ERCOT, publishes estimations of the suitability of weather zones for RES in the net-

work development plan [24]. In the development, ERCOT evaluates the weather zones ac-

cording to resource availability. Additionally, urban density is considered for wind evaluation, 

expressing that future wind generation sites will not coincide with densely populated urban 

areas. 

For the synthetic Spanish transmission network, RES generation units are allocated according 

to resource availability (i.e., wind speed and irradiation) [23] and already installed capacities 

as published by the system operator [21]. Both indicators are considered to have equal 

weight. Pre-existing capacities are included as an allocation factor due to the nature of the 

synthetic network. The initial network characteristics do not represent the actual system 

characteristics. Due to this, the allocation criteria are applied to the total amount of RES ca-

pacity and not just the additional capacity in each scenario. Hence, the pre-installed capacity 

criterion ensures that a part of the existing RES capacity is allocated according to the real 

geographical allocation of generators. 

3.3 Sensitivity analysis 

3.3.1 Concentrated RES allocation 

For evaluating the impact of RES concentration on transmission reinforcement require-

ments, the location of new RES capacities (step (4). Figure 1) is modified to the most re-

source-rich zones of the network. 

In the Spanish electricity system, additional PV and wind installations are concentrated in the 

provinces with the highest potential of natural resources: 

• Wind: Cádiz, Lugo, Navarra and Tarragona, resulting in a concentration of the total 

capacity in only five transmission network nodes located mainly in the north of the 

country and one zone in the southern zone close to the Portuguese border [34]. This 
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represents a much higher concentration than the base case, where additional wind 

capacity is distributed among 35 nodes. 

• PV: Almería, Badajoz, Granada and Huelva, resulting in a concentration of the total 

capacity to seven transmission nodes located in the south of the country [35]. This 

represents a much higher concentration than the base case, where additional PV 

capacity is distributed among 110 nodes.  

For the ERCOT zone, new renewable generation installations are allocated according to the 

highest potentials assigned in the 2020 Long-Term System Assessment of the system opera-

tor ERCOT [24]. The highest potentials are found in the Northern and Western zones of the 

network. Additional PV capacity is concentrated to 189 nodes (compared to 485 nodes in the 

base case), and wind capacity is concentrated to 73 nodes (373 in the base case).  

Table 5 provides an overview of each system's capacity concentration per node (MW/node) 

and demand growth scenario, comparing the base case (BC) to the RES concentration 

(RES_Con) sensitivity. Capacity per node is multiplied by 16 (PV) and 7 (wind) in the Spanish 

system and by 3 (PV) and 5 (wind) in the Texan system. 

Table 5: Capacity per node in the base case and the RES concentration sensitivity 

 Spain Texas 

 0%_RES 2.3%_RES 0%_RES 2.3%_RES 

PV 
Base case (MW/node) 252 395 97 152 
RES concentration (MW/node) 3959 6205 250 389 
Concentration ratio 
(RES_Con/BC) 

16 16 3 3 

Wind 
Base case (MW/node) 283 1172 131 204 
RES concentration (MW/node) 1979 8206 671 1040 
Concentration ratio 
(RES_Con/BC) 

7 7 5 5 

 

3.3.2 Determination of DG composition 

The share of PV capacity expected to connect at the different voltage levels of the Spanish 

electricity network is derived from historical data published by the Spanish regulator, 

Comisión Nacional de los Mercados y la Competencia (CNMC) [36]. 39% of distributed PV 

capacity is connected at LV, while 61% is connected to MV. Furthermore, the data underlines 
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that DG wind in Spain is negligible at LV and MV levels. Future connections of new RES ca-

pacity are considered to connect in line with the historical statistics of voltage levels of RES 

connections.  

For the ERCOT grid, the share of RES connected to distribution grids is determined according 

to the U.S. Energy Information Administration's (eia) 2019 annual electric power industry 

report and generator-specific information [37], [38]. According to the datasets, 48% of dis-

tributed PV installations connect to LV grids and the remaining 52% to MV grids. As in Spain, 

the share of wind that can be considered DG in Texas is negligible. 

3.3.3 Geographical allocation of LV- and MV-connected distributed generation 

units 

In Spain, household income [39] and building density [40] are derived from the Spanish sta-

tistics institute INE. In Texas, average household income is considered according to the U.S. 

Census Bureau's Small Area Income and Poverty Estimates [41]. The suitability of the differ-

ent grid zones for the installation of PV is derived from ERCOT planning scenarios [24]. 

In Spain, the information is provided for each of the 15 peninsular autonomous communities. 

Average annual household income levels in 2019 ranged from 21,611 to 37,552 Euros. The 

highest income levels are in the country's centre and along the north coast, namely in Ma-

drid, the Basque Country and Navarre. The U.S. Census Bureau provides information on a 

higher resolution for Texas. 2019 average household income is available for 254 counties and 

shows a much broader income range, from US$ 24,732 to US$ 151,806 (22,011 to 135,107 

Euros). The highest incomes are around the metropolitan areas of San Antonio, Austin, Hou-

ston, and Dallas. Additionally, a few rural areas in the West around Midland County show 

high income levels.  

Figure 6 shows the load duration curves of DG assigned per node in Spain and Texas. The 

representation is limited to the 2.3%_RES scenarios of both systems for brevity. The resulting 

assignation of the 0%_RES scenarios is proportional to the displayed curves by the ratio of 

installed PV capacity in the 0%_RES and the 2.3%_RES scenarios. The maximum DG assigned 

in Spain is 291 MW per node in the DG_100% sensitivity. In Texas, this value ascends to 100 

MW per node. The 100%_DG sensitivity yields an average assignation of 191 MW/node in 

Spain and 65 MW/node in Texas. The different magnitudes in the Spanish and the Texan 

systems directly result from the different amount of demand nodes in each grid (228 in Spain 

and 1125 in Texas). 
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Figure 6: Magnitude of DG assigned per node in Spain and Texas 2.3%_RES 

4 Transmission expansion results 

In this section, the case studies are presented in detail. Annualised costs are obtained with a 

rate of return of 7% over the installation's lifetime. The same rate is applied to all G&S and 

grid investments. The lifetime of electricity grid assets is considered 40 years. Details on the 

lifetime assumptions of the different generation technologies are provided in the Appendix. 

Refurbishment of assets is not considered in this case study. The result evaluation is carried 

out via the annualised costs to facilitate the comparison of assets with different lifetimes. All 

monetary results are given in 2019 Euros (EUR). After the analysis of the base case (section 

4.1), the sensitivities RES concentration (section 4.2) and distributed generation (section 4.3) 

are presented. 

4.1 Base case 

In this section, the results of applying the methodology described in section 2 to the synthetic 

ERCOT network are compared to the results of the synthetic Spanish network presented in 

[3]. First, the investment cost requirements in G&S capacity and transmission network ex-

pansion are compared for the four scenarios of each electricity system. After that, normal-

ised ratios presented in 2.4 of both synthetic networks (Spain and Texas) are compared to 

each other to derive conclusions on the generalisation of the findings of the Spanish-like case 

study presented in [3]. 
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The annualised investment requirements for the four scenarios for both electricity systems 

are contrasted in Table 6. Non-RES scenarios without demand growth require no additional 

generation capacity (Table 3). The demand growth scenarios show that RES pathways require 

significantly more investments in G&S capacity than Non-RES pathways to compensate for 

low full-load hours of renewable technologies. 

For Spain, transmission grid requirements are the same in both scenarios without demand 

growth. Expansion requirements in the 0%_Non-RES scenario are explained by increased re-

quirements of updating the initial synthetic network to the 2019 generation capacity and 

demand, adjusting to the closure of coal power plants, and reducing operative nuclear power 

plants according to governmental targets. Adjusting the network to a high-RES system does 

not result in extra costs. In the scenarios with demand growth, Spanish transmission grid 

requirements increase by 25% from the Non-RES to the RES scenario.  

Transmission grid investment costs show significantly higher increases for the synthetic ER-

COT grid. The 0%_Non-RES scenario only requires minor grid updates to adjust the grid to 

the closure of coal power plants. The transition to high RES shares multiplies the transmission 

expansion costs by 47. Network adaption requirements of the West-East interconnection 

(section 3.2) of generation sites with demand centres drive high investment costs. The same 

is observed in the scenarios with demand growth where transmission expansion require-

ments are multiplied by eleven from the Non-RES to the RES scenario.  

However, the synthetic Texan grid does not lead to significant variations throughout the sce-

narios when analysing the participation of transmission investment costs over total invest-

ment costs. The Spanish renewable scenarios lead to the lowest values, with around 3% of 

the total annualised investment assigned to the transmission grid. All other scenarios, RES 

and Non-RES, result in 7.0% to 9.5%. Transmission grid costs account for a greater share of 

total investment costs in the RES scenarios in the Texan system due to the increased rein-

forcement requirements of the West-East interconnection required for integrating RES. 
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Table 6: G&S capacity and transmission grid investment requirements 

 0%_Non-RES 0%_RES 
2.3%_Non-

RES 
2.3%_RES 

Annualised G&S capacity investment (MEUR/yr) 

Spain - 1,946 1,331 5,764 

Texas - 5,609 1,180 9,612 

Annualised transmission grid investment (MEUR/yr) 

Spain 63 63 130 162 

Texas 10 494 88 1009 

Grid expansion / total investment costs (G&S + transmission) 

Spain - 3.1% 8.9% 2.7% 

Texas - 8.1% 7.0% 9.5% 

 

Figure 7 shows the annualised unit transmission grid costs for all scenarios with additional 

capacity (i.e. no value is provided for the 0%_Non-RES scenarios as no new capacity is in-

stalled, Table 3). The ratios are derived via Eq. 1 (section 2.4). The highest unit cost is at-

tributed to the Spanish 2.3%_Non-RES scenario, while the Spanish RES scenarios result in the 

lowest annualised unit costs of below 1.7 EUR/kWyr. RES integration leads to lower unit 

transmission costs in a grid where demand and RES generation sites are distributed geo-

graphically, as is the case for Spain. Integrating thermal generation capacity in the 2.3%_Non-

RES scenario requires the connection of concentrated generation sites with a geographically 

distributed demand, increasing transmission unit costs. 

Annualised unit transmission grid costs for the Texan transmission system range from 3.7 to 

5.6 EUR/kWyr and show no significant variation from RES to Non-RES scenarios. RES scenar-

ios require slightly higher unit investment costs in Texas than the Non-RES scenario due to 

the West-East interconnection investment requirements. 
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Figure 7: Base case annualised unit transmission grid costs (TN_investunit) 

The incremental normalised ratios from Eq. 2 and Eq. 3 (section 2.4) are summarised in Table 

7. The relative cost reduction is greater than unity in all cases, indicating that the investment 

in RES allows a reduction of operating costs greater than the incremental investment re-

quired. No significant variation is observed throughout the zones. The same amount of in-

vestment yields the highest operating cost reduction potential in Spain. The reduction po-

tential is 1.59 MEUR/MEUR incremental annual investment in the 0% demand growth sce-

narios and reaches 2.23 MEUR/MEUR in the 2.3% demand growth scenarios. Higher fuel 

costs for gas generators and lower CAPEX (G&S and transmission) in Spain explain the higher 

saving potential. 

The grid integration cost (GIC) for RES generation is less aligned throughout the case studies. 

The case of Texas shows higher GIC due to the increased reinforcement requirements in the 

West-East interconnection, reaching 2.61 EUR/MWh in the scenario with demand growth. In 

Spain, the integration of additional RES generation results in less than 0.20 EUR/MWh in the 

scenario with demand growth. In the Spanish scenario without demand growth, transmission 

investment is of the same magnitude in the Non-RES and the RES pathways. The GIC is better 

understood in context with the LCOE of PV and wind generation. The LCOE of PV is reported 

at a median value of 54 EUR/MWh, and the median LCOE of onshore wind is 48 EUR/MWh 

[42]. Hence, grid integration costs are below 5.5% of generation LCOE. Summing the grid 

integration costs to the G&S LCOE of PV and wind, respectively, still results in values below 

the LCOE of thermal generation capacity, i.e. CCGT at 87 EUR/MWh [42], [43]. 
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Table 7: Incremental normalised ratios for the base cases 

  
RCR 

[MEUR/MEUR] 

GIC 

[EUR/MWh] 

No demand growth Spain 1.59 - 

 Texas 1.41 2.15 

Demand growth Spain 2.23 0.16 

 Texas 1.47 2.61 

Overall, the results presented in this section show the generalisability of the findings pre-

sented in the Spanish-like case study [3]. Despite the increase of transmission expansion re-

quirements in the synthetic ERCOT network due to the West-East interconnection bottle-

neck, normalised ratios of the expansion costs of the Texan and the Spanish synthetic net-

works are of the same order of magnitude. Transmission grid reinforcement costs are below 

10% of total investment costs (G&S + grid), and transmission grid integration costs of high 

RES shares are below 5.5% of the LCOE of RES generation capacity provided in the literature. 

4.2 Impact of RES capacity concentration on transmission expansion 

costs 

This section analyses the impact of geographical RES concentration in resource-rich network 

zones. The results of the sensitivity (section 2.3) are compared to the corresponding base 

case scenario (section 4.1). The resulting transmission expansion costs are presented in this 

section. 

The unit transmission investment costs (TN_investunit, Table 2) and the RES curtailment levels 

are selected as parameters to evaluate the effects of RES concentration. The sensitivity re-

sults (RES_Con) are compared to the corresponding base cases (BC, section 4.1) in Figure 8. 

As the capacity installed is the same in the BC and RES_Con sensitivities and only the location 

varies, the percental increase of unit transmission investment from the BC to RES_Con is the 

same as the increase of total transmission investment. Transmission grid costs are normal-

ised with installed capacity for the sake of presentability. 
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Figure 8: Unit transmission investment costs and RES curtailment levels increase in RES concentra-

tion sensitivities and base cases 

The results indicate that the synthetic Spanish transmission network, where RES potential 

and electricity demand are more distributed among the grid (Figure 3), is better prepared to 

deal with a scenario of RES concentration without significantly impacting unit transmission 

costs and RES curtailment. In the 0%_RES scenario, the RES_Con sensitivity shows no signifi-

cant increase in these two parameters. In the 2.3%_RES scenario, the concentration of addi-

tional capacity increases transmission investment by 17% and RES curtailment by 50%. This 

means that 7.15% of available PV and wind energy object to curtailment. 

In the synthetic ERCOT network, the existing West-East bottleneck (section 3.2) increases the 

impact of RES concentration in zones with high RES potential, away from demand centres. 

Compared to the base case, transmission investment requirements are multiplied by 2.3 and 

2.4 when RES capacity is concentrated in zones with high resource potential. For the 0%_RES 

scenario, this increase in investment costs is accompanied by a rise of the curtailment rate, 

increasing from 10% to 13% of available PV and wind energy. In the 2.3%_RES scenario, cur-

tailment is only slightly increased from 10% in the base case to 11% of available PV and wind 

energy in the RES concentration sensitivity. Significantly higher investment is required for the 

Texan concentration sensitivities to reach similar curtailment levels to the base case. 

The findings of the Texan network point out the trade-off between optimal dispersion of RES 

capacity among the grid and optimal availability of resources. Large distances between the 

demand centres and areas with optimal RES availability significantly increase the impact of 

geographical RES concentration on transmission reinforcement requirements. 
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4.3 Impact of high DG shares on transmission expansion costs 

This section evaluates the impact of the deployment of different shares of DG on transmis-

sion grid costs. The effect of DG on electricity grid expansion requirements in the two elec-

tricity systems is evaluated in comparison with the base case in which no DG is installed. This 

work focuses on the transmission network by analysing large-scale electricity grids. DG inte-

gration into distribution networks is covered broadly within existing literature [25], [26], [44], 

[45], [46], [47]. Transmission investment is put in context with the base case (BC) (section 

4.3.1), and transmission grid cost savings via DG integration are evaluated (section 4.3.2). 

4.3.1 Transmission expansion investment 

Results show that transmission expansion requirements vary according to location, demand 

growth scenario, and DG sensitivity. In general terms, transmission reinforcement costs are 

higher in Texas than in Spain due to the high adaption requirements of the synthetic ERCOT 

transmission system to accommodate renewable generation capacity in the resource-rich 

West. At the same time, the demand is mainly located in the coastal area (section 4.1). Figure 

9 focuses on the relative transmission investment requirements when moving from the base 

case to increasing shares of DG. For each electricity system (Spain, Texas) and each scenario 

(0% demand growth, 2.3% demand growth), the base case serves as a respective baseline 

for transmission investments. Hence, the BC always provides the baseline at 100% relative 

investment. 

 

Figure 9: Transmission expansion investment wrt the BC per scenario and sensitivity 

Almost all DG sensitivities in both geographical zones and demand growth scenarios allow 

transmission investment savings. Only in the Spanish scenario without demand growth do 
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two sensitivities result in minor increases in transmission grid costs: DG_20% leads to a 3% 

cost increase and DG_100% to a 1.2% increase concerning the BC. These low changes are 

considered negligible due to the updating requirements of the initial synthetic Spanish net-

work described in section 4.1. Consequently, the Spanish 0% demand growth scenario allows 

less potential transmission grid savings with DG employment. The 2.3% demand growth sce-

nario underlines the transmission expansion saving potential via DG deployment. The inte-

gration of RES capacity into the transmission network is a stronger reinforcement driver than 

the grid update requirements at such significant amounts of RES capacity (Table 3). 

The Texan synthetic network allows a relative reduction of transmission expansion costs of 

at least 6% (0% demand growth, DG_20%). The saving potential in the Texan synthetic trans-

mission grid underlines the existing bottlenecks hampering an efficient West-East intercon-

nection (section 3.2). Higher DG participation locates generation resources closer to the de-

mand centres, thus reducing the requirements for reinforcing the transmission network. The 

sensitivities of increasing DG shares in scenarios with a 2.3% annual demand increase, the 

80% DG sensitivity results in higher transmission grid requirements than both the 60% and 

the 100% sensitivities. The DG allocation criteria (see 2.3.2) lead to a geographical allocation 

that is not always aligned with the geographical dispersion of demand. Hence, available local 

generation capacity surpasses load in some network zones. This leads to reverse power flows 

between the load centres in the network's East and centre areas at 80% DG penetration. At 

100% DG, these inter-zonal power flows are reduced due to more DG availability in all zones. 

Consequently, transmission grid costs are reduced in the 100% DG sensitivity. Furthermore, 

the peak in transmission investment is compensated by reduced operating costs due to a 

decrease in CCGT participation in the energy mix. Hence, total system costs (operation + 

transmission investment) are lower in the 60% DG sensitivity than in the 80% sensitivity. 

As observed above, in the Spanish synthetic network, the highest relative cost reductions are 

yielded in the scenario with demand growth due to the incorporation of higher amounts of 

RES capacity impacting the transmission grid. In the Texan synthetic network, the reverse 

effect is observed. The demand growth scenario incorporates such a significant amount of 

RES that the location of DG PV has less influence on the transmission grid reinforcement 

requirements. Wind capacity is still located in the Western zone of the network (Table 4), 

creating bottlenecks that need to be solved by investing in the West-East interconnection. 
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4.3.2 DG-induced transmission expansion savings 

Figure 10 contrasts the DG capacity installed and unit transmission savings (Eq. 4, section 

2.4) for each sensitivity. Unit transmission savings range from slightly negative values in two 

Spain 0% demand growth sensitivities (20% and 100% DG, in line with the observations in 

Figure 9) to over 7.5 EUR/kWyr for the Texan 2.3% demand growth DG_20%. Unit transmis-

sion saving potential is generally higher in the Texan synthetic network. This finding points 

out the influence of the West-East congestion that is being reduced by placing PV capacities 

close to demand centres, even though DG availability surpasses demand. 

Low DG shares in demand growth scenarios allow the highest unit transmission savings in 

both grids. Although relative reductions of transmission grid costs are lower at sensitivities 

with low DG shares (Figure 9), the installed PV DG capacity, i.e. the denominator of Eq. 4, is 

also smaller, increasing unit transmission savings. Contrarily, reverse power flows are more 

likely to occur in hours with negative net demand at high DG penetrations. In these sensitiv-

ities, transmission grid reinforcement is necessary to evacuate corresponding energy to the 

wider network, reducing the unit transmission savings, especially in sensitivities DG_80% and 

DG_100%. 

 

Figure 10: Distributed PV capacity and unit transmission savings per scenario and sensitivity (with 

respect to the BC with 0% DG) 

5 Conclusions 

This paper investigates electricity transmission grid reinforcement requirements for future 

scenarios with high RES penetrations. A pre-existing study about the effects on transmission 
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grid expansion requirements when investing in RES instead of Non-RES generation capacity 

is complemented by contemplating a second large-scale electricity transmission network 

with notably different RES availability and load density. The analysis considers two pathways: 

one with no growth in electricity demand and one with an annual growth of 2.3%. Electricity 

systems with high RES shares have been contrasted with systems without additional RES ca-

pacity for both demand growth pathways. The scenarios were evaluated with a common 

methodology, employing synthetic transmission networks of two different geographical 

zones: Spain and Texas. The Spanish synthetic transmission network represents a 479-node 

network where RES generation sites and load are distributed throughout the territory. In the 

synthetic 2000-node network of the ERCOT zone in Texas, the highest RES potential is found 

in network zones far away from demand, driving bottlenecks in the connection of RES gen-

eration sites and demand centres. 

In general terms, the case studies confirm that decarbonising the electricity system requires 

a higher investment in RES generation and storage capacity, as well as in grid assets, than the 

capacity needed in Non-RES scenarios. Transmission grid investment costs for integrating 

high RES shares account for 21 to 75 EUR/kW of new RES capacity, depending on the condi-

tions of the initial transmission system. Compared to Non-RES G&S expansion pathways, in-

cremental electricity grid costs for injecting additional PV and wind energy account for up to 

2.61 EUR/MWh incremental transmission grid costs in systems with pronounced bottlenecks 

in the initial system aggravated by RES, representing up to 5.5% of PV and wind LCOE. 

Furthermore, the incremental investment costs in renewable generation, storage and grid 

expansion in the RES scenarios are largely offset by fuel and emission cost reductions com-

pared to Non-RES scenarios. Comparing the Spanish and Texan RES and Non-RES scenarios 

without demand growth underlines that investment in new renewable generation capacity 

decreases overall system costs, even though no additional G&S capacity is required in the 

non-renewable scenarios. Even significant congestions in the initial transmission system, 

such as the West-East interconnection in the synthetic ERCOT grid, do not jeopardise the 

savings from RES. Despite higher transmission reinforcement requirements in the synthetic 

Texan electricity grid due to greater distances between RES generation sites and demand 

centres, the reduction in annual operating costs outweighs the additional investment costs 

in all scenarios. Operating costs are reduced by up to 2.23 MEUR per MEUR of incremental 

investment cost when moving from Non-RES to RES. 
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The results confirm that grid investment costs should not be seen as an economic barrier to 

integrating high shares of RES and meeting the 2030 decarbonisation targets, regardless of 

the grid configuration. Furthermore, the case studies confirm that the required decarboni-

sation of the power sector can be achieved at lower costs than in other Non-RES alternative 

futures. 

In addition to assessing the generalisability of the findings on transmission costs for integrat-

ing high shares of renewable energy into large electricity grids of different types, this paper 

contributes further sensitivities on the impact of the geographical dispersion of renewable 

generation capacity on transmission costs. The sensitivities are systematically evaluated with 

the base case as a common baseline, following a consistent methodology for evaluating dif-

ferent geographical dispersions. As seen from the ERCOT sensitivities, the concentration of 

RES in zones with the highest resource availability can significantly increase transmission in-

vestment requirements and curtailment levels. In the synthetic Spanish network, a network 

with more dispersed demand and resource availability (geographically speaking), the effect 

of RES concentration on transmission investment and curtailment levels ranges from almost 

none (0%_RES) to some (2.3%_RES). The results of the Texas case study underline the trade-

off between optimal RES placement according to resource availability and optimal placement 

to keep grid reinforcement requirements low. 

Increasing participation of distributed generation in future high RES scenarios can alleviate 

the burden from the transmission grid. The sensitivities provide a large-scale electricity grid 

perspective to prior smaller-scale studies in the literature. DG is located directly at demand 

centres, hence representing electricity that does not need to be transported through the 

transmission grid to reach consumption sites. Fostering DG rollout is found to be a helpful 

tool for reducing transmission grid expansion requirements, especially in scenarios with de-

mand growth. In the synthetic Spanish transmission system, the benefits of 100% DG are 

reduced as local production exceeds demand. The resulting reverse power flows again re-

quire transmission grid reinforcement. This effect is not observed in the synthetic ERCOT grid 

due to the lack of interconnection between RES generation sites and demand centres. Thus, 

high DG shares reduce the need for reinforcing the West-East interconnection, resulting in 

higher transmission savings. These results highlight the importance of prosumer installations, 

not only from a citizen participation point of view but also for an efficient use of the trans-

mission system. 
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Despite the simplifications applied throughout the case study, mainly due to computational 

issues, the results of the TEP allow for an assessment of the impact of different RES disper-

sion factors on the transmission system. The base case results highlight the outstanding ben-

efits of increasing investment in both generation and transmission capacity to decrease total 

system costs due to fuel and emission savings. This conclusion holds even in highly congested 

networks such as the ERCOT transmission network with the existing West-East interconnec-

tion issue. Overall, the results point out that to meet the 2030 decarbonisation goals, the 

relevant discussion concerning the decarbonisation of the electricity mix should not be 

whether grid investment costs may outweigh the benefits of increasing renewable shares. 

Instead, the debate should focus on ensuring a fast grid connection for the new renewable 

capacity necessary to achieve the decarbonisation and electrification levels that are needed. 
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8 Appendix 

Table 8: Modelling cost input parameter; ES costs are computed according to [48]; US costs according to NREL 2019 ATB [49] 

  
CO2  
emissions 
(EUR/MWh) 

Firmness (-) 
Investment cost 
(EUR/kW) Fuel (EUR/MWh) O&M 

(EUR/MWh) Lifetime (years) Round-trip 
efficiency 

Spain US Spain US Spain US Spain US 

Nuclear 0 0.97 - - 8.72 7.3 0 0 - - - 

CCGT 28 0.96 845.1 776.8 32.58 19.1 2 2.7 25 55 - 

OCGT 42.42 0.96 544.1 776.8 48.88 28.3 11 6.4 25 55 - 

Hydro 0 0.44 - - 0 0 3 0 80 100 - 

4h Battery 0 0.69 961 443.1 0 0 0.00025 0 10 15 0.9 

Pumped hy-
dro storage* 0 0.96 

600 
to 
1000 

N/A 0 - 3 - 80 - 0.75 

PV 0 0.07 500 515.1 0 0 0 0 30 30 - 

Wind 0 0 950 1026 0 0 0.01 0 25 30 - 

ENS 0 - - - 0 0 1000 1000 - - - 

 

*) The assumptions for pumped hydro storage available to the GEP model for the Spanish electricity system are based on the extension of existing generation 

sites. Hence, installation costs might be lower than in other references. 
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7.3 Paper 3 

• A parametric model to estimate DER-driven distribution reinforcements is 
proposed. 

• The model considers four types of DER, allocated per municipality and voltage level. 
• The model is applied to a policy-based 2030 scenario for Spain. 
• Results show a geographical misalignment of DG and load electrification. 
• Total reinforcement requirements sum up to 130% of the annual investment limit. 
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Large-scale estimation of electricity distribution grid reinforcement
requirements for the energy transition – A 2030 Spanish case study
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A B S T R A C T

The increasing interest in distributed energy resources (DER) challenges electricity distribution grids to host the
required distributed generation (DG) capacities and the expected load increase from electrification. However, a
large-scale estimation of costs for integrating DER into low, medium, and high voltage distribution networks has
yet to be addressed. This paper contributes a model for the large-scale estimation of the impact of distributed
generation, electric vehicles and heat pumps on network reinforcement requirements. The model allocates future
DER geographically to 8000 Spanish peninsular municipalities. The large-scale model considers low, medium
and high voltage distribution grids. The resulting distribution grid investment is determined via individualised
reinforcement costs for each of the 47 peninsular Spanish provinces, distinguishing between urban, semi-urban,
rural concentrated and rural dispersed configurations of distribution networks. A 2030 case study shows that the
geographical allocation of DG is not aligned with the allocation of load electrification, leading to total investment
requirements of 2627 MEUR. This finding points out that distribution system operators covering different parts of
the territory are likely to face a variety of challenges that are not aligned across the territories, requiring
regulation to account for a variation of distribution grid expansion requirements for the energy transition.

1. Introduction

Distribution system operators (DSOs) face growing distributed en-
ergy resources (DERs) penetrations. These comprise utility-scale gen-
eration units connecting to distribution grids and low voltage (LV)
customers seeking to generate their own electricity. Decarbonising the
heat and transport sectors also leads to further demand electrification
and additional DER penetration. Ambitious decarbonisation targets are
expected to impact electricity grids (IEA, 2024a), and its evaluation
requires certain assumptions on the geographical allocation of future
DER capacities to be made first.

Some authors have proposed methods for the large-scale allocation
of Renewable Energy Resources (RES) generation throughout pre-
defined regions of a given country based on general data and simplified
grid representation. In these cases, only transmission grids are consid-
ered. The authors of (Sun et al., 2022) employ a data envelopment
analysis to allocate Chinese RES targets optimally among the 30 Chinese
provinces. Renewable portfolio standards are assigned according to in-
dicators related to electricity consumption so that each province might
cover a share of domestic electricity consumption via RES. An approach

for allocating RES capacity throughout Chinese provinces by minimising
the levelised cost of electricity (LCOE) and transmission costs is pre-
sented in (Xu et al., 2021). In (Drechsler et al., 2017), the authors pro-
pose an approach for the efficient and equitable spatial allocation of
photovoltaic (PV) and wind resources throughout Germany. The
approach searches for the social optimum of "the evenness of burdens
from renewable electricity production across the German population",
accounting for transmission expansion requirements between different
zones of the country.

Other studies focus on the DER allocation within a specific distri-
bution grid, considering the electrical characteristics of the network.
The allocation of DER within the distribution grid is also the subject of
literature (Pesaran H.A.A et al., 2017; Ehsan and Yang, 2018). An al-
gorithm for the optimal allocation of wind, PV, gas turbines and storage
devices on a 69-bus distribution system case study is proposed in
(Home-Ortiz et al., 2019). The optimal location and size of multiple
distributed generation (DG) units for minimising losses are evaluated in
(Lee and Park, 2009). The methodology is demonstrated on the 30-bus
IEEE medium voltage (MV) test system. In (Lee and Park, 2013), the
work of the previously mentioned paper is improved by enhancing the
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representation of RES sizes. The study works with the MV IEEE 31-bus
benchmark system. The integration of PV, electric vehicles (EVs) and
heat pumps (HPs) into a low voltage (LV) system with 170k households
in Switzerland is analysed in (Gupta et al., 2021). The authors work with
a DSO to define network reinforcement requirements. Network rein-
forcement costs from the DSO area are assumed to apply to the rest of the
country.

Due to the size and complexity of distribution grid feeders, literature
on RES allocation in distribution networks commonly focuses on the
location within one selected feeder of one voltage level. Extrapolation to
a national scale is not a frequent part of the analysis. The authors of
(Gupta et al., 2021) estimate nationwide grid costs for integrating DER
into LV grids. The analysis does not include MV and high voltage (HV)
distribution networks. Grid reinforcement requirements are assessed on
a national level for German low, medium and high voltage networks in
(Vu, 2018). In various scenarios, the authors assess the reinforcement
required for integrating DG (i.e. PV, wind and biomass) and EVs into 238
different regions. A method for assessing distribution reinforcement
requirements for integrating EV chargers is proposed in (Ferreira et al.,
2020). The large-scale study considers 25,000 low voltage networks.
The impact of residential load electrification and EV integration into
Californian electricity grids is evaluated in (Elmallah et al., 2022). The
authors consider temporal and spatial aspects of future loads. Costs are
computed according to a catalogue, and the available capacity of the
circuits is considered to determine reinforcement needs. To the best of
the authors’ knowledge, there is no large-scale study to assess the costs
of integrating DER into low, medium and high voltage distribution
networks, contemplating distributed generation, electric vehicles, and
heat pumps.

This paper contributes a model to estimate large-scale distribution
electricity grid reinforcement requirements for accommodating
distributed energy resources throughout the Spanish peninsular terri-
tory. The model considers electricity distribution systems at low, me-
dium and high voltage. DER technologies comprise multiple
technologies for distributed generation and load electrification. DG is
represented via PV and wind generation; load electrification is carried
out via residential EVs and HPs. The spatial distribution of the new re-
sources is determined via deterministic input parameters rather than via
optimisation to depict that promoters do not always follow the
economically optimal allocation. The allocation is carried out via so-
called scaling factors. Scaling factors are comprised of attributes that
describe the likelihood of a technology being installed in a given area,
such as the availability of natural resources (i.e. wind speed, irradiation)
or a household’s purchase power. Grid expansion costs are individu-
alised for each of the 47 peninsular Spanish provinces and distinguish
between urban, semi-urban, rural concentrated and rural dispersed
distribution areas. Provincial unit expansion costs are extrapolated from
the cost database of a Spanish DSO. The contributions can be summar-
ised as follows:

• Methodology for the geographical allocation of DG and demand
electrification technologies (EVs and HPs) with a resolution of Local
Administrative Units (> 8000 municipalities in the case of Spain).

• Consideration of all voltage levels classified as distribution-level in
Spain, i.e. from low to high voltage.

• Deployment of unit expansion costs extracted from the database of a
Spanish DSO, as well as extrapolation methodology to the whole
country.

The remainder of this paper is organised as follows: Section 2 illus-
trates the criteria employed for the geographical DER allocation. The
approach for calculating grid reinforcements is presented in Section 3.
Section 4 presents the case study. Section 5 concludes the paper.

2. Geographical allocation methodology

The Spanish peninsular territory comprises 15 autonomous com-
munities (CA, Fig. 1), 47 provinces (Fig. 2) and over 8000 municipalities
(Fig. 3). Autonomous communities represent the regional classification
at the NUTS1 2 level, provinces at NUTS 3, and the municipalities are
Spanish Local Administrative Units (LAU).2 The allocation of DG, EVs
and HPs is carried out at the municipality level. However, the other
territorial classifications are relevant for data processing and will be
referenced throughout the document.

The allocation of DER to municipalities is made via scaling factors
(SFs). The criteria for calculating the SFs differ for DG and demand
electrification technologies. Fig. 4 provides a generalised representation
of the SF calculation methodology. Mixed SFs are employed. They allow
the definition of scaling factors that consider several criteria. The mixed
SFs, SFmix

m , of each municipality m are calculated from n individual SFs,
SFindm , and their weights w. Individual scaling factors allow considering
different criteria C deemed relevant for allocating future DG, EVs and
HPs. Examples of these criteria are resource availability and household
income. An overview of the criteria employed is shown in Table 1;
further details are described in Section 2.1 for DG and 2.2 for load
electrification.

It must be noted that, due to the large scale of the model, regional
differences in the uptake of DER are captured via the criteria employed
for the SFs only. Other differences, such as regional policies to foster
certain technologies, are not considered explicitly in the model. Hence,
the geographical allocation of future DER carried out by the model
might deviate from the actual conditions. However, individual scaling
factors, such as the geographical distribution of the population, allow for
a reasonable estimation of load electrification trends. Furthermore, the
criteria employed for utility-scale DG represent the most relevant
criteria for selecting optimal generation sites (MITECO and REE, 2024).
All data for the geographical allocation is employed with a geographical
granularity level of municipalities (LAUs), enhancing the level of detail
observed in previous studies. The scaling factors will be described in
more detail throughout this section.

The sum of the weights of all the criteria for determining the mixed
SF is unity (Eq. 1). Consequently, the sum of all municipalities’ mixed
SFs is unity, meaning that SFmix

m represents the share of DER allocated to
each municipality. Hence, the final capacity of each of the DG tech-
nologies (i.e. PV and wind), number of EVs or demand via HPs of a
particular municipality can be obtained by multiplying the total amount
by its SFmix

m .

Fig. 1. Peninsular autonomous communities (NUTS 2).

1 Nomenclature of Territorial Units for Statistics (NUTS) is a classification of
countries’ regions for statistical purposes, deployed in the European Union. It is
used for harmonising European regional statistics and allows to carry out socio-
economic analyses of the regions (Eurostat, 2024a).

2 Local administrative units (LAU) represent a subdivision of NUTS 3 regions
and comprise municipalities and communes in the European Union (Eurostat,
2024b).
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∑n

i=1
wi = 1 (1)

It is relevant to consider whether the capacity is installed in urban or
rural areas, as network expansion costs vary according to grid charac-
teristics (Prettico et al., 2016). Table 2 indicates the four categories
established in Spanish regulation, their number of supply points
(Ferreira et al., 2020), and the abbreviated denomination of each dis-
tribution zone type used in this paper. Municipalities are assigned a
supply zone type according to an estimation of the number of supply
points obtained through the methodology presented in Appendix A.

2.1. Geographical allocation of distributed generation

The methodology differentiates between small prosumer in-
stallations and utility-size installations. Prosumer installations are allo-
cated according to criteria expressing the likelihood of a household
investing in a rooftop PV installation. Utility-scale installations are ex-
pected to seek profit maximisation or, as a proxy, the maximisation of
electricity generation. Fig. 5 summarises the generation capacity allo-
cation process. Prosumer installations comprise those connected to low
voltage (LV), whereas utility-size DG connects to medium voltage (MV)

and high voltage (HV). The extra high voltage level (EHV) is part of the
transmission system and, hence, is excluded from this analysis. The
allocation criteria for prosumer and utility-scale installations are
detailed in Sections 2.1.1 and 2.1.2, respectively.

2.1.1. Prosumer allocation
Prosumer is a denomination for grid users that are producers and

consumers, commonly referring to LV customers opting to install DG
capacity. Hence, LV connecting generation capacity is considered for
prosumer allocation. Wind energy connected to LV grids is assumed to
be negligible, and the prosumer analysis is limited to residential behind-
the-meter PV systems. Three indicators are considered for prosumer
deployment: their contracted capacity, the average household income,
and the building density (Table 1).

Reducing the electricity consumed from the grid is one of the main
drivers for prosumer installations (UNEF, 2023). Consequently, the
contracted capacity of grid consumers is one indicator to estimate the
geographical distribution of future prosumer development. The Spanish
ministry publishes the contracted capacity of secondary substations (MV
and below) for each province in the continuity of supply statistics
(MITECO, 2023a). The database contains the contracted capacity and
the number of supply points for each type of electricity supply zone
(Table 2) within each province (Fig. 2). This data allows to determine
the installed capacity per supply point for each province according to the
supply zone. Total contracted capacity S for municipality m, subject to
their electricity supply zone sz, is obtained with Eq. 2, where SP repre-
sents the number of supply points determined via the methodology
described in Appendix A, and pr indicates the provinces.

Sm(sz) =

(
S
SP

)

pr(m),sz
∗ SPm (2)

However, a household’s decision to purchase a PV system is not
solely based on the size of its electricity demand but also on the pur-
chasing power of the household. Thus, the average household income of
the municipalities is also considered (INE, 2022a).

Furthermore, the building density of the territory is included as a
third indicator (INE, 2022b). This indicator expresses that, although
households may have similar electricity demand and purchase power
levels, urban areas have less available surface per supply point for
installing PV panels than rural areas. As people are more likely to live in
apartment buildings in urban areas, not every household disposes of an

Fig. 2. Peninsular provinces (NUTS 3).

Fig. 3. Peninsular municipalities (LAU).

Fig. 4. Scaling factor calculation for the geographical allocation.

Table 1
Summary of criteria used for the determination of mixed SFs.

DG Electrification

Prosumer Utility-
scale

EVs HPs

Household income X   X
Contracted power X   
Building amount X   
Resource availability  X  
Environmental sensitivity (ES)  X  
Hosting capacity (HC)  X  
EV substitution rate   X 
Required thermal energy demand
(RTED)

   X

Table 2
Classification of electricity distribution grid types according to supply points
(Ministerio de Economía, 2000).

Denomination Number of supply points

Urban U > 20k
Semi-urban SU 2k to 20k
Rural concentrated RC 200 to 2k
Rural dispersed RD < 200
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individual rooftop for PV. On the contrary, people are more likely to live
in separate houses in rural communities, disposing of surfaces for PV
installations for individual households.

The individual scaling factors of contracted capacity, household in-
come, and building density are computed for the prosumer allocation
mixed SF according to Fig. 4 with equal weight of every individual SF.

2.1.2. Utility-scale allocation
The geographical allocation of utility-scale generation connected to

MV and HV grids is split into two steps to account for the considerations
of DG promoters when deciding the location of a new plant, as shown in
Fig. 6.

Firstly, the most suitable region (NUTS2) for RES deployment is
selected using resource availability as a primary indicator. Additionally,
the Spanish ministry’s environmental sensitivity (ES) classification
(MITECO, 2023b) is considered. The surface of the Spanish territory is
classified according to its environmental suitability for developing PV
and wind energy, respectively. It expresses the likelihood of a favourable
environmental evaluation of the project. Next, the capacity is assigned
to the municipalities of each region. The available hosting capacity (HC)
is considered an additional indicator. Spanish DSOs are required to
publish the available HC for distribution voltage levels (i.e. from 1 kV up
to 132 kV). For the sake of simplicity, the methodology considers the HC
published by the five biggest DSOs in Spain, supplying over 75 % of total
electricity consumers (e-distribución, 2023; E-REDES, 2023; i-DE, 2023;
UFD, 2023; Viesgo, 2023; CNMC, 2020).

The scaling factors for both steps are calculated as shown in Fig. 4.
Resource availability and ES are computed as equivalent areas (km2eq

t,m),
derived via Eq. 3. Both criteria are different for the technologies t, i.e. PV
and wind. The terrain of each municipality is classified into groups g. In
the case of resource availability, the groups rank the terrain’s potential
for RES production. For ES, the groups express the likelihood of a pos-
itive environmental evaluation of a generation installation.

km2eq
t,m =

∑

g

(
wg ∗ km2

g,t,m
)

(3)

Five groups are employed for both criteria, ranging from no suit-
ability (i.e., very low resource availability/very low probability of a
successful environmental evaluation) to high suitability. The weights of
the five groups for the computation of Eq. 3, wg, are presented in
Table 3.

The units of the criteria and the weights for the computation of the
mixed SF for utility-scale DG allocation are provided in Table 4. Step 2
indicates two different weight options for the criteria. This approach is
introduced because some CAs have no available HC. Consequently, this
factor is only accounted for when capacity is available to guarantee that
the Step 2 mixed SF of the municipalities within each CA sums to unity.

2.2. Mapping of demand electrification technologies

2.2.1. Electric vehicles
Spanish EV adoption has been more measured compared to other

European nations, with a fleet electrification rate below 1.5 % in 2023
(European Commission, 2024a). The Spanish National Energy and
Climate Plan3 (NECP) aims at 5.5 million EVs by 2030, encompassing
various vehicle categories such as cars, motorbikes, vans, and buses
(Spanish Government, 2023). Private cars are anticipated to constitute
3.5 million of these vehicles, representing 14 % of the existing fleet. This
analysis only addresses the implications of the private charging infra-
structure (home and workplace) on the distribution grid, which is ex-
pected to account for approximately 70 % of the total amount of EVs
anticipated for 2030 (LaMonaca and Ryan, 2022; Transport and Envi-
ronment, 2020).

Given the varying reliance on private cars across regions within the
country and the disparate rates of infrastructure development, it is un-
realistic to assume a uniform EV penetration across municipalities. This
study extrapolates from historical EV registration data from 2015–2022
for each municipality to project the distribution of the EV fleet in 2030

Fig. 5. Flowchart of the generation capacity allocation process.

Fig. 6. Two-step utility-scale DG allocation process.

Table 3
Weighting criteria for the determination of equivalent km2.

Group 1 2 3 4 5

Weight 0 0.1 0.3 0.7 1

3 As mandated by the Energy Union Strategy, EU Member States publish their
mid-term decarbonisation targets in the form of National Energy and Climate
Plans (NECPs) (European Commission, 2024b). In those plans, the Member
States describe their ambitions for 2030, covering decarbonisation, energy ef-
ficiency, energy security, internal energy market, and research, innovation and
competitiveness (European Commission, 2022). The NECPs are updated every
two years.
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(Dirección General de Carreteras, 2024). The country is segmented into
89 categories, each estimated to have different EV ownership rates.
These categories include non-urban and urban municipalities with
populations ranging from 5000 - 20,000 to 20,000 - 50,000 and 86
distinct Urban Areas (UA). Note that the municipality classification for
allocating future EVs differs from the power distribution service zones
presented in Table 2. The reason is that the electricity grid classification
is based purely on the number of electricity supply points within the
municipality, which is deemed insufficient to capture all factors relevant
to the adoption of EVs accurately. Instead, municipalities are classified
based on the Statistical Atlas of Urban Areas published by the Spanish
Government, which considers additional indicators such as population
density, demographics, housing characteristics, price indices, and
existing and planned transport infrastructure (Ministerio de Vivienda y
Agenda Urbana, 2023). This approach is considered better suited for EV
allocation.

Fig. 7 shows that, by the end of 2022, the rate of EV ownership in
municipalities ranged from 0.9 to 1.6 EVs per 1000 residents. However,
to achieve the target of 3.5 million EVs by 2030, the rate of EV owner-
ship must escalate to between 66 and 115 EVs per 1000 residents,
contingent on the specific region.

Under these growth assumptions, the projected number of EVs per
municipality can be determined based on their territory type. The dis-
tribution capacity needed to accommodate the home charging infra-
structure for the expected fleet of every municipality is calculated under
the assumption that every new EV is expected to increase the contracted
capacity on the customer side by up to 3.6 kW (Hall and Lutsey, 2024).

2.2.2. Heat pumps
Themixed SF for HP allocation shows similarities to the prosumer PV

allocation: average household income represents purchase power.
Furthermore, the Required Thermal Energy Expenditure (RTEE) model
is employed.4 The model provides theoretical expenses for each mu-
nicipality and considers factors such as the building type, the climate
zone of the municipality (Barrella and Blas-Álvarez, 2024), and the
average household size. This paper estimates the required thermal en-
ergy demand (RTED) by using the RTEE model, given in kWh/(house-
hold*yr), scaled to each municipality via the number of supply points
(Appendix A). This is a proxy of the number of households in each
municipality. The RTED per municipality indicates the relative distri-
bution of heat demand throughout municipalities. The mixed SF is
calculated according to Fig. 4, with equal weight of average household
income (EUR) and RTED per municipality (MWh/yr) (see Table 1). The
former has been demonstrated to be a key barrier to heat pumps’
adoption (Barrella et al., 2020; Sunderland and Gibb, 2024; Duarte
et al., 2021), while the latter is a crucial variable in a diverse climate
such as the Spanish one (Barrella and Blas-Álvarez, 2024).

With that, HPs’ thermal energy demand is allocated to each munic-
ipality. Then, the corresponding electricity demand is calculated ac-
cording to Eqs. 4–8, following the assumption that a household covers
all its annual thermal energy requirements (heating and cooling) via the
installed HP. First, Eq. 4 determines the number of HPs, nºHP, per mu-
nicipalitym as the ratio of thermal energy assigned via the mixed SF, Eth,

and the annual thermal energy demand RTED of a dwelling d in the
municipality m. This allocation is subject to the restriction in Eq. 5 to
avoid that small municipalities with high per-capita RTED and high
average household incomes being assigned thermal energy above their
total RTED. The peak thermal energy requirement of a dwelling in each
municipality, Eth

d,m, is determined via Eq. 6. The unit peak thermal energy
requirement per square meter is an input to the model, derived from the
methodology of (Barrella et al., 2020). The average dwelling size within
a municipality, m2

d,m, is derived from the same input dataset. The peak

electrical energy requirement of a dwelling, Eel
d,m, is determined by

dividing the peak thermal energy demand by the performance factor PF,
which is the Coefficient Of Performance (COP) in the case of the heating
peak and the Energy Efficiency Ratio (EER) in the case of the cooling
peak (Eq. 7). The COP and EER vary by municipality according to the
climate zone. Finally, the electric capacity of installed HPs for each
municipality, Pel

m, is derived as the product of maximum electrical energy
to be supplied per dwelling and the number of dwellings expected to
install a HP in the municipality.

nºHPm =
Eth
m

RTEDd,m
(4)

Eth
m ≤ RTEDd.m ∗ SPm (5)

Eth
d,m =

Eth
m

m2 ∗m
2
d,m (6)

Eel
d,m =

Eth
d,m

PFm
(7)

Pel
m = Eel

d,m ∗ nºHPm (8)

3. Distribution grid reinforcement

3.1. Unit grid expansion costs

DER-driven distribution reinforcement costs depend on several fac-
tors, such as whether the feeder is an urban or a rural network feeder
(Herding et al., 2021). For example, rural networks commonly show
longer lines to serve fewer customers (Prettico et al., 2016), as areas are
less densely populated than urban zones.

The unit costs applied in this study are actual costs based on the

Table 4
Criteria units and weights for two-step DG allocation SF.

Criterion Unit Weight Step 1
CA

Weight Step 2
Municipality

Resource availability km2eq 0.6 0.33 / 0.5
ES km2eq 0.4 0.33 / 0.5
HC MW - 0.33 / 0

Fig. 7. Evolution of the EV ownership rate by type of territory (2015–2030)
(Dirección General de Carreteras, 2024).

4 The RTEE models the annual theoretical expenses of a household for
heating and cooling (Barrella et al., 2023), (Barrella et al., 2021)
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database of a Spanish DSO. Costs considered refer to grid expansion
works for connecting third-party installations. The cost database details
construction works over the last few years, including the size of the
installation, the related cost, and the municipality. The costs are clas-
sified into the electricity grid service zones according to the municipality
(Table 2). Only those provinces with sufficient data are considered for
determining an average expansion cost. Table 5 shows the provinces
with data availability on average unit costs per distribution grid zone.
RD areas show significantly lower data availability.

The data is analysed to identify the most fitting extrapolation for
covering the 47 provinces of the peninsular territory. Fig. 8 shows the
annualised costs converted into normal distributions considering each
grid type’s average cost and standard deviation. For the annualisation of
electricity grid asset costs carried out throughout this document, the
asset lifetime is assumed to be 40 years, and the discount rate is set at
7 % (Herding et al., 2021).

For statistical analysis of the distributions, the p-value test is carried
out and confirms the 3rd-degree normal distribution. Extrapolation to
the remaining provinces is carried out by randomly assigning a proba-
bility value to each province, allowing for assigning costs based on the
distribution function. These costs are applied to MV and HV grids. LV
costs are determined via two cost terms charged to customers of Spanish
distribution networks. These costs must be paid for new connections and
increasing the contracted capacity (Villasur, 2023). They represent ac-
cess and extension rights (Table 6).

3.2. Determining grid reinforcement requirements

Distribution grid reinforcement is calculated for each municipality
based on the allocation performed via the criteria presented in Section 2.
DER integration might trigger reinforcements for various reasons, such
as voltage and frequency deviations or thermal line loading limits. The
maximum capacity that can be connected to a network node without
causing any threat to the safe network operation is denominated hosting
capacity. The proposed model employs HC as a threshold of DER that
can be connected without requiring new network assets, as will be
specified in the following subsections.

The municipality-specific reinforcement is then aggregated for MV
and HV according to the province and grid type. Reinforcement costs
can then be calculated via the cost catalogue described in 3.1. For LV,
costs are assigned according to Table 6. The reinforcement requirements
are determined differently for DG (3.2.1) and demand electrification
(3.2.2).

3.2.1. Distributed generation
Network reinforcement for connecting DG is calculated via the

existing nodal HC. DG connections are contrasted to the HC of the
connection voltage level and the available HC in the upstream networks.
The MV network must accommodate both MV and LV connecting DG
capacities. Correspondingly, the HV network must accommodate HV,
MV and LV capacities. Available HC published by the five biggest
Spanish DSOs is considered (e-distribución, 2023; E-REDES, 2023; i-DE,
2023; UFD, 2023; Viesgo, 2023). Spanish regulation requires DSOs to
publish HC for all network nodes above 1 kV (CNMC, 2021a). HC is
subject to regulatory requirements to ensure the safe operation of dis-
tribution grids. DSOs are required to consider aspects such as thermal
line loadings, bus voltage levels, and the node’s short-circuit power. HC
is further limited by pre-existing generation and load facilities and their
output/withdrawal (CNMC, 2021b). Hence, this data can only be
applied to MV and HV DG installations. Network upgrades are necessary

in municipalities where the allocated capacity surpasses available HC. In
those municipalities m, the magnitude of the required additional ca-
pacity P_add for each voltage level kV is determined via Eq. 9, where DG
expresses the total capacity assigned to the municipality at the voltage
level under consideration and downstream of it, and HC the available
HC.

P_addm,kV = DGm − HCm,kV (9)

However, the data of available HC published by DSOs might show
HC across nodes within a limited geographical zone when the HC is only
available at one node. Requesting access to one node eliminates the HC
at the remaining nodes. This may happen due to upstream network
congestion. Consequently, the HC of a municipality cannot be consid-
ered the sum of all nodes’ HC. Hence, the approach of Eq. 9 represents an
upper limit of available HC. A sensitivity will be calculated in which the
HC is considered zero.

Due to the lack of HC data for LV grids, the entire LV PV is expected
to require reinforcement to avoid underestimating costs.

3.2.2. Demand electrification
The impact of demand electrification is determined via the increase

in peak demand. The base load for each municipality is determined via
the contracted capacity and a representative LV load profile (MITECO,
2023a; REE, 2023). The municipalities’ contracted capacity is obtained
from Eq. 2. The municipality’s base load profile provides the base load
peak. The EV load profile is extracted from (REE, 2023), and the HP load
profile from (Barrella et al., 2020). The impact of the peak demand in-
crease on grid reinforcement depends on simultaneity factors (Fig. 9).
They are employed by DSOs for system planning and vary per voltage
level. They represent hypotheses on the coincidence of peak load. The
simultaneity factors employed are provided in Table 7 (Pieltain Fer-
nandez et al., 2011). An LV simultaneity factor of 0.4 is found in the
literature. However, non-optimal residential load management might
increase the simultaneity factor, i.e. due to simultaneous heat demand
(Röder et al., 2021). Hence, a sensitivity evaluation with increasing LV
simultaneity factors from 0.4 to 1 in steps of 0.1 is included in the result
discussion. Distribution grid HC for connecting new loads is not pub-
lished by Spanish DSOs. A conservative approach is chosen, which
considers the entirety of the peak load increase after applying the
simultaneity factor to trigger reinforcement. This is depicted in Fig. 9.

Table 5
Number of provinces with sufficient data available per grid type.

U SU RC RD

Nº 23 24 24 14

Fig. 8. Normal distributions of unit grid costs per grid type extracted from
the database.

Table 6
Regulated costs for increasing contracted LV capacity
(Villasur, 2023).

Term Cost

Access rights 19.70 EUR/kW
Extension rights 17.37 EUR/kW
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4. Case study

4.1. Case study input

A case study is carried out to evaluate the model’s functionality. The
scope is the target scenario of the 2019 Spanish NECP (Spanish Gov-
ernment, 2023). Table 8 provides an overview of the capacities to be
added for 2030.

First, the classification according to voltage level is carried out
(Fig. 5). The amount of DG per voltage level is estimated with historical
data (CNMC, 2022). Table 9 shows the share of PV and wind capacity
connected per voltage level as of September 2023. It underlines that
wind installations at the LV level are neglectable. Additionally, the table
presents the DG capacity installed per voltage level for the case study.

Maps of the input data for the mixed SFs are presented in the
following figures. All data is provided at the municipality level (Fig. 3).
Fig. 10 presents the average household income. In general terms, income
is highest in the country’s capital, the northeast of the country, and in
other bigger cities such as Murcia (southeast). Fig. 11 presents the
annual RTED employed for HP thermal demand allocation. As RTED is
expressed as a sum of heating and cooling demand, coastal areas with
milder winters have lower RTED. Fig. 12 presents the number of
buildings in each municipality for rooftop PV potential evaluation. The
geographical distribution of the 2030 EV fleet derived from 2.2.1 is
presented in Fig. 13. Fig. 14 and Fig. 15 present the equivalent surface
according to the ES of PV and wind, respectively. The highest values are
found around the coast in the country’s southeast and in the centre of
Andalusia. The geographical distribution of terrain suitability of both
technologies shows high similarities due to impeding factors (i.e. natural
protected areas) applying to both. Fig. 16 and Fig. 17 show the equiv-
alent surface according to resource availability for PV and wind,
respectively. PV shows high potential in the South. The map of wind
resource availability indicates only a few hotspots throughout the
territory.

4.2. Case study results

4.2.1. Technological allocation
Fig. 18 presents the resulting geographical distribution of DG ca-

pacity and peak load increase. Fig. 18 a) shows that DG capacities are
installed predominantly in the South due to the favourable ES (Fig. 14
and Fig. 15) as well as the resource availability for PV installations
(Fig. 17). Fig. 18 b) points out that the load increase is concentrated in

Fig. 9. Determination of reinforcement requirements from demand
electrification.

Table 7
Load simultaneity factors (Pieltain Fernandez et al., 2011).

LV MV HV

Simultaneity factor 0.4 0.85 0.95

Table 8
Case study input – added capacities (Spanish Government, 2023).

Technology PV (MW) Wind (MW) EV (num) HP (ktep)

Capacity 30,110 22,300 3500,00 2894

Table 9
DG capacity per voltage level in Spain (CNMC, 2022).

LV MV HV EHV

Share of capacity per voltage level
PV 8 % 15 % 16 % 61 %
Wind 1 % 4 % 35 % 60 %
Resulting capacity per voltage level (MW)
PV 2526 4552 4683 18,348
Wind - 885 8062 13,353

Fig. 10. Average household income (EUR/yr).

Fig. 11. Annual required thermal energy demand (MWh/yr).
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bigger cities. The cities’ population density increases the number of EVs
assigned and the total RTED due to more dwellings per municipality.
Future electricity demand will not be located in the same municipalities
as DG capacities. Consequently, DSOs cannot largely profit from possible
synergies between DG availability and load to reduce electricity grid
requirements. The correlation between the assignation of DG and the
peak load increase is 0.25.

Fig. 19 shows the allocation of DG to the different distribution supply
zones. The majority is assigned to SU and RC municipalities. A total of
8.8 GW is assigned to RC municipalities. SU municipalities account for
6.3 GW. U and RD municipalities are assigned below 5 GW of DG due to
the low weight of those zone types in the municipalities with the highest
DG potential. Figs. 14–17 show that both criteria of equivalent km2 are
higher in the South, where most municipalities are classified as SU or RC
(Fig. 26).

The allocation of EVs and HPs increases peak electricity demand by
17,078 MW. Applying the simultaneity factors (Table 7) results in

required capacities of 6831 MW at LV, 5807 MW at MV and 5516 MW at
HV. Fig. 20 shows the peak demand increase per grid zone. It shows an
even distribution in all grid zones except RD zones. This result is in line
with the geographical distributions of the allocation criteria. Population
density increases the RTED of urban municipalities, driving HP alloca-
tion. SU and RC municipalities represent 70 % of the Spanish peninsular
municipalities (Table 11), leading to a high representation of these
zones.

4.2.2. Distribution grid reinforcement requirements
Fig. 21 shows maps of the annualised reinforcement costs per mu-

nicipality. Fig. 21 a) shows the costs for integrating DG, and Fig. 21 b)
shows the costs triggered by the peak load increase. The distribution of
costs aligns with the allocation of capacities presented in Fig. 18.

Fig. 22 shows the total reinforcement requirements derived from the
geographical allocation. Network upgrades are quantified in capacity as
well as in annualised investment costs. Upgrades amount to 44 GW of

Fig. 12. Number of buildings.

Fig. 13. Geographical distribution of the 2030 EV fleet.

Fig. 14. Environmental sensitivity (km2eq) – PV.

Fig. 15. Environmental sensitivity (km2eq) – Wind.
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network assets, translating to 197 MEUR/yr of investment. The current
regulated investment into the Spanish electricity distribution system is
2012 MEUR (CNMC, 2024). The investment presented in Fig. 22 rep-
resents a total of 2627 MEUR, amounting to 130 % of Spain’s annual
distribution grid investment limit, to be realised by 2030. However, it
must be considered that those updates do not include any investment
into digitalisation or replacement of assets due to end-of-life, which are
expected to require significant investments (IEA, 2024b; Eurelectric,
2024). Furthermore, the upgrades for EV integration are limited to
private charging infrastructure and do not account for commercial EV
fleets or public charging infrastructure.

Fig. 23 shows the sensitivity results over available HC (3.2.1). Fig. 23
a) represents the stacking of investment requirements for integrating DG
when accounting for the municipalities’ HC as the sum of the nodes’ HC.
The magnitude is lower than the costs presented in Fig. 22 b) because the
figure is limited to the costs induced for integrating DG; load is not
included. Fig. 23 b) shows the investment in case no HC was available.
The total costs amount to 131 MEUR/yr in a) and 149 MEUR/yr in b),

representing a 14 % increase in the latter. This relatively small increase
indicates that the geographical allocation of DG does not optimally
exploit HC. Only 5.4 % and 7.6 % of HC are exploited at MV and HV
level, respectively. Fig. 24 provides further insight into the issue by
showing the total available HC (MV+HV) according to the distribution
zone. It shows that most HC is in U and SU municipalities. However, DG
capacity is assigned mainly to RC municipalities (Fig. 19). Although this
is not an optimal result in terms of exploiting existing grid capacity,
factors such as resource availability and environmental sensitivity play a
significant role in site selection, driving DG away from municipalities
with available HC.

Fig. 25 presents a disaggregation of the distribution grid reinforce-
ment costs triggered by DG (Fig. 21a) and those triggered by load
electrification L (Fig. 21b). The different columns for load represent the
costs associated with the sensitivities according to the different LV load
simultaneity factors described in 3.2.2. The figure shows that, at the LV
simultaneity factor of 0.4 (Table 7), the network upgrade costs for load
electrification are half the DG integration costs. Grid expansion for
integrating DG cannot offset the requirements for load increase due to
the different geographical allocations of DG and load (Fig. 18). As LV
load simultaneity factors increase towards 0.8, grid costs approach the
magnitude of DG. At LV load simultaneity factors of 0.9 or 1, grid costs
for load surpass those for DG. Realistic values of future LV simultaneity
factors might be between 0.4 and 0.8, as the coefficient describes the
simultaneity of the entire load. The base load will likely follow historical
simultaneity factors, while electricity demand for EVs or HPs might
show higher simultaneity factors. Consequently, the simultaneity factor
of the entirety of the load is not expected to reach 1. In any case, the
efficient management of future electricity demand is crucial for main-
taining distribution grid costs at a reasonable magnitude.

5. Conclusions

This paper presents a deterministic model for calculating distribution
grid reinforcement requirements for integrating distributed generation
(DG), electric vehicles (EVs) and heat pumps (HPs) throughout Spain.
DG covers PV and wind installations. The assessment is carried out for
the over 8000 peninsular municipalities and includes LV, MV and HV
grids. Electricity distribution expansion costs for MV and HV networks
are extracted from the project database of a Spanish DSO and extrapo-
lated to the rest of the territory.

All municipalities are first classified into urban (U), semi-urban (SU),
rural concentrated (RC), and rural dispersed (RD) distribution zones
according to the Spanish regulation. DG, EVs and HPs are then
geographically allocated to the municipalities via individual criteria. DG
is allocated differently for prosumer and utility-scale installations.

Distribution grid reinforcement requirements are determined
differently for DG and load electrification. The network’s nodal HC for
accommodating DG is publicly available for voltage levels above 1 kV.
Due to the lack of information below 1 kV, zero available HC is assumed
for LV PV integration. For load, reinforcement is determined via the
peak load increase associated with EV and HP allocation. The resulting
reinforcement for each voltage level is determined via simultaneity
factors, considering zero available HC for load.

The model’s functionality is demonstrated by implementing a 2030
NECP case study. The case study shows that future DG installations are
allocated to networks in semi-urban and rural concentrated municipal-
ities. Both resource availability and environmental sensitivity are
favourable in SU and RC municipalities. The main part of DG capacity is
assigned to HV networks due to the employment of historical data for
allocating DG to voltage levels. Despite the availability of HC, a signif-
icant part of DG triggers reinforcement due to the location in mainly RC
municipalities, while HC availability is dominant in U and SU
municipalities.

The peak load increase is allocated equally to all grid zone types
except RD due to the low population density of RD municipalities. The

Fig. 16. Resource availability (km2eq) – PV.

Fig. 17. Resource availability (km2eq) -Wind.
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reinforcement due to load increase is around half the costs for inte-
grating DG. However, a sensitivity analysis of the LV load simultaneity
factor indicates that increasing simultaneity due to electrification may
lead to load-induced costs surpassing DG-induced costs at an LV simul-
taneity factor of 0.8 and above. This highlights the importance of the
efficient management of EVs and HPs so as not to aggravate their impact
on distribution grid reinforcement.

The allocation maps of DG and load increase throughout the territory
show that future DG capacities are not geographically aligned with the
peak load increase. This finding points out that the DSOs covering
different parts of the territory are likely to face a variety of challenges

Fig. 18. Geographical allocation of a) peak load increase, b) DG capacity.

Fig. 19. Stacking of relative DG allocation to distribution supply zone type.

Fig. 20. LV peak demand increase per grid zone.

Fig. 21. Map of reinforcement cost triggered by a) DG integration, b) peak load increase.

Fig. 22. Reinforcement requirements – a) Capacity and b) annual-
ised investment.
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that are not aligned between the territories. The total required invest-
ment is 2627 MEUR, representing 130 % of Spain’s annual electricity

distribution investment limit.
The model represents a tool to efficiently assess the impact of the

geographical allocation of DG and load electrification on distribution
grids of the whole Spanish peninsular territory based on the costs of
actual projects in a Spanish DSOs’ network. The model can be employed
for other non-Spanish electricity systems when the corresponding input
data is provided. Future work should focus on further disaggregating the
cost catalogue to contemplate different costs for MV and HV grids and
consider the asymmetric nature of costs for integrating generation and
load. Furthermore, adding other aspects of electrification, such as public
charging infrastructure, electrolysers or the electrification of industrial
energy demand, can help further deepen the understanding of the
impact of electrification on distribution networks.
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Appendix A. : Classification of Spanish municipalities according to distribution grid type

The Spanish municipalities are assigned to a distribution grid service zone according to an estimation of the number of residential supply points in
the municipality. The Spanish Statistical Institute publishes the number of households for municipalities with over 2,000 inhabitants (INE, 2023a).
This number is employed as an indicator of the number of residential electricity supply points for urban and semi-urban areas. It cannot be used to
distinguish rural concentrated from rural dispersed areas because both consist of less than 2,000 supply points. The number of supply points for rural
areas is simplified as the inhabitants (INE, 2023b).

The methodology is evaluated on the municipalities in the cooperating DSO’s service territory. Table 10 shows the comparison. In the first step, the
number of municipalities for each service zone is presented for both, the DSO data and the classification from the algorithm. The results from the
algorithm are reduced to the municipalities of the DSO’s service territory. The right side evaluates the correct assignations by the algorithm. Results
show that urban and semi-urban areas are approximated closely to the DSO’s classification of municipalities. The approach for the total zones leads to
a shift from RC zones towards RD zones. Still, the majority of municipalities are classified correctly. Applying this approach to the entirety of the
Spanish peninsular territory results in the identification of 24,796,759 residential service points. This amounts to 84% of the total registered Spanish
service points in 2020 (CNMC, 2020). The final assignation of supply points to the peninsular municipalities is shown in Fig. 26.

Fig. 23. DG-related investment requirements considering a) available HC and
b) 0 available HC.

Fig. 24. HC according to grid supply zone.

Fig. 25. Annualised investment for DG integration and load electrification
sensitivities.
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Table 10
Verification of municipal grid type estimation via mixed criteria with the DSO’s data

Municipality classification Correctly identified by the 
algorithm

DSO data Algorithm Total Relative (of 
algorithm)

U 99 86 82 95%

SU 554 520 469 90%

RC 1957 1879 1649 88%

RD 1136 1264 977 77%

Table 11 evaluates the assignation regarding the number of municipalities and share of surface assigned to each service zone. The table points out
that, in terms of the number of municipalities and surface, the majority of the peninsular territory is classified as a rural concentrated distribution grid
service zone, while urban zones represent only a minor part of the territory. Rural dispersed areas represent only 13% of the surface despite accounting
for 29% of the municipalities.

Table 11
Analysis of municipality service zone assignation

Share of peninsular municipalities Share of peninsular surface

U 2% 6%
SU 17% 30%
RC 52% 51%
RD 29% 13%

Fig. 26. Supply point assignation of Spanish municipalities.

Data Availability

Data will be made available on request.
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Röder, J., Meyer, B., Krien, U., Zimmermann, J., Stührmann, T., Zondervan, E., 2021.
Optimal design of district heating networks with distributed thermal energy storages
– method and case study. Int. J. Sustain. Energy Plan. Manag. 31, 5–22. https://doi.
org/10.5278/ijsepm.6248.

Spanish Government, ‘Spanish National Energy and Climate Plan - 2020 version’.
Accessed: Oct. 26, 2023. [Online]. Available: 〈https://commission.europa.eu/energ
y-climate-change-environment/implementation-eu-countries/energy-and-climate-g
overnance-and-reporting/national-energy-and-climate-plans_en〉.

Sun, J., Wen, W., Wang, M., Zhou, P., 2022. Optimizing the provincial target allocation
scheme of renewable portfolio standards in China. Energy 250, 123699. https://doi.
org/10.1016/j.energy.2022.123699.

L. Sunderland and D. Gibb, ‘Taking the burn out of heating for low-income households’,
Regulatory Assistance Project. Accessed: Jun. 10, 2024. [Online]. Available: 〈https
://www.raponline.org/knowledge-center/taking-burn-out-of-heating-low-income-
households/〉.

Transport and Environment, ‘Recharge EU: How many charge points will EU countries
need by 2030’, Jan. 2020. Accessed: May 02, 2024. [Online]. Available: 〈htt
ps://www.transportenvironment.org/discover/recharge-eu-how-many-charge-point
s-will-eu-countries-need-2030/〉.

UFD, ‘Capacidad de acceso para la conexión de generación en nuestras subestaciones’,
Distribuidora de electricidad del Grupo Naturgy. Accessed: Feb. 13, 2023. [Online].
Available: 〈https://www.ufd.es/capacidad-de-acceso-de-generacion/〉.

UNEF, ‘El autoconsumo fotovoltaico instalado en España creció un 108% respecto a
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7.4 Paper 4 

• We assess a relaxation of the calculation criteria for nodal hosting capacity. 
• Dynamic HC (DHC) accounts for RES output stochasticity, enhancing grid flexibility. 
• Security-aware DHC (SDHC) contemplates the probability N-1 contingencies. 
• Security-aware DHC minimises risks, ensuring reliable energy integration. 
• DHC and SDHC allow to inject significantly more energy compared to static HC. 
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A B S T R A C T

Hosting capacity (HC) describes the electricity network’s ability to accommodate distributed generation (DG) 
without deteriorating electrical performance indicators. Distribution system operators typically express their 
networks’ HC as a single threshold, called static hosting capacity (SHC). SHC is determined via conservative 
regulatory criteria, increasing connection costs and time. This paper explores the potential for additional energy 
injection into the network via dynamic hosting capacity (DHC). A network node’s DHC is derived from the hourly 
operation of the network, accounting for the time variability of existing distributed generation (DG) output and 
demand. The methodology considers the network assets’ N-1 contingencies and their probabilities, defining the 
security-aware DHC (SDHC). The SDHC definition is technologically neutral. Through a case study of a radial 
medium voltage distribution network, the paper highlights the significant limitations of SHC due to conservative 
calculation criteria mandated by regulators. Annual injectable energy is increased by 62% to 76% when 
comparing DHC to SHC. Variations between average DHC and SDHC are below 0.01% due to low N-1 proba-
bilities. This finding points out the potential of dynamic hosting capacity definitions, allowing more efficient use 
of the existing network and facilitating the integration of new DG capacity with reduced connection costs and 
time.

1. Introduction

Significant additions of renewable energy sources (RES) into the 
distribution networks are expected over the following decades. The 
permitting process is one of the main bottlenecks for RES expansion, 
which is brought up frequently within the sector and is well-known by 
policymakers [1,2,3]. The electricity grid plays a significant role in 
integrating new RES generation [4]. Network congestion due to the 
increasing integration of distributed generation (DG) is already preva-
lent in European distribution networks [5]. The grid’s capacity to inte-
grate further generation or demand is denominated hosting capacity 
(HC). For the determination of a network node’s available HC, the 
impact of connecting a new unit on performance indicators such as 
power quality is considered [6]. The capacity of RES that can be con-
nected to the node without exceeding the limit of the performance index 
is the HC [7].

The European Commission encourages the publication of available 
network HC to provide transparency to RES promoters and direct 
connection requests to areas with available grid capacity [8]. Several 

distribution system operators (DSOs) already provide this information in 
the form of lookup tables or interactive maps [9,10,11,12,13]. These 
available HCs commonly represent a static threshold determined via 
regulatory criteria. However, due to the conservative criteria for 
calculating the network’s HC, reinforcement requirements are often 
determined for assets that might only be used for a few hours per year 
[14]. This poses an unnecessary economic burden on connection seekers 
and increases connection times due to time-consuming network expan-
sion works [8,15]. Flexibility mechanisms can be a valuable tool to 
reduce distribution network infrastructure investments [14]. One of 
those tools is flexible network access. Opposed to firm access, flexible 
network access allows for a more dynamic definition of the network 
capacity offered to a network user [8]. It represents the option for the 
DSO to define the network’s HC more dynamically to adjust to the 
operational reality of demand and RES generation fluctuations instead 
of calculating a static hosting capacity (SHC) threshold as currently 
performed by most DSOs [5,16]. Increasing advances in digitalisation 
already performed or foreseen for the near future allow for more mon-
itorisation and a more dynamic operation of electricity distribution grids 
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[17]. A dynamic control of power injection according to the instanta-
neous performance of the grid may be expected, enhancing the viability 
of applying a dynamic HC approach.

Distribution grid HC for integrating RES has been subject to studies 
for years [6,7,18]. The literature can be categorised according to two 
dimensions: i) how HC is defined, and ii) the quantification 
methodology.

The definitions of HC uncertainty, stochastic HC, and locational HC 
have been reviewed in [19]. However, the HC of modern power systems 
is of a dynamic nature due to changing load patterns and variable RES 
availability. Stochastic HC contemplates uncertainties influencing the 
network’s HC. Still, many stochastic HC evaluations define HC as a 
single threshold applied throughout the whole year [20]. A dynamic 
definition of HC can speed up the integration of RES into existing elec-
tricity networks [21]. A typical Scottish network’s HC is evaluated for 
integrating wind energy via a deterministic and a dynamic probabilistic 
approach in [22]. The authors focus on determining the HC of the 
network as a whole rather than exploring the benefits of dynamic 
hosting capacity (DHC) over SHC. A weekly definition of DHC for inte-
grating PV at a university building in Morocco is evaluated in [23]. The 
network node’s DHC is calculated in the first step, and the optimal PV 
generator’s size in the second step.

The HC of 17 real utility distribution feeders to integrate increasing 
penetrations of PV is evaluated via a genetic algorithm in [24]. HC is 
assessed via the Monte Carlo (MC) method based on maximum and 
minimum daytime load to express extreme operating scenarios. Final HC 
is determined via a conservative approach as the minimum of detected 
thresholds. A linear power flow algorithm for maximising a distribution 
network’s HC is proposed in [6]. HC is considered a static threshold for 
different sets of nodes of the IEEE 33-bus network with no existing DG. A 
computationally efficient methodology to determine a network’s SHC 
for integrating PV is proposed in [25]. The authors of [26] show via 
thermal models that implementing dynamic thermal transformer rating 
allows to connect PV capacity surpassing the rated transformer capacity. 
The benefits of a dynamic definition of HC for PV that allows for tem-
porary violations of the network’s operational limits are evaluated via 
quasi-static time-series analysis in [27]. In the dynamic evaluation, HC 
is 60 % to 200 % higher than SHC for the worst-case moment of 
maximum PV-to-load ratio. However, the final HC results obtained from 
the dynamic evaluation are presented as a static threshold of PV 
capacity.

Based on the limitations defined on the literature review, this work 
contributes the following:

1. Evaluation of DHC over SHC: Literature focuses on different HC 
definitions for integrating a specific technology, i.e. PV or wind 
power. This work employs an approach similar to the results pre-
sented in [23]. HC is evaluated from a network node’s point of view, 
independent of a generation unit’s size. The proposed methodology 
presents an approach to assess the benefits of dynamic hosting ca-
pacity versus static hosting capacity, with the latter being deter-
mined via conservative regulatory criteria currently applied in Spain, 
considered representative of common as-usual conservative criteria 
for SHC computations. DHC is subject to the operating conditions 
derived from RES and load which are represented as hourly curves to 
capture the variability throughout the year.

2. Technologically neutral evaluation of HC: Both SHC and DHC are 
calculated from a network perspective, i.e., technologically neutral, 
as DSOs require. This means that hosting capacity is presented as a 
network node’s HC rather than the HC for a specific generation 
technology under evaluation. The modelling of DHC accounts for the 
uncertainty of renewable energy availability by employing several 
sample years in a combinatorial analysis and the time variability of 
the demand throughout the year. DHC and SHC are compared in 
terms of energy injection into the network.

3. Definition of security-aware dynamic hosting capacity to ac-
count for network contingencies’ probabilities impact on DHC: 
The model includes an evaluation of the impact of contingency 
considerations for a holistic comparison with existing regulations. 
DHC is assessed one by one for all network assets’ N-1 failures. The 
network nodes’ security-aware dynamic hosting capacity is intro-
duced. It is derived by determining the DHC for each N-1 contin-
gency, accounting for the respective probability of occurrence of the 
N-1 contingency scenario. It is presented as an hourly annual curve 
instead of a single threshold, allowing RES promoters to plan their 
investment optimally.

The rest of the paper is organised as follows: the modelling meth-
odology of SHC, DHC and SDHC is presented in 2, and the case study 
design, including model inputs, is presented in 3. Section 4 presents the 
results of the case study on the benefits of SDHC over SHC. Section 5
concludes the paper.

2. Methodology

This work assesses the benefits of a flexible definition of nodal HC 
that accounts for realistic operating conditions resulting from the vari-
ability of RES and load throughout the year. The results of the analysis 
are limited to the node under evaluation, similar to hosting capacities 
published by DSOs [9,10,11,12,13]. The following definitions of 
different HC concepts are employed throughout this paper:

• Static hosting capacity (SHC): single HC threshold derived via 
conservative criteria of minimum load and maximum availability of 
existing generation.

• Dynamic hosting capacity (DHC): hourly curve of HC accounting 
for operating results based on load and existing generation profiles.

• Security-aware hosting capacity (SDHC): hourly curve of HC ac-
counting for DHC under N-1 contingencies of all normally closed 
network elements and their probabilities of occurrence.

Fig. 1 summarises the methodology for obtaining HC in its different 
definitions. Network reconfigurations r are employed to account for N-1 
contingencies of the network assets compared to normal operating 
conditions N, while hours h convert HC from a static threshold to a 
dynamic definition.

A network node’s hosting capacity is determined as the maximum 
injectable active power. The nodal maximum injectable energy is ob-
tained via optimal power-flow (OPF) analysis to ensure that operational 
security limits are not violated. Secure network operation is guaranteed 
via thermal line limits and maximum voltage deviations. Note that 
although voltage regulation mechanisms such as tap changers and 
inverter controls may provide additional value to implementing a DHC 
approach, they have been excluded from the study since not all distri-
bution grid zones may be able to resort to these devices. Consequently, 
the results shown are conservative and focus on the impact of RES and 
load variability alone.

The OPF’s objective function seeks the minimisation of system costs. 
Hence, ascending cost signals are employed to ensure the merit order 
within the network. This will not result in an economic dispatch of the 
system components but is used to ensure that the cost minimisation al-
gorithm does not curtail preexisting generators or load to increase HC. 
Cost signals rank the merit order as follows:

1. Existing generation capacity: preexisting generators in the 
network must not be curtailed to inject more energy at the node 
under HC evaluation.

2. HC evaluation node: energy injected at the HC evaluation node.
3. Import from the external grid: electricity imports from the up-

stream network to cover local demand.

L. Herding et al.                                                                                                                                                                                                                                 International Journal of Electrical Power and Energy Systems 161 (2024) 110210 

2 



4. Energy non-served: load curtailments represent a last-resort 
mechanism to ensure the safe operation of the network within se-
curity limits.

Furthermore, some countries’ regulations require the evaluation of 
HC accounting for short-circuit currents. For example, Spanish regula-
tion defines the short-circuit ratio (SCR) for each distribution network 
node as [28] presented in Eq. (1), where Scc represents three-phase 
short-circuit power, and PMPEi is the capacity of all N generation units 
connected at the node under analysis. SCR considerations are limited to 
the static evaluation under normal operating network configuration. 
Dynamic SCR due to different reconfigurations and varying demand/ 
generation patterns are out of the scope of this work. 

SCR =
Scc

∑N
i PMPEi

(1) 

The result of the optimisation represents nodal HC. Different 
network nodes are evaluated in this study to obtain a broader under-
standing of SHC, DHC and SDHC. In this section, the criteria for the 
calculation of the different hosting capacities are described. SHC is 
calculated according to the regulatory requirements described in 2.1, 
and DHC modelling is described in 2.2. SDHC modelling is described in 
2.3.

2.1. Static hosting capacity according to regulatory requirements

A node’s SHC is the maximum injectable energy for the reference 
scenario without violating the operational security limits. Static hosting 

capacity is evaluated based on peak generation and valley load to 
guarantee the available HC at all hours. As for considerations of network 
unavailability, worst-case SHC is assessed under N-1 contingency con-
ditions. SHC under N-1 contingencies is evaluated, including network 
reconfigurations to ensure service availability in case of asset failure. 
Dynamic network reconfiguration (DNR) is considered according to 
[29]. The multi-objective, multi-period DNR model aims to optimise the 
network topology by minimising the overall operation cost of a distri-
bution system. The objective function considers the cost components 
outlined in [29]: i) Network power losses, and ii) Costs associated with 
lines and transformers overloading, and bus voltage violations. The DNR 
objective function is subject to four groups of constraints: power bal-
ance, power flow limits, switching operations, and topological con-
straints such as radiality. In this work, the employment of DNR is limited 
to the reconfiguration after asset failures and not as a HC enhancement 
technology to guarantee that the conclusions obtained result from the 
variability of RES and load.

SHC results are assessed for normal operating conditions (SHC N) 
and asset contingencies (SHC N-1).

2.2. Dynamic hosting capacity

Dynamic hosting capacity (DHC) is evaluated as the maximum 
hourly injectable energy without violating the operational security 
limits. The evaluated energy injection does not follow a PV or wind 
generation profile but is modelled as an infinite generator available at 
maximum capacity throughout all hours of the year. This allows to 
determine the technologically neutral maximum injectable energy from 
a grid perspective, maintaining operative security limits. The 

Fig. 1. Model flowchart for obtaining HC.
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determined DHC can then be used optimally by installations of different 
technologies (e.g. PV, wind, batteries), including hybridisation. RES 
uncertainty in the model refers to the output of preexisting generation 
units. Various yearly conditions of PV and wind resource availability are 
identified and employed combinatorically, i.e. every sample year of PV 
availability is evaluated against every sample year of wind availability 
due to often low correlations between PV and wind availability 
[30,31,32]. All preexisting generators are granted priority over the new 
generator under evaluation, i.e. HC cannot be enhanced by curtailing 
existing generation capacity (see merit order in 2).

Similar to SHC, DHC for normal operating conditions (DHC N) is 
contrasted with available DHC in the case of asset failures (DHC N-1). N- 
1 contingencies are modelled including network reconfigurations to 
ensure service availability in case of asset failure [29]. DHC N-1 is 
defined hour by hour as the minimum HC obtained from computing all 
N-1 contingencies.

2.3. Security-aware dynamic hosting capacity

Security-aware dynamic hosting capacity is defined as the network 
node’s DHC accounting for N-1 contingencies and their probabilities. 
Instead of defining HC as the deterministic minimum value obtained 
throughout contingency operation, SDHC accounts for the failure 
probabilities of network assets. Similar to DHC, it represents an hourly 
curve for each node. SDHC assessment does not consider the mean time 
to failure of network assets. Instead, the optimal network configurations 
corresponding to N-1 contingency scenarios are simulated for each 
combination of yearly conditions. N-1 contingency HC is defined via 
DHC N-1 obtained for each network asset as described in 2.2.

Eq. (2) details the calculation of SDHC, where h represents the hour 
of the year,j represents the number of network assets accounted for 
SDHC calculation (i.e. all normally closed lines and transformers), and i 
indexes the network component under N-1 contingency.FOR represents 
the forced outage rate of the normally closed network assets. 

SDHCh =DHCN
h

[
∏N

j=1

(
1 − FORj

)
]

+
∑

i∈ΩN− 1

DHCN− 1
h,i *FORi*

⎡

⎢
⎢
⎢
⎢
⎣

∏N

j=1

j∕=i

(
1 − FORj

)

⎤

⎥
⎥
⎥
⎥
⎦

(2) 

3. Case study design

The modelling methodology is implemented in MATPOWER 7.1, 
employing the MATPOWER Interior Point Solver (MIPS) [33]. This 
section proceeds to present the distribution network employed for the 
case study (3.1) and details the input profiles for both load and existing 
RES generation (3.2), as well as the forced outage rate assumptions for 
N-1 modelling (3.3).

3.1. CIGRE benchmark network

Nodal HC is assessed with the CIGRE MV network with DER 
[34,35,36]. This radial benchmark distribution system operates at 20 kV 
(Fig. 2) and accounts for two downstream low voltage (LV) networks at 
nodes 1 and 12. This work defines security operating criteria according 
to the Spanish regulation. For this, thermal line limits are set to 70 % of a 
line’s maximum capacity and maximum voltage deviations are limited 
to ± 7 % [37]. These limits align with UNE-EN 50,160 and are to be 
maintained during all static and dynamic hosting capacity scenarios. 
According to Spanish regulation, the specifications for HC assessment 
define that the SCR for each distribution network node must be greater 
than or equal to 6 [37]. These limits are applied to the CIGRE MV 
benchmark network.

Three sample nodes are selected for hosting capacity evaluation. The 
nodes are highlighted in yellow in Fig. 2. Node 3 is selected due to its 
proximity to the external grid, node 5 due to its location downstream in 
feeder 1, and node 14 due to its location in feeder 2.

N-1 contingencies are modelled under consideration of network 
reconfiguration using switches S1-S3 (Fig. 2). Failures of every normally 

Fig. 2. Line diagram of the network.
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closed line (L0 to L11) and both transformers are considered. Network 
reconfiguration is obtained via optimisation as in [29], and the results 
are annexed in Table 14.

3.2. Generation and load

3.2.1. Static reference scenario
The scenario for the calculation of SHC is determined according to 

Spanish regulation. Spanish DSOs are to evaluate the hosting capacity of 
their networks according to a reference scenario defined in regulation 
[28]. The scenario hypotheses are:

• Minimum demand: this demand is defined as 55 % of peak demand 
but can be substituted with minimum simultaneous system demand 
if sufficient data is available.

• Maximum RES availability: all generators connected to the grid 
and with permissions for connection granted are to be considered. At 
the node at which hosting capacity is evaluated, generators are 
considered at 100 % of their granted access capacity. At all other 
network nodes, generators are considered at 90 % of their granted 
access capacity.

3.2.2. Hourly load
Hourly load pu curves are extracted from the Spanish transparency 

platform ESIOS [38]. Residential load is assumed to follow the low 
voltage load curves, while commercial demand is assumed to follow the 
tariff category 6.1A, representing MV consumers [39]. Hourly curves are 
evaluated from 2015 to 2021 to determine the years with the greatest 
difference. A correlation analysis of the pre-crisis years shows no sig-
nificant deviations in demand profiles throughout most of the years. 
Consequently, the pre-crisis year of 2019 is selected for load profiles. 
Furthermore, 2017 shows a seasonal variation from 2019 (Table 6) and 
is included in the analysis. Additionally, the load curves of 2021 are 
included in this analysis to account for the energy crisis years.

3.2.3. Hourly RES generation
The impact of RES generation uncertainty on HC is one of the key 

parameters to consider. Hence, several input profiles are selected to 
analyse the effect of RES stochasticity on the network’s DHC. All curves 
represent RES availability in Almería, Spain and are derived from 
[40,41]. PV and wind curves evaluated for model input range from 2010 
to 2022. In this work, RES variability is modelled via a combinatorial 
analysis of PV and wind generation profiles. Consequently, the 12 years 
of data on resource availability would lead to 144 RES years to model, 
leading to a total of 432 years due to the assessment of three load profile 
years. Due to the computational complexity of this issue, the amount of 
years to sample is reduced. Reducing the number of input curves is 
required for computational feasibility, as this analysis is carried out as a 
combinatorial analysis. The reduction of time series data is common in 
the literature [42]. The methodology for selecting sample years in this 
case study is not a novel contribution. It is chosen to select the sample 
years with a maximum variety. Thus, it allows to reduce computational 
effort while accounting for the variability of RES resource availability. In 
all cases, a very low correlation between solar and wind availability was 
observed (see Table 7 in the Annex).

As for PV, there is no significant variation throughout the years. The 
annexed Table 8 shows the correlations of the PV availabilities 
throughout the years 2010 to 2022. The lowest correlation is of 0.90. 
Hence, this metric is considered insufficient for selecting the study’s 
sample years. Instead, years are selected based on the annual equivalent 
hours of the resource availability (Table 9). The years selected represent:

• High annual equivalent hours (2029 h in 2019)
• Medium annual equivalent hours (1972 h in 2016)
• Low annual equivalent hours (1911 h in 2010)

For wind, the correlation analysis points out the randomness of 
resource availability (Table 10). Hence, a multi-criterion evaluation is 
carried out to reduce the sample years of wind resource availability. 
Criteria are annual equivalent hours (Table 11), average capacity factor 
(CF) per month of the year to express seasonality (Table 13), and 
average CF per hour of day (Table 13). The analysis allows to reduce the 
input profiles to six sample years, as explained in Table 1. As a result of 
the selection of sample years, DHC is derived from a combinatorial 
analysis of 3 load * 3 PV * 6 wind = 54 sample years instead of 432.

3.3. Network asset forced outage rates

For the computation of N-1 contingencies, the components’ forced 
outage rates (FORs) are calculated. These FORs of the system compo-
nents represent the probability of each N-1 contingency to happen. The 
probabilities are then applied to calculate the security-aware DHC.

Component failure rates are assumed to be of typical orders of 
magnitudes [43]. Table 2 shows an overview of the failure rate and the 
mean time to repair (MTTR) for overhead lines (OHL), cables and 
transformers.

These failure rates and the MTTR are applied to all normally closed 
network elements. Table 3 shows the resulting forced outage rates 
(FORs). The highest FOR is that of L1, with 0.057 %.

Table 1 
Multi-criterion selection of wind resource sample years.

Year 
selected

Criteria

Y2014 Average annual equivalent hours; low CF at night, high CF during the 
afternoon; high CF in first months of the year

Y2015 Lowest annual equivalent hours
Y2016 Negative correlations with all years from 2018 onwards
Y2018 Highest monthly CF detected (March & April)
Y2021 Highest annual equivalent hours; high CF during night hours
Y2022 Low overall correlation with other years

Table 3 
Forced outage rates of system components.

Element Name Type Length (km) FOR

L0 Line 1–2 Cable 2.82 0.036 %
L1 Line 2–3 Cable 4.42 0.057 %
L2 Line 3–4 Cable 0.61 0.008 %
L3 Line 4–5 Cable 0.56 0.007 %
L4 Line 5–6 Cable 1.54 0.020 %
L5 Line 7–8 Cable 1.67 0.021 %
L6 Line 8–9 Cable 0.32 0.004 %
L7 Line 9–10 Cable 0.77 0.010 %
L8 Line 10–11 Cable 0.33 0.004 %
L9 Line 3–8 Cable 1.3 0.017 %
L10 Line 12–13 OHL 4.89 0.036 %
L11 Line 13–14 OHL 2.99 0.022 %
T0 Transformer 0–1 25 MVA − 0.018 %
T1 Transformer 0–12 25 MVA − 0.018 %

Table 2 
Component failure rates [43].

Component Failure rate λ (per circuit mile and year) MTTR (h)

OHL 0.1 4
Cable 0.07 10
Transformer 0.04 40
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4. Case study results

4.1. Static hosting capacity

As a first step of nodal HC assessment, SHC is determined according 
to the regulatory reference methodology. SHC is calculated for the 
reference scenario (section 2.1) under normal operating conditions (N), 
under N-1 contingencies, and according to the short-circuit ratio limi-
tation. The minimum system demand of 13.7 MVA is detected on the 3rd 
of April of 2021 at 3 am, with commercial and residential loads at 30 % 
of their contracted capacity [34].

Fig. 3 shows an example of SHC determination under N-1 contin-
gencies at node 5. The SHC for each contingency is compared to the 
reference scenario’s SHC without contingency. The failure of lines 
connecting nodes 3 and 5 (L2 and L3) reduces the connectivity from 
node 5 with the rest of the network, reducing available HC. A failure in 
L9 has the same effect. Furthermore, failures affecting any line between 
L2 and L5 lead to the closure of S2. This is significant in the N-1 con-
tingency scenario of L5, as it leads to a power flow from the wind farm 
towards the HC evaluation node, decreasing hosting capacity due to the 
priority of existing generation capacity. The smallest SHC at node 5 
under N-1 contingency is 2.51 MW at a failure of L5.

Table 4 summarises the findings for the three nodes under evalua-
tion. The N-1 criterion is the most limiting criterion at all of the nodes. 
This is hardly visible for node 3 but significantly reduces the SHC 
determined at nodes 5 and 14. As a result, the connection of new gen-
eration capacity to these network nodes is limited due to contingency 
considerations with minor FORs. At node 5, the minimum SHC is 
determined for the N-1 contingency at L5, as described above. At node 
14, the N-1 contingency at L11 reduces the connectivity of node 14 and 
the residential demand feeder located at node 12, resulting in a SHC 
reduction of 2.02 MW from the 4.90 MW of SHC under normal operating 
conditions N.

Relaxing the SHC evaluation to normal operating conditions allows 
for + 30 % of injectable energy at node 5. At node 14, the additional 
injectable energy under SHC N compared to SHC N-1 is significant due to 
the magnitude of the reduction of SHC pointed out above. Compared to 
the restrictive SHC limited by contingency considerations at L11, SHC 
under normal operating conditions increases the injectable energy at 
node 14 by as much as 70 %. This finding underlines the value of 
introducing flexibility to be activated in low-probability events, i.e. 
relaxing the contingency consideration criterion for SHC assessment.

4.2. Dynamic hosting capacity under normal operating conditions

After determining the SHC according to Spanish regulation, the 
network nodes’ DHC is determined. The 18 years of hourly maximum 
injectable energy at the HC evaluation bus are evaluated as a load 
duration curve and compared to the SHC thresholds derived from 
regulation. For the sake of brevity, the analysis is carried out exemplary 
for one of the nodes under evaluation and compared to the other two 
nodes afterwards.

Fig. 4 presents the exemplary DHC load duration curves over the 54 
sample years for node 5. DHC is compared to the different SHC thresh-
olds according to the regulatory criteria. The figure shows the deviation 
between SHC N and the most restrictive SHC N-1 result mentioned 
previously (Table 4). Furthermore, the threshold derived from the short- 
circuit ratio is included in the figure. The filled blue area in Fig. 4 rep-
resents the maximum additional injectable energy in the case of DHC 
compared to the N-1 contingency SHC. The filled area represents an 
annual average of 67 % of injectable energy compared to the allowed 
injection under the N-1 restricted SHC.

Fig. 5 presents an analysis of DHC at node 5 throughout the hours of 
the day. This analysis is carried out to evaluate the dependence of HC 
and the input profiles. Hourly HC outputs of all 54 sample years are 
included in the boxplots. The figure points out that node 5 HC shows two 
peaks that coincide with the demand peaks of the Spanish electricity 
system, which does not vary throughout the sample years. The influence 
of the varying RES input profiles is not noticeable. The correlation be-
tween hourly hosting capacity and residential load is 0.99 at node 5. The 
correlations with RES profiles are insignificant: below 0.05 with wind 
and 0.35 with PV. The latter is influenced by the PV output peak coin-
ciding with the central hours of the day when residential demand also 
peaks from 10:00 to 15:00.

Table 5 provides an overview of DHC under normal operating con-
ditions N at the three nodes under analysis. DHC at all nodes is above the 
SHC threshold defined according to regulatory requirements, as indi-
cated by the DHC N range in Table 5. DHC at node 14 shows a smaller 
range (4.64 MW to 5.2 MW) than the other nodes. Throughout the 54 
sample years, DHC at node 14 is below SHC N for 83 h (0.018 %). At the 
other nodes, DHC is always above the regulatory reference scenario SHC 
N, pointing out the conservative assumptions of minimum load and 

Fig. 3. SHC under N-1 contingencies for HC evaluation at node 5.

Table 4 
SHC thresholds (MW) for each criterion of regulatory evaluation.

Node 3 Node 5 Node 14

SHC N 3.25 3.26 4.90
SHC N-1 3.25 2.51 2.87
SCR 6.47 5.88 7.95
Limiting criterion N-1 (L9) N-1 (L5) N-1 (L11)
Increase N vs N-1 0.13 % +30 % +70 %

Fig. 4. Node 5 DHC load duration curve.

Fig. 5. Node 5 HC according to the hour of the day.
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maximum generation required for the reference scenario (2.1). DHC at 
node 5 ranges from 3.33 to 4.78 MW, while DHC at node 3 shows a 
significantly larger range (3.32 to the SCR cap of 6.47 MW). Node 3 is 
the only node where the SCR criterion limits DHC under normal oper-
ating conditions. The upstream location of node 3 close to the trans-
former station with a connected LV network increases the injectable 
energy. Node 14 is located in feeder 2, with no RES generation, resulting 
in HC depending on demand curves only, with a lower variability 
throughout the year. However, the increase from SHC to DHC is espe-
cially noticeable at node 14 due to the restrictive N-1 SHC result dis-
cussed in 4.1.

The evaluation of the impact of the input profiles on DHC results 
gives different results for the three nodes. At node 3, DHC depends on 
the residential load profile and the wind farm’s energy output. The 
correlation with the wind profile is strongly negative (− 0.7), indicating 
that HC at node 3 is reduced whenever the wind generator at node 7 
injects energy into the network. This is explained by the location of the 
wind turbine in the network, which is relatively close to node 3. Power 
flow from the wind generator flows from node 7 to node 8, limiting the 
capacity of power flowing from node HC evaluation node 3 towards 
node 8. Furthermore, the correlations with load are positive, indicating 
that hours of high demand allow for a higher energy injection at network 
node 3. Correlations are higher with residential load (~0.6 to 0.7, 
depending on the load year) than commercial load (~0.4 to 0.5) due to 
residential load representing a higher share of network load. HC at node 
14 again shows high correlations with load profiles. At this node, the 
commercial load profile has a higher impact on HC (correlation of > 0.9) 
than the residential load (~0.65 to 0.8, depending on the load year) due 
to the location of commercial loads at nodes 13 and 14. Injection at bus 
14 allows for a decrease in imports from the upstream network to cover 
these loads. RES profiles do not impact DHC at node 14, as no generation 
capacity is located in feeder 2.

Furthermore, Table 5 includes the average annual injectable energy 
from the most restrictive SHC to DHC (represented as filled blue area in 
Fig. 4). The annual average is obtained by dividing the total additional 

injectable energy by 54 sample years. It is presented in MWh and as a 
percentual increase compared to the most restrictive SHC criterion. The 
lowest available additional injectable energy is of 62 % at node 3, rep-
resenting a significant increase compared to the SHC. This additional 
injectable energy reaches as much as 76 % at node 14, where regulatory 
SHC is severely limited due to the N-1 contingency considerations.

4.3. Dynamic hosting capacity under N-1 contingencies

In the first step of the contingency analysis, DHC under N-1 contin-
gencies is assessed individually for each N-1 contingency. The analysis 
evaluates the distribution functions of the 54 sample years of DHC for 
each contingency. Fig. 6 represents the cumulative distribution func-
tions (CDFs) of DHC under N-1 contingencies for the three nodes under 
analysis. The CDF under normal operating conditions N is included. At 
node 3, N-1 failures in lines L0, L1 and L9 have a decreasing effect on the 
DHC, shifting the CDF towards the left. A failure in L0 or L1 results in the 
unavailability of node 3 to supply the demand in node 1, which repre-
sents loads of an entire LV system connected downstream of the MV grid. 
A contingency in L9 affects the downstream power flow from the node 
under HC consideration. Contingencies on feeder 2 (L10, L11, T1) have 
an increasing effect on DHC at node 3 due to the closure of S1 in these 
contingencies. This allows the supply of additional loads on feeder 2 via 
energy injection at node 3. The same is the case under the contingency of 
T0. The CDFs of both transformer contingencies show that energy in-
jection is at the SCR limit during all hours. However, it should be noted 
that failures of the transformer stations lead to a significant amount of 
non-served energy despite increasing DHC at node 3. The remaining 
contingencies do not affect the DHC at node 3.

At node 5, no N-1 contingency leads to an increase in DHC. Con-
tingencies in lines L2 to L5 lead to a decrease in HC. The maximum shift 
of the CDF to the left is observed at L3, followed by L5. Failures affecting 
any line between L2 and L5 lead to the closure of S2. This is significant in 
the N-1 contingency scenario of L5, as it leads to a power flow from the 
wind turbine towards node 5, decreasing hosting capacity due to the 

Table 5 
Comparison of DHC results of nodes 3, 5 and 14 under normal operating conditions.

Node 3 Node 5 Node 14

DHC range (N) 3.32 MW to 6.47 MW 3.33 to 4.78 MW 4.62 MW to 5.2 MW
Influent pu profiles Residential load, wind Residential load Commercial load
Add. Energy/yr(DHC vs SHC N-1) +62 % +67 % +76 %
Add. Energy/yr(DHC N-1 vs SHC N-1) +34 % +19 % +27 %

Fig. 6. Cumulative distribution functions of DHC under N-1 contingencies.
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priority of existing generation capacity. The remaining contingencies do 
not affect the DHC at node 5.

At node 14, DHC increases at contingencies in L0 and L1 are signif-
icant. This is due to the closure of S1, allowing to supply the loads at 
feeder 1 via injecting energy at node 14. The same effect is observed in 
the case of a contingency at L9, although the increase is lower than in the 
case of L0 and L1. Similar to the observations at node 3, contingencies at 
the transformer stations increase the injectable energy at node 14 at the 
expense of significant amounts of non-served energy. The CDFs for both 
transformer contingencies are at the SCR during almost all hours. Con-
tingencies located at feeder 2 (L10 and L11) reduce the connection of 
node 14 from the downstream LV network located at node 12, reducing 
hosting capacity under these contingencies. The remaining contin-
gencies do not affect the DHC at node 14.

Table 5 includes information on the additional injectable energy for 
DHC N-1, derived from the least favourable N-1 HC for each hour of the 
year. The annual additional injectable energy is 34 % at node 3, 19 % at 
node 5, and 27 % at node 14. These percentages are based on the min-
imum N-1 contingency DHC result for each hour of the year, dis-
respecting the low probabilities of occurrence of these contingencies 
(Table 3).

4.4. Security-aware dynamic hosting capacity

DHC results are evaluated under N-1 contingencies to obtain 
security-aware DHC. The SDHC is obtained by computing Eq. (2) with 
the FORs of each N-1 contingency (Table 3). Fig. 7 presents the annual 
SDHC for each node under evaluation. Furthermore, the N-1 range in-
dicates the minimum and maximum hosting capacity under contin-
gencies detected for each hour of the year. The dashed line represents 
the regulatory SHC (section 4.1). The 54 sample years are reduced to 
8760 h by assigning each year equal weight.

The figure points out that, at nodes 3 and 14, maximum energy in-
jections are limited by the short circuit ratio (SCR) threshold. SDHC at 
node 3 reaches the maximum SCR threshold several times throughout 
the year, while at node 14, only N-1 contingencies activate the SCR 
injection limit. All minimum SDHC values are above the threshold of 
SHC determined according to regulation.

The SDHC of node 3 shows the highest variability due to the negative 
correlation with the wind resource. Contrarily, the SDHC at node 14 
shows the lowest variability throughout the year due to the high cor-
relation with the commercial load profile and the lack of correlation 
with RES generation profiles. At node 5, the SDHC is at the upper bound 

of the N-1 range. N-1 contingencies only lower DHC at this node, as 
shown in Fig. 6.

Fig. 8 compares the annual injectable energy at each HC evaluation 
node. SHC under N-1 restrictions, SHC under normal operating condi-
tions N, most limiting N-1 DHC, DHC under normal operating condi-
tions, and SDHC are compared. The DHC N-1 data refers to the lowest 
line of the DHC range shown in Fig. 7. The energy injection in the SHC N- 
1 case is used as a baseline (100 %). The figure points out the potential of 
relaxing the N-1 contingency criteria for calculating SHC (see section 
4.1). Furthermore, the figure points out the significant increase in 
injectable energy when comparing DHC to SHC (see section 4.2). Even 
the deterministic consideration of hourly worst-case N-1 DHC leads to an 
increase of annual injectable energy of at least 19 %. Due to the low 
values of FOR, SDHC does not show a significant variation from DHC. 
The variation is below 0.1 % at all three HC evaluation nodes. Conse-
quently, compared to the N-1 restricted SHC, SDHC allows for an 
additional injectable energy of 62 %, 67 %, and 76 % at nodes 3, 5 and 
14, respectively (i.e. the same values observed for DHC, Table 5). These 
values point out that, despite the N-1 range showing noticeable de-
viations from SDHC (Fig. 7), N-1 contingencies do not significantly 
affect DHC due to low FORs.

Fig. 7. Security-aware annual DHC.

Fig. 8. Relative injectable energy – SHC, DHC and SDHC.
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5. Conclusions

This paper presents an analysis of a distribution network’s security- 
aware dynamic hosting capacity under the uncertainty of RES genera-
tion profiles considering N-1 network contingencies. SDHC introduces a 
concept of dynamic hosting capacity accounting for N-1 asset contin-
gencies and their probabilities. Dynamic hosting capacity allows to 
assess a network node’s capacity for additional energy injection based 
on hourly values of demand and generation capacity instead of a static 
threshold derived via conservative operative assumptions. Hourly SDHC 
throughout the year is compared to the static hosting capacity threshold 
calculated according to Spanish regulatory requirements. The analysis is 
carried out for three different nodes of the CIGRE benchmark MV grid. 
Node 3 is selected due to its proximity to the external grid, node 5 due to 
its location downstream in feeder 1, and node 14 due to its location in 
feeder 2.

The evaluation of SHC shows that the regulatory requirement for 
considering N-1 network contingencies translates to a significant 
reduction of available HC despite forced outage rates of below 0.06 %. 
Consequently, DSOs are required to severely limit connections to their 
network based on considerations that are very unlikely to happen. 
Relaxing the contingency criteria for evaluating a network’s hosting 
capacity could significantly increase the available HC of current elec-
tricity distribution grids. This study finds increases in annual injectable 
energy of up to 70 % when relaxing the N-1 contingency criterion, i.e. 
implementing low-probability event flexibility. This finding is based on 
the consideration of SHC according to conservative requirements 
without allowing for a more dynamic definition of hosting capacity.

The benefits of DHC are evaluated as hourly DHC over 54 sample 
years of different PV and wind generation profile years as well as load, 
obtained via a combinatorial analysis of three PV profiles and six wind 
profiles. Wind profiles are considered with a higher amount of sample 
years due to the randomness of the resource. A comparison of DHC with 
SHC under normal operating conditions shows that DHC falls below SHC 
thresholds only at node 14 and only during 0.018 % of the hours 
considered in the analysis. This observation points out the conservative 
assumptions of the regulatory reference scenario for evaluating SHC 
(close to maximum generation and minimum system demand).

The hourly computation of N-1 network asset failures’ impact on 
DHC leads to the definition of the N-1 range. Even the worst-case DHC, 
that is the minimum hourly N-1 DHC, leads to an increase of annual 
injectable energy of at least 19 % when compared to N-1 SHC.

This paper defines the concept of security-aware dynamic hosting 
capacity as DHC accounting for the network’s N-1 contingencies and 
their FORs. The evaluation of SDHC shows that some contingencies may 
even temporarily increase a network node’s HC. However, due to low 
FORs, the variation of SDHC from average DHC under normal operating 
conditions is below 0.01 % of annual injectable energy. The analysis of 
N-1 contingencies and their probabilities highlights the conservative 
regulatory requirements for evaluating distribution network hosting 
capacity. A dynamic definition of hosting capacity instead of imposing 
restrictive N-1 SHC thresholds due to low contingency probabilities al-
lows injecting significant additional energy into existing distribution 
networks without requiring reinforcement. This additional injectable 

energy under SDHC ranges from 62 % to 78 %.
Dynamic hosting capacity represents a valuable tool for an efficient 

electricity network integration of RES. It is especially relevant in the 
context of high connection times due to permitting associated with 
network reinforcement processes derived from conservative grid oper-
ating assumptions. This work contributes a methodology for the evalu-
ation of DHC and the impact of N-1 contingencies on available DHC. The 
methodology is generalisable to other networks to evaluate the impact 
of asset FOR on DHC. For doing so, asset failure rate and MTTRmust be 
provided together with N-1 contingency configurations. Future research 
should evaluate the utility of the additional available injectable energy 
under SDHC for different RES technologies and their associated gener-
ation profile. Furthermore, allocating SDHC to a connection seeker re-
quires transparency regarding curtailment probabilities and procedures. 
Different forms of flexible connection agreements should be investigated 
to foster the utilisation of the available hosting capacity of existing 
networks via SDHC.
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Appendix. Load sample year selection

Table 6 
Average residential load (pu) per month of the year.

PV and wind pu sample year selection.

Table 7 
Annual correlations of PV and wind availability.

Y2010 Y2011 Y2012 Y2013 Y2014 Y2015 Y2016 Y2017 Y2018 Y2019 Y2020 Y2021 Y2022

CORREL (PV,wind) 0.00 − 0.03 − 0.02 − 0.02 − 0.04 − 0.01 0.01 − 0.03 − 0.02 − 0.05 − 0.02 − 0.06 − 0.03

Table 8 
Correlations of PV availability between different years considered in the study.

Table 9 
Equivalent hours of solar PV availability.

Y2010 Y2011 Y2012 Y2013 Y2014 Y2015 Y2016 Y2017 Y2018 Y2019 Y2020 Y2021 Y2022

Eq. hours 1911 1949 2007 2007 2020 1989 1972 2017 1959 2029 1967 1951 1899
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Table 10 
Correlations of wind availability between different years considered in the study.

Table 11 
Equivalent hours of wind availability.

Table 12 
Average wind capacity factor per month of the year.
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Table 13 
Average wind capacity factor per hour of the day.

Network reconfiguration.

Table 14 
N-1 contingency reconfigurations (Line: failure element, column: state of each element in case of failure).
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7.5 Paper 5 

• We propose a methodology to assess a promoter perspective on flexible 
connections. 

• Four different hosting capacity (HC) concepts and hybridisation are assessed. 
• Investor risk is accounted for via the Conditional Value-at-Risk (CVaR) of profits. 
• Relaxing HC calculation criteria increases installed capacities and profits. 
• Combining HC relaxation and hybridisation increases average profits by 75%. 
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Abstract 

Electricity distribution grids have been identified as a potential bottleneck for the rapid 

rollout of distributed generation. This paper assesses the impact of relaxing the hosting ca-

pacity (HC) calculation criteria on the expected profits of local generation capacity. Addition-

ally, the potential of combining HC relaxation with hybridising renewable generation tech-

nologies is quantified. The methodology accounts for uncertainty surrounding HC, renewable 

resource availability, and market prices. The investor risk is represented via Conditional 

Value-at-Risk. The case study points out that the relaxation of HC calculation criteria unlocks 

the electricity grid's capacity to absorb more energy and incentivises the increase of installed 

generation capacity for maximising investor profits. Moving from a contingency-restricted 

static HC to a dynamic HC definition leads to an additional energy injection of 65%, increasing 

average investor profits by 64%. Combining the HC relaxation with hybridisation increases 

the optimal portfolio capacity by 127% and average investor profits by 75%. Sensitivity anal-

yses are performed to assess the robustness of the results. The results highlight the potential 

of unlocking electricity distribution grid capacity by relaxing HC calculation criteria while 

guaranteeing profitability for investors. 

Keywords 

Distribution grids; Distributed generation; Hosting capacity; Flexible connections; Condi-

tional Value-at-Risk 

  

mailto:lherding@comillas.edu


2 

1 Introduction 

Ambitious decarbonisation targets call for a rapid electricity grid integration of renewable 

energy sources (RES). The rollout of distributed generation (DG) and the electrification of 

energy demands puts a special focus on distribution networks. These grids have previously 

been identified as a potential bottleneck for the energy transition [1]. Significant additional 

grid capacity is one option to safely integrate the new distributed energy resources (DER), 

requiring investment and time. Conversely, operating the networks more flexibly has been 

identified as an efficient means to increase the use of existing grid capacity, effectively al-

lowing to speed up the grid integration of new resources [2]. Flexible connections are one 

tool that enables distribution system operators (DSOs) to operate the grid more dynamically 

[3]. It allows DSOs to adjust the injection and withdrawal into and from their grids to actual 

operating conditions rather than limit the integration of DER based on worst-case consider-

ations [4].  

DSOs evaluate the so-called hosting capacity (HC) when assessing a potential new connection 

to their networks. HC describes the capacity that can be connected to a network node with-

out deteriorating performance indicators such as voltage magnitude or power quality be-

yond the pre-established limits [5]. Usually, HC is calculated for a conservative scenario of 

grid operation to guarantee that grid service can be provided at all times. These conservative 

assumptions increase the need for new grid assets for integrating RES despite those assets 

being used only a few hours per year, if ever [4]. However, the increasing digitalisation of 

electricity networks allows for a more dynamic operation based on the time-variable condi-

tions of generation and demand. 

Consequently, the HC can also be defined dynamically, introducing dynamic hosting capacity 

(DHC) [6]. DHC has been shown to enhance the capacity which can be connected to a net-

work node. The authors of [7] present a dynamic HC evaluation that allows for temporary 

violations of the operational limits of the network. This method allows for a photovoltaic (PV) 

HC enhancement of 60% to 200% compared to the value of static hosting capacity (SHC). The 

authors of [8] show how implementing dynamic transformer ratings allows connecting PV 

capacity above the transformer's rated capacity. In [9], a network node's DHC is compared 

to the node's SHC. The dynamic operation of the network allows an increase of HC by 62% 

to 67%, depending on the characteristics of the network node. 

If HC is defined more dynamically, RES promoters need to optimise the capacity to install in 

response to the corresponding profile of the node's dynamic HC. Throughout the literature, 
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RES capacity planning is often carried out as generation expansion planning (GEP). The GEP 

process optimises the capacity mix of the power system by looking at the bulk power system 

as a whole. This might be combined with transmission expansion planning (TEP). GEP & TEP 

for the Saudi Arabian power system are carried out in [10], GEP for the Australian power grid 

focusing on generation-storage requirements and the optimal storage sizing is presented in 

[11]. The authors of [12] propose a GEP algorithm that accounts for different load character-

istics for computationally efficient power system planning. The paper includes a case study 

of Thailand's power system. The impact of policies on capacity planning in the north-western 

power grid in China is assessed in [13]. The authors of [14] evaluate the effect of phasing out 

RES remuneration support schemes on the speed of capacity deployment on the system 

level.  

The aforementioned GEP studies determine the optimal generation portfolio of an entire 

power system from a minimisation of total costs point of view, i.e., from a centralised per-

spective. They do not, however, consider the optimisation for each separate generation ca-

pacity investment incurred throughout the system. The authors of [15] propose a methodol-

ogy to plan an optimal hybrid energy. The algorithm accounts for PV, wind, battery storage 

and diesel units to optimise the cost of an isolated system. The authors of [16] optimise a 

household-scale hybrid RES system via a multi-objective genetic algorithm. The algorithm's 

objective function considers carbon footprint, product environmental footprint and the net 

present cost of the system to be optimised. The optimal sizing of DG is assessed in [17]. The 

work accounts for uncertainty in renewable generation availability and load. Contrary to 

common GEP, the previous works allow for sizing individual DG installations. They do, how-

ever, not consider any risk related to future market prices.  

One approach of risk assessment is Conditional Value-at-Risk (CVaR). CVaR represents a met-

ric to assess a portfolio's average worst-case losses. It is a variation of the Value-at-Risk met-

ric and allows for a more accurate consideration of the probability distribution of economic 

losses [18]. Hence, it offers effectiveness even in cases where losses do not follow a Normal 

distribution [19].  

CVaR-based risk assessment has already been applied to various aspects of power systems. 

The authors of [20] assess independent, locally operated battery energy storage systems 

(BESSs) as a solution to alleviate intermittent RES-related grid challenges. The paper employs 

CVaR to represent the risk surrounding the uncertainty of the scheduling problem. In [21], 

the optimal geographically diverse storage portfolio for a merchant is determined. The upper 
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level of the tri-level optimisation problem minimises the intermediary merchant's risk of 

losses via CVaR. The mid-level maximises profits, and the lower level clears the day-ahead 

market. In [22], CVaR is included in TEP to determine the concept of Conditional Value-at-

Risk of Energy Not Supplied to assess the risk of power supply of a planning scheme. The 

authors of [23] apply CVaR to the day-ahead scheduling of home energy management sys-

tems to reduce the risk of exposure to market prices and PV uncertainty. Optimal investment 

decisions on a candidate facility for an energy hub, comprised of various generation and de-

mand technologies, are determined in [24]. CVaR is considered in the objective function. The 

study assesses the optimal technological composition of the energy hub under different risk 

adversity levels, expressed by the weight of CVaR in the objective function. 

Those previous studies have shown that CVaR represents a suitable metric for risk assess-

ment in power system analyses. This study employs CVaR to determine the optimal genera-

tion capacity mix for profit maximisation under various sources of uncertainty. Uncertainties 

range from HC and RES resource availability to market prices. The installed capacity is opti-

mised for maximum profits to evaluate an investor's perspective on relaxing the criteria for 

HC calculation according to the HC concepts presented in [9]. Investor risk is accounted for 

by optimising Conditional Value-at-Risk surrounding the expected profits of the candidate 

generation capacity portfolios. In this study, the generation capacity mix composed of one 

or various generation technologies installed together behind the same grid connection point 

is denominated portfolio. Different definitions of HC and their impact on the optimal gener-

ation capacity portfolio are assessed. HC concepts range from static to dynamic definitions 

and include different reliability considerations. Additionally, the effect of the hybridisation of 

different RES generation technologies on the optimal generation portfolio is quantified for 

each HC concept. 

This paper's contributions can be summarised as follows: 

• Local generation capacity investment optimisation under hosting capacity uncer-

tainty: Local RES capacity is optimised to maximise profits under uncertainties re-

garding the available hosting capacity, renewable resource availability and future 

market process. 

• Development of a methodology to assess the impact of flexible connection schemes 

and hybridisation on optimal local RES capacity investment planning: The proposed 

model optimises local RES capacity for four different HC concepts, including a base-

line defined according to current regulation. The methodology allows to assess the 
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benefits of relaxing regulatory HC calculation requirements, moving towards a more 

flexible definition of distribution network HC. Further, the proposed methodology 

allows to quantify the impact of the relaxation of the local hybridisation of different 

RES technologies, and the combination of HC relaxation and RES hybridisation on the 

optimal local RES capacity investment. 

• Quantification of measures to increase the use of existing electricity distribution net-

work capacity: A case study quantifies the increase of the use of the existing electric-

ity network via HC calculation relaxation and local RES hybridisation. The impact is 

quantified in terms of installed capacity, annual energy injection and average annual 

investor profits. 

• Sensitivity analysis to enhance robustness: Several sensitivities are performed to en-

sure the robustness of the results to the different input parameters. 

The remainder of this paper is structured as follows: section 2 presents the methodology of 

RES capacity investment planning under HC uncertainty. Case study inputs are presented in 

3, and the results in 4. Section 5 concludes the paper.  

2 Local RES capacity investment planning methodology with limited 

and uncertain HC 

The local RES capacity investment planning methodology under uncertainty presented in this 

paper is composed of several optimisation steps. The methodology is summarised in Figure 

1 and will be described in more detail throughout this section. The figure presents a flowchart 

of the local RES capacity investment planning process and summarises the inputs, calculation 

steps and results. Further, the number of scenarios managed in each methodology step is 

shown in the figure. In this paper, local refers to the optimisation of RES capacity of different 

technologies to be installed downstream of the same grid connection point. 

In order to properly understand the methological approach represented in Figure 1, it is es-

sential to keep in mind that the CVaR approach adopted in this study requires the assessment 

of many possible RES investment candidate portfolios (ICP) with respect to the whole set of 

possible uncertain scenarios that may materialise ex-post. The main uncertainty factors 

taken into consideration are: 
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1. The network node’s HC. The hourly DHC profile will depend on the load and produc-

tion variability of previously connected assets to the distribution network under 

study,  

2. The own variability of the candidate RES investment primary source (solar radiation 

and wind), that is one to one correlated with the production variability of the RES 

previously connected to the grid and used to determined the DHC, and  

3. The hourly remuneration for the injection of electricity into the network, depending 

on energy market prices. 

The proposed methodology builds a full set of RES ICPs by optimising the investment making 

decision for each individual possible scenario, i.e. each combinatorial set of each individual 

HC hourly profile scenario with each individual energy market price hourly profile scenario. 

The whole set of resulting ICPs is assessed thoughout the whole set of possible combinations 

of scenarios, leading to a probability distribution function of the expected profits for each 

ICP. Then, a CVaR maximisation approach is adopted to select the unique optimal investment 

decision made by the RES investor. 

Thus, the approach can be summarised in four steps, as shown in Figure 1. As a first step, an 

Optimal Power Flow (OPF) is employed to derive a node's hourly HC [25]. As mentioned be-

fore, the HC result will depend on load and RES hourly variability profiles, represented via 

input curves. The analysis is combinatorial in order to address the flexible HC uncertainty 

faced by the RES investor. It considers d hourly demand profile scenarios, and p and w solar 

PV and wind RES hourly variability profile scenarios, respectively, leading to m = d*p*w dif-

ferent HC hourly profiles. Besides, the OPF analysis is carried out for several different con-

ceptual approaches of HC, which will be evaluated in this paper. Details of the HC concepts 

considered in this work are introduced in section 2.1.  

In a second step, the resulting HC outputs feed a local RES investment model that optimises 

the renewable capacity installed for each one of the m HC curves computed in Step 1 and for 

each one of the s energy market price profiles considered in the study. Thus n = m*s RES ICPs 

are computed at this stage. The investment model is presented in more detail in 2.2. In this 

work, the term portfolio describes the resulting investment mix generation and storage ca-

pacity to be installed downstream of the grid interconnection point. A portfolio may consist 

of a technology mix if deemed optimal by the investment model. An ICP describes a portfolio 

that represents the optimal decision for an individual scenario. Thus, n ICPs are computed 
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for each one of the n scenarios with their associated RES availability, HC, and energy market 

prices. 

In Step 3, each ICP is assessed throughout all the different scenarios of RES and HC availability 

and market prices considered in the study. The n ICPs derived from the investment model in 

Step 2 are assessed via an operational evaluation, detailed in section 2.3. The operational 

assessment provides the ICPs' profits throughout all n scenarios, allowing to determine the 

average profits and CVaR of each ICP. These outputs represent the ICPs' performances in 

various scenarios of grid and market conditions. The results of the operational evaluation 

represent the input for the investment decision (Step 4), which is presented in more detail 

in 2.4.  

 

Figure 1: Flowchart of the local RES capacity investment planning methodology 

2.1 Step1: Hosting capacity calculation 

The nodal hosting capacity concepts considered for the RES capacity investment planning 

are derived from previous work [9]. HC concepts are differentiated in terms of time granu-

larity and reliability considerations. The concepts are summarised in Table 1. In the SHC con-

cepts, a fixed threshold is applied throughout all hours of the year. This threshold is usually 

derived via conservative maximum generation/minimum load considerations or vice versa 

[26]. Hence, m is reduced to 1 in the case of SHC. 
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In contrast to SHC, DHC is represented with a time-series. This allows to consider the variable 

operating conditions of the network in terms of load and pre-existing generation connected 

to the distribution network under consideration. As stated in 2, a total of m scenarios of 

different loads and outputs of pre-existing generators are simulated to address the intrinsic 

DHC uncertainty faced by a RES investor facing flexible connection schemes.  

Additionally, the concepts of SHC and DHC are combined with two different reliability con-

cepts. SHC N and DHC N represent the network node's static and dynamic HC under normal 

operating conditions. That means all network assets are considered operative. The N-1 con-

cepts assume the worst-case asset failure. The N-1 concept is based on the definition of dis-

tribution grid HC in Spanish regulation [26]. N-1 contingencies modelling accounts for net-

work reconfigurations to ensure service availability in case of asset failure [27]. All asset fail-

ures are simulated individually and the minimum value of energy that can be injected without 

violating the network's operating limits is the node's HC. In the case of SHC N-1, this is a single 

threshold obtained via the maximum generation/minimum load scenario [26]. DHC N-1 is 

derived by simulating all asset failures throughout all timesteps. The minimum value of ob-

tained HC is selected timestep by timestep to form the DHC N-1 concept. The local RES ca-

pacity investment planning methodology is carried out independently for each of the HC 

concepts, allowing to analyse the optimal investment decision under changing HC capacity 

calculation criteria. 

Table 1: Hosting capacity concepts assessed in this work 

HC concept Time granularity Reliability considerations 

SHC N-1 Snapshot Worst-case N-1 

SHC N Snapshot - 

DHC N-1 Time-series Worst-case N-1 

DHC N Time-series - 

 

2.2 Step 2: RES Investment candidate portfolio determination under 

HC constraints 

The investment model used for local RES generation capacity planning under HC constraints 

represents an evolution of previous work by the authors presented in [6].An ICP is deter-

mined in accordance with the HC restrictions introduced in the previous section. Further, the 
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model allows to assess the impact of the hybridisation of RES technologies and batteries. For 

the same HC concept, one non-hybrid and one hybrid ICP are determined. In the non-hybrid 

case, the investment model determines the optimal generation capacity for the most fitting 

technology. In the hybrid case, the model decides the optimal capacity mix in which all avail-

able generation technologies may be combined to maximise profits. Generation technologies 

considered for the non-hybrid capacity installation are PV or wind. In the hybrid case, the 

model may also choose to install 4-hour batteries to hybridise the RES capacity mix. 

The model maximises profits by evaluating investment and operation and maintenance 

(O&M) costs, and the income generated from the energy injection into the network. The 

objective function is represented in Eq. 1. Profits are determined by multiplying the energy 

injection E_injh by the available hourly remuneration Remh, with h indexing the time steps. 

Investment costs depend on the unit investment costs Inv and the resulting installed capacity 

P, for each RES generation technology t and for 4-hours batteries b. Furthermore, the O&M 

terms represent additional cost terms for all involved technologies to be considered in the 

objective function.  

max ��(E_injh*Remh) −�(Pt*Invt)  
th

−�(Pt*𝑂𝑂&𝑀𝑀t) 
t

− 𝑃𝑃𝑏𝑏*𝐼𝐼𝐼𝐼𝐼𝐼𝑏𝑏

−  𝑃𝑃𝑏𝑏*𝑂𝑂&𝑀𝑀𝑏𝑏� 

Eq. 1 

In each timestep, the energy injection is limited by HC (Eq. 2). In the case of DHC, HC takes 

on the corresponding time-series. In the case of SHC, the threshold is fixed by a static value 

throughout all hours of the year. 

E_injh ≤ HCh Eq. 2 

The energy available from PV and wind depends on the resulting installed capacity and the 

unitary resource availability of each technology put,h (Eq. 3). 

E_availh= ��Pt* put,h�
t

  Eq. 3 

The available HC conditions the net energy injection to the grid E_injh and triggers curtail-

ments in case the available energy surpasses the available HC. This is indicated in Eq. 4 where 

E_avail represents the available energy, E_curt the energy subject to curtailment, and 

E_BSSin and E_BSSout represent the charge and discharge of the energy storage system, if 

installed. 
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E_injh =  E_availh −  E_curth −  E_BSSinh +  E_BSSouth Eq. 4 

The unitary remuneration Remh (EUR/MWh) is modelled according to a RES expansion auc-

tion scheme (Eq. 5) [28]. The unitary remuneration is set as a combination of the auction 

clearing price CP (which is an input parameter to the model) and the market price MPh . 

Those two values are coupled via a coupling coefficient CC, as employed in the Spanish auc-

tions for renewables [29]. This adjustment allows for limited exposure to market volatility 

while providing certainty for the portfolio's remuneration. By adjusting CC, the model is able 

to represent any possible scheme ranging from a null to a full energy market price exposure 

(i.e. from PPA to a merchant scheme). 

Remh =  CP + 𝐶𝐶𝐶𝐶 ∗ (MPh −  CP)  Eq. 5 

Classical restrictions for storage operation are modelled according to [30]. In the case of the 

non-hybrid investment model, binary variables are employed to ensure that only one of the 

technologies t is deployed [6]. 

As described in 2, the model considers the m different scenarios of HC. Further, s years of 

different MP curves are considered, leading to a total of n = m*s scenarios assessed by the 

investment model, resulting in n ICPs. Each ICP represents the investment decision under the 

scenario restrictions of HC and RES availability and market prices. For a thorough assessment 

of the investment candidate portfolios, the portfolio's performance needs to be assessed 

throughout different operating scenarios. The operational evaluation is described in the fol-

lowing section. 

2.3 Step 3: Operational evaluation of each investment candidate 

portfolio 

Every ICP obtained from the investment model is assessed across different operational sce-

narios to ensure the robustness of the expected profits and build a profit probability distri-

bution function to feed the subsequent CVaR analysis. For the operational evaluation, the 

ICP's generation capacity obtained from the investment model is fixed. The energy injection 

and the corresponding profits of the fixed capacity are determined throughout the other 

operating scenarios with different HC and RES availability and market prices. 

Table 2 shows the scheme of the operational evaluation. The second line shows the n ICPs 

derived from the investment model in step 2. Those ICPs are subject to the input curves of 

RES and HC availability and remuneration considered for the computation of the investment 
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model and represent the optimal investment decision for those inputs. Each ICP's opera-

tional performance is assessed throughout all other scenarios of RES and HC availability and 

remuneration to determine the optimal ICPs. This can be read column-wise from the table. 

For example, the first column shows that the ICP obtained from the first combination of input 

curves is fixed (ICP1), and profits are assessed with all other combinations of input curves 

(Op1,1 to Op1,n). The evaluation is repeated for each of the n ICPs to determine which yields 

the best performance throughout the variety of input scenarios. 

Table 2: Operational evaluation scheme for comparing capacity investment candidate portfolios 

 Investment candidate portfolio 

 ICP1 … … … ICP n 

O
pe

ra
tio

na
l e

va
lu

-
at

io
n 

Op1,1 … … … Opn,1 

… … … … … 

… … … … … 

Op1,n … … … Opn,n 

 

The profits obtained throughout all operational scenarios are then assessed via Conditional 

Value-at-Risk, or expected shortfall. CVaR is a measure that expresses the average expected 

losses of a portfolio in the worst q%. It is a variation of Value-at-Risk (VaR). VaR describes the 

losses or profit of a portfolio with a probability of q%, hence representing the qth quantile of 

the probability distribution function (PDF) that defines the losses. However, VaR does not 

provide any information on the kurtosis of the PDF. Kurtosis is a measure to describe the 

tailedness of a distribution function and how it deviates from a normal distribution function 

[31]. Not accounting for this information might lead to an incorrect estimation of worst-case 

losses.  

The CVaR method represents a means to overcome that shortcoming of the VaR method. 

CVaR is defined as the average value of portfolio loss when the portfolio loss exceeds a given 

VaR value of probability δ [19]. CVaR can hence be described as in Eq. 6, where f(x,y) de-

scribes the loss function, represented by the decision variables x and the random model pa-

rameters y [32]. The CVaR method aims to determine the optimal value of x to minimise the 

losses f(x,y), subject to the uncertainty in y. 
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𝐶𝐶𝐶𝐶𝐶𝐶𝐶𝐶δ = 𝐸𝐸𝑦𝑦�𝑓𝑓(𝑥𝑥,𝑦𝑦)|𝑓𝑓(𝑥𝑥, 𝑦𝑦) ≥ 𝐶𝐶𝐶𝐶𝐶𝐶δ� Eq. 6 

CVaR describes the area under the PDF of profits up to the VaR cut-off [33]. In this method-

ology, the CVaR method is applied to the profits obtained from the operational evaluation of 

each candidate portfolio. Hence, the magnitude of CVaR is impacted not only by the choice 

of VaR but also by the kurtosis of the profit PDF. The uncertainty y is caused by variations in 

HC, RES availability and market prices. 

2.4 Step 4: Investment decision 

The optimal investment decision is derived from the CVaR analysis. Commonly, CVaR is em-

ployed to assess the worst-case losses of a given portfolio under consideration [34]. How-

ever, in this case, CVaR is determined over the profits obtained by the different ICPs though-

out the various operating scenarios (Eq. 1). Hence, an ICP’s CVaR represents the worst-case 

profits in this paper. Negative profits indicate that the ICP generates losses in some of the 

operating scenarios under consideration. Accordingly, the investment decision carried out in 

this work seeks to maximise CVaR, i.e. worst-case profits. Worst-case profits represent the 

left-hand tail of the PDF of profits. Hence, maximising CVaR might lead to different invest-

ment decisions than maximising average profits, usually a more conservative one with less 

installed capacity. A CVaR > 0 of an investment decision ensures that profits are still ensured, 

even in the worst operating conditions. 

3 Case study inputs 

As mentioned in 2.2, the investment model is applied to n different scenarios. In this work, 

the scenarios represent different variations of the input parameters in the form of annual 

houtly curves. Hence, the timeframe of each scenario is one year and the timesteps h repre-

sent the hours of each year.  

3.1 Hosting capacity 

Hosting capacity is an input from [9]. HC is derived for three nodes of the CIGRE benchmark 

20 kV network with DER [35], [36], [37]. This work presents the exemplary RES capacity in-

vestment assessment for the results obtained for node 5. Nodes 3 and 14 are addressed in 

the form of a sensitivity analysis. In [9], nodal DHC is assessed over a total of m = d*p*w 

sample years and is comprised of three different load curves (d = 3), three annual curves of 

PV availability (p = 3), and six curves of wind availability (w = 6). The chronological DHC curves 

are an input for the investment model, as highlighted in 2. Consequently, m = 54 sample 
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years are assessed for DHC. For SHC, m is reduced to 1 and represents the static regulatory 

reference scenario. 

Table 3 summarises the average annual injectable energy at the three network nodes for 

each of the four HC concepts under evaluation. Average annual injectable energy represents 

the average of the 54 sample years of load and RES variability considered for DHC evaluation. 

The table further presents the percentual increase of injectable energy compared to the reg-

ulatory reference HC, SHC N-1. The results highlight the potential of less restrictive HC defi-

nitions to speed up the network integration of new generation assets.  

Table 3: Average annual injectable energy (GWh/yr) [9] 

 Node3 Node5 Node14 
SHC N-1 28.47 21.99 25.14 
SHC N 28.51 (+0.13%) 28.58 (+30%) 42.74 (+70%) 
DHC N-1 38.15 (+34%) 26.17 (+19%) 31.93 (+27%) 
DHC N 46.12 (+62%) 36.72 (+67%) 44.25 (+76%) 

3.2 Renewable generation  

The corresponding input is required to adequately represent the two RES generation tech-

nologies (i.e., PV, wind) and the storage the model considers. The batteries are modelled as 

4-hour batteries with an efficiency of 85% [38]. As pointed out in 2, various sample years are 

modelled to express the variability of PV and wind resource availability. The sample years are 

the same as those employed for HC determination in [9]. As described in 3.1, PV availability 

is represented with p = 3 sample years. Wind availability is represented with w = 6 sample 

years to capture the higher randomness of the resource. The RES availability curves repre-

sent Almería, Spain [39], [40]. The selected years and their variety of full-load hours are sum-

marised in Figure 2. 

 

Figure 2: Full-load hours of PV and wind availability sample years 
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3.3 Investment and operation costs 

The investment model requires input on CAPEX and OPEX of the generation technologies. 

The input for the annual scenario evaluation is summarised in Table 4. The costs represent 

2022 generation costs and are annualised with a weighted average cost of capital of 7.5% 

[41] and the lifetime shown in the table. PV and wind-related costs are based on [41], and 

battery-related costs on [38].  

Table 4: RES and storage investment cost model input 
 

Annualised investment 
(EUR/MW*yr) 

O&M 
(EUR/kW*yr) 

Lifetime 
(years) 

PV 66,375 7.99 25 
Wind 98,112 28.53 25 
4h-Battery 255,876 56.47 15 

3.4 Remuneration 

The CP input is based on recent auction results throughout Europe, due to the small amount 

of data available for Spain. Results are reported to be between 30 and 95 EUR/MWh for wind 

and PV [42]. The few available Spanish auction results represent the lowest observed results, 

so the remuneration is considered at 60 EUR/MWh for the base case. Furthermore, a sensi-

tivity of 40 EUR/MWh is included in the analysis, as Spanish auction results have been re-

ported to be below 37 EUR/MWh.  

The CC presented in Eq. 5 has been set to 5% for non-controllable and 25% for controllable 

generation units in previous auctions [43]. Accordingly, the coefficient is set to 5% in the base 

case, but a sensitivity analysis will analyse levels of 25%, 50%, 75% and 100%. A 100% cou-

pling coefficient represents a merchant installation fully exposed to market prices. Different 

sample years of market prices are included to assess the increasing exposure to market vol-

atility. The last five years (s = 5) of Spanish SPOT market prices are evaluated in this analysis 

[44]. Figure 3 presents the histograms which point out the variability among the market price 

input years. As stated in 2.2, the investment model is evaluated for all m = 54 HC years with 

the corresponding PV and wind availability and the five market price years. The analysis is 

combinatorial to express the uncertainty related to future resource availability and market 

prices, leading to a total of n = 54*5 = 270 ICPs. 
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Figure 3: Market price input histograms 

3.5 Operational evaluation 

The operational evaluation is carried out for the n = 270 scenarios of HC and RES availability 

and market prices introduced in 3.4. Accordingly, each ICP's performance is assessed by cal-

culating the energy injection and the corresponding profits throughout the 270 sample years 

(Table 2). Conditional Value-at-Risk is then determined for the worst 5% (δ = 5%) of profits 

obtained from the operational evaluation [20]. For computing CVaR, all 270 sample years are 

considered equally probable.  

3.6 Sensitivity assessment 

As highlighted throughout the previous sections, the methodology is first performed on a 

base case. After that, the robustness of the findings is enhanced via several sensitivities. An 

overview of the characteristics evaluated in the sensitivity analysis is provided in Table 5. As 

shown in the table, the sensitivities seek to assess the dependency of the results on the net-

work node (i.e. HC availability, section 3.1), the CP and the CC input for the remuneration 

(section 3.4). The sensitivity on the CP is performed on all three nodes assessed in the nodal 

sensitivity. The CC is evaluated only over the base case for brevity. 

Table 5: Overview of base case and sensitivity characteristics 

Sensitivity case Node Clearing price Coupling coefficient 

Base case 5 40 EUR/MWh 5% 

Nodal sensitivities 3, 14 40 EUR/MWh 5% 

Clearing price sensitivities 3, 5, 14 60 EUR/MWh 5% 

Coupling coefficient sensisitivi-

ties 
5 60 EUR/MWh 

25%, 50%, 75%, 

100% 
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4 Case study results 

In the course of this section, the case study results are presented. First, the base case will be 

analysed in detail. For clarity, the results are shown and analysed step by step. As described 

in 2.1, the HC is a result from a previous work and used as an input to the computation pro-

cess. Hence, in this section, the investment model outputs (Step 2) represent the first results. 

The resulting ICPs are assessed in 4.1, followed by the operational evaluation (Step 3) in 4.2 

and the investment decision (Step 4) in 4.3. Section 4.4 presents the results of the sensitivity 

analyses. 

4.1 Step 2: Investment candidate portfolios 

In Step 2 of the proposed methodology, the investment optimisation model is run inde-

pendently for the 270 sample years, providing 270 ICPs. The analysis is carried out individu-

ally for all HC concepts, resulting in 270 ICPs for each of the four HC concepts. Additionally, 

capacity investment is optimised once for non-hybrid installations and once for hybridisation 

between PV, wind and 4h-batteries. Figure 4 shows a boxplot of the investment model re-

sults for the base case at node 5 of the 20 kV CIGRE benchmark network. The boxes represent 

the total installed capacities of the ICPs obtained from the investment model for the 270 

sample years in MW. The scenario names are composed of the HC concept (i.e. SHC and DHC; 

N-1 and N) and an indicator of whether the results represent the non-hybrid (NH) or the 

hybrid (H) results of the investment model. Installed capacities range from 3.2 MW in the 

case of SHC N-1 NH to over 8 MW in the case of DHC N H. In the non-hybrid cases, more 

capacity is installed at SHC N than at DHC N-1. This aligns with the increase in injectable 

energy presented in Table 3. This trend is not visible in the hybrid cases, as different ratios 

of PV and wind capacity eliminate the effect. Both non-hybrid and hybrid point out the po-

tential of less conservative HC restrictions, as installed capacities show a notable increase. It 

is important to note that all hybrid capacity portfolios are composed of PV and wind capacity. 

In none of the cases does the model install batteries due to the magnitude of its CAPEX. 
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Figure 4: Investment model results 

4.2 Step 3: Operational evaluation 

The operational evaluation helps to assess the ICPs presented in the previous section. The 

boxes in Figure 4 contain 270 investment decisions for each HC and hybridisation case. The 

decisions depend on the sample years, which differ in RES availability, market prices and HC. 

As indicated in 2.2, each investment decision for a candidate portfolio is based on one of the 

sample years, and the operational evaluation determines the profits of the given portfolio 

throughout all other sample years (section 2.3). Those profits then allow the calculation of 

the ICP's Conditional Value-at-Risk.  

Figure 5 shows the results of the operational evaluation by summarising the CVaR and the 

average profits obtained by each of the 270 ICPs for each HC concept, once for the non-

hybrid and once for the hybrid capacity installations. The figure shows that the relation be-

tween CVaR and average profits is linear within each HC and hybridisation case due to the 

low coupling coefficient to market prices. That means that the maximum average profits and 

the maximum CVaR (i.e. worst-case profits) are obtained from the same ICP. 

Also, Figure 5 points out that the impact of moving from N-1 to N reliability criteria for HC 

calculation on CVaR and average profits is more pronounced than the impact of hybridisa-

tion. Combining hybridisation and DHC (i.e. DHC N H) allows for a significant increase in CVaR 

and average profits compared to SHC N-1 NH. 
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Figure 5: Operational evaluation  

4.3 Step 4: Investment decision 

The candidate portfolio's operational evaluation allows to draw conclusions on the optimal 

portfolio investment decision. The chosen generation capacity portfolios for each case rep-

resent the investment decisions leading to maximum values of CVaR and average profits (Fig-

ure 5). Figure 6 shows the results of the investment decisions for the base case at node 5. 

The figure shows the installed capacities (left axis) and the optimal portfolio's average annual 

energy injection obtained throughout all sample years (right axis). In all non-hybrid cases, the 

model installs wind capacity. The hybrid results show a capacity portfolio of wind and PV. As 

mentioned in 4.1, no battery capacity is installed.  

PV accounts for 36% of the non-hybrid portfolios in most cases. Only at DHC N-1 H, PV ac-

counts for 45% of the capacity. These shares indicate the complementarity of the RES re-

sources to make a more efficient use of a given network node's HC. This is underlined by the 

increase in energy injection. Average annual energy injection increases around 12% for the 

portfolios with 36% PV participation compared to the non-hybrid portfolio of the same HC 

concept (i.e. SHC N H vs SHC N NH). In the case of DHC N-1 H, where PV represents 45% of 

the portfolio, the average annual energy injection is increased by 18%. This increase in en-

ergy injection leads to a rise in average annual profits of 5%, 7% in the case of DHC N-1 H. In 

line with profits, CVaR increases by 8% to 13%. 

The relaxation of HC calculation criteria significantly impacts installed capacities and energy 

injection, increasing profits and CVaR, as seen in Figure 5. DHC N NH leads to a 65% increase 

in installed capacity and energy injection compared to SHC N-1 NH. CVaR and average annual 

profits are increased by 62% and 64%, respectively. Relaxing only the reliability constraint 
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but not the time granularity constraint (i.e. SHC N NH) increases all indicators under evalua-

tion by 35%. These increases from SHC N-1 align with the increases in injectable energy de-

rived from the node's HC (Table 3). 

When accounting for hybridisation, the previous findings are amplified. DHC N H leads to a 

127% increase in installed capacity compared to SHC N-1 NH. The average annual energy 

injection increases by 86%, and CVaR and average annual profits increased by 77% and 73%, 

respectively. Even without relaxing the time constraint, the increase is notable. SHC N H 

shows an 81% increase in installed capacity and 51% additional average annual energy injec-

tion compared to SHC N-1 NH. CVaR and average profits are increased by 45% and 41%, 

respectively.  

These findings highlight how the mechanisms of relaxing HC calculation restrictions and the 

hybridisation of generation portfolios allow for a more efficient use of hosting capacity. The 

combination of hybridisation and the relaxation of HC calculation criteria leads to the most 

significant increases in the use of the existing electricity distribution network capacity. All 

increases in the use of HC, i.e., installed capacities and energy injections, are accompanied 

by increases in average profits and CVaR (i.e. worst-case profits) of the portfolios.  

 

Figure 6: Investment decision - base case 

4.4 Sensitivity analysis 

Several sensitivities are performed to assess the dependence of the results on certain input 

assumptions. Figure 7 shows the sensitivity results for the portfolio optimisation at different 

network nodes and the variation of the auction clearing price. Three different nodes of the 
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20 kV CIGRE benchmark network are compared, each at a clearing price of 60 EUR/MWh 

(base case) and 40 EUR/MWh. 

The figure provides information on the final portfolios' average annual profits. In line with 

the scope of this work, the results are presented as increases with respect to the correspond-

ing result for the case of SHC N-1 NH. The numerical results in the column on the left of the 

incremental representation provide the total magnitudes obtained for the corresponding 

SHC N-1 NH case. This means that at node 5, at CP = 60 EUR/MWh, the optimal portfolio for 

SHC N-1 NH yields an annual average profit of 0.38 MEUR/yr. Each numerical result in the 

figure is based on the optimal generation capacity's performance over the n = 270 years 

considered for the operational evaluation. 

The figure also shows that, for all nodes, the increases are aligned for both CP sensitivities. 

The clearing price influences the magnitude of the installed capacity and its energy injection 

and profits, but not the relative relation between the different HC concepts. The nodal sen-

sitivities yield a more significant variation of the impact of relaxing HC calculation criteria and 

hybridisation. However, for each node, the increases in energy injection and profits align with 

the increases in injectable energy derived from the HC assessment (Table 3). The findings 

show that the benefits of relaxing HC calculation criteria previously assessed from a network 

perspective (i.e. injectable energy) can be translated to benefits for promoters seeking profit 

maximisation (i.e. energy injection and profits).  

 

Figure 7: Nodal and ICP sensitivity analysis – average profits 
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Figure 8 presents the operational evaluation of CVaR and average profits for the market cou-

pling coefficient sensitivity. Results are presented for the base case assumptions of node 5 

and a clearing price of 60 EUR/MWh, as indicated in Table 5. The sensitivity gradually in-

creases the market coupling coefficient (Eq. 5) from 5% to 100%, including interim values of 

25%, 50% and 75%. The operational evaluation of CVaR (i.e. worst-case profits) over average 

profits of the performance of the candidate portfolios for all sample years gradually deviates 

from the linearity observed at CC = 5%. High CCs have a higher impact on the linearity of 

profits and CVaR than the HC concept or hybridisation. Hence, a RES generation capacity 

investment's risk derived from the exposure to market prices is more significant than the risk 

due to uncertainty surrounding HC and RES availability. 

Higher exposure to market prices allows higher profits by overdimensioning the candidate 

portfolio for years where the average price captured is extraordinarily high. However, the 

exposure also increases the risk related to incorrect market forecasts. This can be seen es-

pecially in the case of CC = 100%. The results show up to 1.31 MEUR of average annual profits 

in the case of DHC N H. However, the majority of CVaR results are negative, indicating losses. 

As a consequence, the investment decision is less straightforward for CC > 25% due to the 

loss of linearity. The maximisation of average profits and the maximisation of CVaR no longer 

result in the same candidate portfolio being selected. 
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Figure 8: Market coupling coefficient sensitivity - operational evaluation 

Figure 9 provides an exemplary evaluation of the operational results of DHC N H. The figure 

shows the results of CVaR and average profits of all ICPs derived for DHC N H at 75% CC. The 

resulting data indicate the existence of a Pareto front that supports the identification of the 

optimal investment decision. The ICPs on the Pareto front are characterised by the fact that 

there is no other ICP which shows higher CVaR and average profits. Of the 270 ICPs subject 

to the operational evaluation, 54 ICPs form the Pareto front. CVaR of the ICPs on the Pareto 

front ranges from 0.064 MEUR/yr to 0.162 MEUR/yr (+157% from the minimum CVaR), and 

average profits range from 0.983 MEUR/yr to 1.132 MEUR/yr (+15% from the minimum av-

erage profits). Further, the ICPs on the Pareto front can be grouped into three groups similar 

in CVaR and average profits, as supported by the visualisation in Figure 9. 
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Figure 9: Pareto front on operational evaluation at high CC 

Figure 10 provides more insight into the ICPs on the Pareto front. The figure shows the com-

position of the capacity mixes according to the group identified previously. The total amount 

of DG installed supports the division into the three groups. Group 1 represents the group 

with the highest CVaR values (Figure 9) and the lowest total capacity installed (Figure 10). In 

this group, worst-case average profits are maximised via smaller investments (i.e. lower ca-

pacity investments). Group 2 is on the opposite side of the investment decision spectrum 

and shows the lowest CVaR values (Figure 9) and the highest total capacity installed (Figure 

10). Here, average profits are maximised by increasing the energy injection into the network 

(i.e. higher market revenue). Group 3 represents intermediate values for CVaR (Figure 9) and 

installed DG capacity (Figure 10). 

In cases such as the one at hand, the final investment decision depends on the risk-aversion 

or risk-prone attitude of the investor. A more risk-averse investor would opt for an ICP of 

group 1, as the ICPs have the highest CVaR and the lowest investment requirements, i.e. 

capital at risk. Installing more capacity means moving towards ICP group 2. This implies re-

ducing CVaR, i.e. worst-case profits. As highlighted above, the span of average profits ob-

tained by the ICPs on the Pareto front increases by 15% from the lowest to the highest value. 

However, CVaR increases by 157%. ICPs of group 1 yield similar average profits while requir-

ing less investment due to the lower installed capacities. Given all the above, the capacity 

mixes of the ICPs in group 1 seem the most reasonable investment choice. Wind is predom-

inant in these ICPs, ranging from 4.7 to 4.9 MW. These capacities are complemented by 1.1 

to 2.3 MW of PV. 

A more risk-prone investor might opt for an ICP in group 3. This group is characterised by 

intermediate values of CVaR and average profits. The average profits of group 3 almost reach 

the maximum average profits of the ICPs on the Pareto front while maintaining CVaR at a 
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higher level. In group 3, PV capacities range from 2.2 to 3.3 MW and wind capacities from 

5.6 to 6.1 MW. The ICP choice with a CVaR closest to group 1 results in 2.5 MW of PV and 

5.6 MW of wind. This ICP yields a CVaR of 0.136 MEUR/yr and average profits of 1.096 

MEUR/yr. 

 

Figure 10: Capacity composition on the Pareto front 

The analysis of the CC sensitivity highlights the contribution of the CVaR method for deter-

mining an optimal RES capacity investment decision while accounting for risk. Investment 

decisions based on average profits alone would have resulted in a higher total investment. 

Further, considering a too small amount of sample years might even lead to investment de-

cisions with losses (see the ICPs on the bottom right in Figure 9). 

5 Conclusions 

This paper contributes a RES generation capacity investor perspective on the ongoing discus-

sion of a more efficient use of existing electricity distribution network capacity for a success-

ful energy transition. A cascade methodology is employed to point out how a more flexible 

definition of hosting capacity and the hybridisation of PV and wind energy can help increase 

the use of existing network capacity. The methodology accounts for investment risk via the 

CVaR metric, which is applied to the operational profits of the ICPs, ensuring a maximisation 

of a portfolio’s worst-case profits. 

Four different HC concepts with different temporal granularity and reliability considerations 

are evaluated: SHC N-1, SHC N, DHC N-1 and DHC N. 54 years of load and RES variability are 

considered for determining DHC variations. Five years of different market price assumptions 

are included in the analysis, leading to a total of 54*5 = 270 sample years assessed during 

portfolio optimisation. 
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The case study performed on nodes of the CIGRE 20 kV benchmark system quantifies the 

benefits of relaxing HC calculation criteria. For the base case, DHC N leads to a 65% increase 

in installed capacity and, consequently, to a 65% increase in energy injection. This increase 

is accompanied by a 62% higher CVaR and 64% higher average profits. Combined with hy-

bridisation, the generation portfolio grows by 127%, leading to an 87% average annual en-

ergy injection increase. DHC N H allows an increase in CVaR and average profits by around 

75% compared to SHC N-1 NH. 

Sensitivity analyses assess the robustness of the findings to the network node under consid-

eration, the clearing price of the auction result modelled at the investment model stage, and 

the market coupling coefficient of the remuneration to market prices. The results of the first 

two sensitivities confirm the findings of the base case: despite different absolute magni-

tudes, both average annual energy injection and average annual profits increase in line with 

the increases of injectable energy of the corresponding node when relaxing the calculation 

criteria of HC. The last sensitivity highlights how increasing market price coupling coefficients 

complicate the investment decision as CVaR and average profits are no longer in a linear 

relationship. CCs ≥ 75% show high average profits at the cost of negative CVaRs, stressing 

the risk associated with incorrect future market price assumptions at high exposures. 

This work contributes a new perspective on relaxing the HC calculation criteria and shows 

that, despite increased uncertainty, DHC is of interest to RES investors. All proposed HC con-

cepts show an increase in installed capacity and profits from the regulatory HC criterion. The 

corresponding increase in injected energy underlines the relevance of the HC concepts in 

speeding up the energy transition by enhancing the use of existing electricity distribution 

grids without endangering a safe network operation. Further, the uncertainty surrounding 

the investment in RES generation capacity requires an approach that allows to account for 

investment risk. This work proposes a methodology adaptable to different investor risk-ad-

versity levels. 

Future work should address the uncertainty of HC for new generators under load growth 

related to different new load vectors. Further, carrying the concepts of relaxing nodal HC to 

the operation of a network with various customers connected under this new regulatory re-

gime requires further research. Additionally, combining DHC with other HC enhancement 

techniques could further speed up the distribution grid integration of DER. Applying the ex-

isting methodology to demand instead of generation represents another promising research 

line.  
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Abstract 

Decarbonizing the energy sector requires the rapid integration of significant renewable gen-

eration capacity into electricity grids. The enhancement of existing grid capacity, avoiding 

reinforcement, represents an interesting alternative to accelerate the grid integration of new 

capacity. Dynamic hosting capacity (DHC) allows distribution system operators to move away 

from conservative definitions of available grid capacity. Hybridization allows promoters to 

combine different renewable generation and storage technologies at the same connection 

point to maximize the injection of energy into the grid. This work proposes a model to analyze 

the two mechanisms to enhance existing hosting capacity and presents results for a case 

study at three different connection points and locations in Spain. A dynamic definition of grid 

hosting capacity is found to increase the renewable energy sources (RES) installed capacity 

as well as their injected energy by up to 9%. The hybridization of photovoltaic (PV) and wind 

capacity increases installed capacity by 9% to 54%, injecting up to 20% more energy into the 

network. Combining dynamic hosting capacity and hybridization increases total RES installed 

capacity by up to 62%, injecting up to 29% more energy into the grid. Assumed battery in-

vestment costs result in the economic infeasibility of storage installation. 

Keywords 

Electricity sector decarbonization, non-firm access, hosting capacity, dynamic line rating, hy-

bridization 
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Parameter Definition Unit 

HC Electricity grid hosting capacity MW 

Invt / Invb Annualized Investment cost MEUR/yr 

puth Availability of RES resource - 

Pmax Maximum installed capacity threshold MW 

Remh Remuneration for injected energy EUR/MWh 

Variables   

Binary_Inv_Dect Binary investment decision variable per technology [0, 1] 

E_availh Energy available MWh 

E_BSSinh Battery storage charge MWh 

E_BSSouth Battery storage discharge MWh 

E_curth Energy curtailed MWh 

E_injh Energy injected into the electricity grid MWh 

Pt Installed RES & storage capacity per technology MW 

Sets   

h Hour  

t Technology (PV, wind)  

b Batteries  
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1. Introduction 

The European energy policy seeks to increase the European climate ambition for 2030. In the 

course of this ambition, European countries detail their energy transition objectives within 

National Energy and Climate Plans (NECPs) [1]. One of the topics included in the NECPs is the 

transition towards a more sustainable, decarbonized energy sector. Electricity grids play a 

major role in accommodating high shares of intermittent renewable energy sources (RES) 

generation. The new installations challenge current electricity networks with a high number 

of connection requests [2]–[4], requiring grid reinforcement to accommodate the increased 

amount of RES capacity [5] or leading to the rejection of access requests to network nodes 

where reinforcement is not possible. 

Even though electricity grid reinforcement is not the critical investment necessary for elec-

tricity grid decarbonization [6], constructing electricity lines implies a prolonged connection 

time. Hence, alternative mechanisms for enhancing the electricity grid's capacity to integrate 

high RES shares are worth investigating. 

The capacity of the electricity network to integrate further generation or demand is denom-

inated as hosting capacity (HC). For the determination of available HC, the impact of con-

necting a new unit on performance indicators such as power quality is considered [7]. The 

introduction of RES generation will affect the performance index. Up to a certain limit, dete-

rioration of the index is tolerated as long as it does not endanger the safe operation of the 

grid. However, when the limit is exceeded, reinforcement is required to guarantee the sys-

tem's safety, especially with increasing shares of RES. The capacity of RES that can be con-

nected to the grid without exceeding the limit of the performance index is the network's HC 

[8].  

The common criteria employed by distribution system operators (DSOs) for calculating HC 

are conservative as they seek to guarantee the safe operation of the grid at all times [9]. 

Many European DSOs apply a single HC value obtained via conservative scenarios [10]. Using 

a single value of HC at all hours is considered static hosting capacity (SHC). There are several 

means to connect capacity above the SHC threshold, such as a dynamic definition of HC and 

the hybridization of generation installations by installing several technologies.  

This work presents a model that quantifies the impacts of DHC and hybridization on integrat-

ing RES capacity into electricity distribution networks. It provides a case study for three Span-

ish locations, accounting for different potentials of photovoltaic (PV) and wind generation. 
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The remaining part of the paper is structured as follows: section II summarizes the measures 

of HC enhancement analyzed in this work, section III presents the development of the model, 

and section IV describes the scenarios. The case study and its results are presented in sec-

tions V and VI, respectively. Section VII sums up the conclusions. 

2. Hosting capacity enhancement 

2.1 Reinforcement 

The first and most common approach for enhancing a network's HC is the reinforcement of 

the grid. Usually this means that connection-seekers meet costly reinforcement require-

ments for assets that might be used only during a reduced number of hours a year, if ever 

[9]. Also, high reinforcement requirements might lead to the economic infeasibility of small 

generation units when facing excessive connection costs (e.g. the upgrade of a transformer 

station) [9], [11], [12]. 

2.2 Dynamic hosting capacity 

An alternative approach is enhancing the use of existing HC. Dynamic hosting capacity (DHC) 

allows the DSO to consider the variations of hosting capacity in different operating scenarios 

and provides the connection-seeker with more but one static threshold of HC. Variations in 

HC might be driven by seasonal differences in electricity line capacity due to varying weather 

conditions [13], [14], for example. Operational conditions of the network, such as the mag-

nitude of demand, may also lead to congestions, reducing the available HC during some 

hours of the year. 

2.3 Hybridization 

Another mechanism to accelerate the integration of RES into electricity networks is the hy-

bridization of generation installations. This means that installations of different electricity 

generation technologies share one connection point and are considered the same installa-

tion from the network operating perspective. Spanish regulation recently introduced this op-

tion for generators as long as the installation is hybridized with a renewable technology and 

the owner of the installation is the same [15]. Hybridization allows promoters to enhance the 

use of the electricity grid access they have been assigned by complementing intermittent 
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RES output profiles with another technology, including storage. In locations with low simul-

taneity of PV and wind production, a hybrid installation of these two technologies might be 

promising. 

3. Model development 

This work proposes a model to evaluate the optimal RES and storage capacity to be installed 

for each technology in the technology catalogue for a grid connection point with a given HC 

under the condition that the promoter's benefits are maximized. The electricity grid connec-

tion is modelled via the grid's hourly capacity for energy injection, electric power flows are 

not included in the model. Different criteria for the definition of restrictions allow to analyze 

the impact of DHC and hybridization on installed capacities and prices captured by the instal-

lations. Traditional reinforcement (section II.A) is not analyzed in this study as the greater 

use of existing HC is evaluated. The RES generator's access to the electricity grid model is 

designed as a mixed integer programming optimization model in GAMS applying the gurobi 

solver. 

The following assumptions are implicit inputs to the model: 

1. No maximum RES and storage installable capacity is fixed: the optimization model 

can install as much capacity as economically feasible, provided the grid HC re-

strictions are not violated. This means promoters are considered free to overdimen-

sion their installation behind the connection point as long as they deem it economi-

cally feasible. 

2. No maximum curtailment level is fixed: the resulting curtailment can be as high as 

economically optimal while maximizing the promoter's benefit.  

3. Independent of the amount of capacity installed, the model employs the hypothesis 

of a price-taker approach. This means wholesale market prices are not influenced by 

the total capacity of RES and storage installed at this connection point. 

4. Electricity grid hosting capacity is provided for a high voltage (HV) distribution net-

work consisting of overhead lines. 

The model is designed to maximize promoter profits, considering the investment in gener-

ation and storage capacity. Incomes stem from the hourly selling of electricity injected into 

the grid at a defined hourly energy price. The objective function is defined in (1). 
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max ��(E_injh*Remh) – �(Pt*Invt) –  Pb*Invb
th

� (1) 

 

Subject to 

E_injh ≤ HCh (2) 

E_availh= ��Pt* put,h�
t

 (3) 

E_injh = E_availh – E_curth – E_BSSinh + E_BSSouth (4) 

The technology catalogue allows the model to invest in PV and wind generation capacity. 

Hourly energy injected into the grid is limited by the hourly available grid capacity as an upper 

bound (2). Hourly available energy depends on each technology's installed capacity and the 

resource's local availability at each hour of the year (3). Hence, this equation is applied to PV 

and wind capacity, not to batteries. Battery charge/discharge, State-of-Energy and efficiency 

are modelled according to [16]. The hourly energy balance determines the magnitude of cur-

tailment (4).  

4. Scenarios  

In this section, the scenarios for the evaluation of hosting capacity enhancement via DHC and 

hybridization are presented. Also, the additional model restrictions employed for the differ-

ent scenarios are described.  

Table 1 gives an overview of the scenarios. The single-technology model result for static host-

ing capacity (SHC N_Hyb) is considered as baseline scenario to evaluate the impact of DHC 

and hybridization.  

When modelling SHC, the hourly HC component in (2) restricting the maximum energy in-

jected is considered constant at the minimum value of available hosting capacity throughout 

all hours. At no moment of the year is the generator allowed to inject more energy but the 

minimum value of HC available. 

The hybridization (Hyb) of generation installations is evaluated as a second approach to en-

hance the grid's HC. The model can combine photovoltaic (PV), wind generation, and energy 

storage. 
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Table 1: Scenario overview 

Scenario name Hosting capacity 
Hybridization 

option 

SHC N_Hyb Static No 

DHC N_Hyb Dynamic No 

SHC Hyb Static Yes 

DHC Hyb Dynamic Yes 

For the non-hybrid scenarios (N_Hyb), additional restrictions prevent the model from in-

stalling more than one technology. Binary variables are employed for this restriction, as 

shown in (5). Pmax represents an auxiliary threshold of capacity applied as a parameter to 

restrict the model to install one technology only. With the auxiliary parameter, the optimiza-

tion can be computed as linear. The parameter is defined as a large number to ensure it does 

not limit the capacity installed by the model. (6) guarantees that the model cannot invest in 

more than one technology as the sum of binary investment decisions must not be greater 

than unity. (5) and (6) are activated only for non-hybrid scenarios. Additionally, investment 

in battery capacity is set to 0 in N_Hyb scenarios. 

Pt ≤ Binary_Inv_Dect * Pmax (5) 

� Binary_Inv_Dect ≤ 1
t

 (6) 

5. Case study 

The model is tested with a case study that evaluates the potential of the regulatory mecha-

nisms to enhance RES grid integration into Spanish electricity networks. The economic input 

parameters (A) and the definition of RES potential at different case study locations (C) are 

presented in this section. 

All optimizations are carried out as greenfield approaches with no pre-existing capacity of 

any technology. 

5.1 Economic input parameters 

A first economic input to the model is the investment costs of the three technologies consid-

ered in this case study, as shown in Table 2. The model considers costs on an annualized basis 
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to facilitate the comparison of technologies with different lifetimes. The discount rate is fixed 

at 7%, and the assumptions on technology lifetime are included in the table. 

Table 2: Technology investment costs and lifetime [17] 

 
Investment 

(€/kW) 
Lifetime (years) 

Annualized invest-

ment (€/kW-yr) 

PV 500 25 42.91 

Wind 950 30 76.56 

4h Batteries 961 10 136.82 

The available hourly remuneration for the injection of electricity into the grid is defined as 

price-taker under a merchant income scheme. These prices are set in this case study as the 

2019 Spanish electricity SPOT market prices [18] before the pandemic and the gas crisis. Fig. 

1 shows the load duration curve of 2019 Spanish SPOT prices. The price ranks from 74.74 to 

0.03 €/MWh with a standard deviation of 10.88 €/MWh. The weighted average price for the 

2019 electricity demand is 48.58 €/MWh. 

 

Fig. 1: Load duration curve of 2019 Spanish SPOT prices 

5.2 Grid hosting capacity  

The baseline electricity grid hosting capacity is set to 100 MW. This threshold is employed 

throughout all hours for the SHC scenarios. 

The dynamic definition of hosting capacity allows considering hourly variations of the elec-

tricity grid's availability to evacuate energy injected. According to ENTSO-E, Dynamic Line 

Rating (DLR) allows to increase line capacity of overhead lines to up to 200%. Throughout 
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Europe, up to 15% gain can be observed over 90% of the time [19]. This estimation is appli-

cable to the case study, as the 100 MW hosting capacity is part of the high voltage (HV) grid. 

The HV grid (below 220 kV) is considered part of the distribution grid in Spain and is com-

monly built as overhead lines [20]. 

As a conservative approximation to these numbers, hourly hosting capacities for this case 

study are considered to increase to 115 MW during colder winter months from November 

to April. HC is applied to 50% of the hours of the year instead of the 90% stated by ENTSO-E 

to account for high Spanish temperatures from spring to autumn.  

The seasonal HC variation is the only oscillation considered. HC is set to the same at all hours 

of the day. Consequently, the average hosting capacity is increased from 100 to 107.5 MW 

by increasing hourly HC from 100 MW to 115 MW from November to April. 

5.3 RES potential 

The model is evaluated with an exemplary case study with hourly RES availability per unit 

(pu) curves for three locations in Spain, selected according to their PV and wind potential 

recorded in 2019 [21], [22]: A Coruña, Almería and Linares. The capacity factors (CFs) and 

the resulting levelized cost of energy (LCOE) are shown in Table 3. A Coruña represents a site 

with high wind but low PV potential, Almería shows good CFs for both technologies, and 

Linares is a good PV site with a low wind CF compared to the other sites. 

Table 3: CF and LCOE at the three Spanish locations 

Location 

Capacity factor (CF) LCOE (€/MWh) 

PV Wind 
Ratio 

PV/Wind 
PV Wind 

A Coruña 0.17 0.45 0.38 28.81 19.42 

Almería 0.23 0.41 0.58 21.14 21.48 

Linares 0.21 0.23 0.91 23.32 38.00 

6. Results 

The results of the case study are presented in the following. First, the effect of DHC is evalu-

ated for non-hybrid installations (A). After that, the hybridization is assessed under the SHC 

scheme (B). In C, the combination of DHC and hybridization is analyzed. 
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The scenarios are evaluated based on the installed capacity of each technology, the amount 

of available energy injected, the curtailment levels, and the average energy price captured 

by the installation. This last value expresses the ratio of the total income obtained and energy 

injected into the grid. 

6.1 Static vs dynamic hosting capacity 

Fig. 2 compares the installed capacity for SHC and DHC without hybridization. In A Coruña 

and Almería, the model chooses to install wind capacity. Only in Linares, with high CF for PV 

and low wind potential, the model selects a PV installation. The installed technologies in A 

Coruña and Linares correspond to the technologies with lower LCOE, as identified in Table 3. 

In Almería, the LCOE of PV is slightly lower than that of wind. Still, the model prefers to install 

wind as the concentration of PV output in the central hours of the day would result in higher 

curtailment levels than the more random output of wind energy obtained at a similar LCOE. 

Another striking observation from the model is that even the static definition of HC, resulting 

in 100 MW hosting capacity at all times, results in capacity installations of at least 150 MW. 

The possibility to inject energy during more hours compensates for the curtailment 

whenever available energy surpasses the 100 MW of HC. Curtailment levels in the SHC 

No_Hyb scenarios range from 6% to 18%. Overdimensioning the generation installations 

maximizes the generators' income, even under the SHC scheme. 

Increasing the network hosting capacity by 15% during the winter months (November to 

April) leads to an increase in installed capacity in all locations. For the PV location of Linares, 

the observed increase is the lowest, with 6% more PV capacity in the DHC scenario. In the 

high-wind locations A Coruña and Almería, installed wind capacity increases by 9% and 8%, 

respectively. The higher wind CF of A Coruña leads to a higher installed capacity increase 

than Almería. The higher growth in the wind systems compared to the PV system of Linares 

indicates that the PV output profile concentrated to only some hours of the day leaves less 

room for making use of the increased hosting capacity. The energy injected into the grid is 

subject to growth coefficients similar to those of installed capacity, while curtailment levels 

(measured in %) are not affected by the change from SHC to DHC. 
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Fig. 2: Installed PV & wind capacities and curtailment levels when moving from SHC to DHC 

Fig. 5 provides an overview of the energy injected to the grid in each of the scenarios. 

Injected energy is considered with respect to the N_Hyb SHC scenario, hence values greater 

than 100% represent an increase of injected energy. 

The average price captured by each scenario is summarized in Fig. 5. The PV installation in 

Linares captures an average remuneration price of 49 €/MWh, compared to 46 €/MWh for 

the wind installations.  

6.2 Single-technology vs hybridization 

The results of allowing the model to invest in an optimal capacity mix of PV, wind and bat-

teries are presented in Fig. 3. The baseline scenario SHC N_Hyb is compared to the optimal 

capacity mix when the model is allowed to hybridize (Hyb) the installation, maintaining the 

static definition of HC. A first conclusion is that, at 2019 SPOT remuneration, battery invest-

ment costs impede storage from representing an attractive solution. No battery capacity is 

installed in any of the scenarios. 

All locations are suitable for the hybridization of PV and wind capacity. The capacity mix pro-

portion correlates with the generation technologies' capacity factors. The higher the CF of 

PV compared to the CF of wind, the higher the participation of PV in the final capacity mix. 

Consequently, A Coruña remains a wind-dominated location, and Linares remains PV-domi-

nated. In Almería, where the CF of PV reaches 58% of the magnitude of the CF of wind (Table 

3), the final capacity mix includes 46% of PV capacity. 
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In A Coruña, hybridization increases the optimal total installed capacity by 17%. In Almería, 

installed capacity is increased by 54% and in Linares by 9%. The more diverse the hybrid 

capacity mix, the higher the total capacity increase from non-hybrid to hybrid. In A Coruña, 

a total of 20% of PV is contained in the hybrid capacity mix. In Almería, this share increases 

to 46%. The hybrid installation in Linares includes 12% of wind capacity. 

The energy injected into the grid (Fig. 5) is increased only slightly in the case of A Coruña 

(4%). Almería and Linares see more significant increases of injected energy, 20% and 11%, 

respectively. The increase in Linares is especially striking due to the comparatively low 

growth in installed capacity. Adding wind capacity at the PV-dominant location allows using 

the grid capacity at off-peak hours of PV production, significantly increasing injected energy. 

The comparatively low CF of PV in A Coruña (Table 3) explains the contrary observation at 

this site. 

 

Fig. 3: Installed PV & wind capacities and curtailment levels when allowing hybridization (Hyb) under 

SHC 

The curtailment level is seeing a notable impact in Almería only. A 54% capacity increase 

leads to a 3% curtailment increase. The average HC of 107.5 MW throughout the year is met 

by a total of 230 MW of installed capacity. 

The average price captured in the wind-dominated locations increases from 46 to 47 €/MWh. 

The 49 €/MWh captured in Linares remain unchanged by the hybridization (Fig. 5). 
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6.3 Dynamic access for hybrid installations  

Fig. 4 summarizes the benefits of DHC as well as hybridizing RES installations. Moving from a 

non-hybrid regime with SHC to allowing hybridization and the usage of DHC increases in-

stalled capacity of at least 19%. In Almería, the installed capacity increase is as high as 65%. 

Even when combining DHC and hybridization, investment into battery capacity is still no op-

tion for the model. 

 

Fig. 4: Comparison of installed capacities and curtailment when moving from a non-hybrid SHC 

scheme to hybrid DHC 

Injected energy is increased notably at all locations. As already observed in the previous sec-

tion, the smallest increase in injected energy is obtained in A Coruña (12%) due to a rather 

low CF of PV. In Linares, the participation of 14% of wind capacity to the mix allows injecting 

21% more energy when moving from SHC N_Hyb to DHC Hyb (Fig. 5). In Almería, this increase 

reaches the maximum of 29% due to the high increase in installed capacity and the high 

capacity factors of both technologies. 

Curtailment levels in the DHC Hyb scenarios are the same as in the SHC Hyb scenarios pre-

sented in B. The average price captured does not change by combining DHC and hybridiza-

tion (Fig. 5). 
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mechanisms to enhance grid hosting capacity are the introduction of dynamic hosting capac-

ity and hybrid RES installations. A case study analyses the mechanisms at three Spanish gen-

eration sites with different RES potentials. 

Both mechanisms allow to increase the optimal capacity installed and the total RES energy 

injected to the grid while ensuring the economic viability of the installation from the promot-

er's perspective. The parameter most sensitive to considering DHC and hybridization is the 

magnitude of installed generation capacity. The increased installed capacity allows to inject 

more electricity into the grid while only moderately impacting curtailment levels and the 

average price captured. Overdimensioning the installation behind the connection point to 

the electricity grid yields higher benefits, even though up to 18% of the available energy is 

subject to curtailment. 

The introduction of DHC in single-technology (N_Hyb) systems increases installed capacity 

and energy injected into the grid by below 10%. Allowing for hybridization under a static 

definition of grid HC increases installed capacity by up to over 50%, injecting up to 20% more 

energy into the network. The combination of DHC and hybridization yields the highest in-

stalled capacities, increasing the capacity from the base case (SHC N_Hyb) by up to 65% and 

injecting up to 29% more energy. 

DHC and hybrid RES installations represent a suitable tool to accelerate the integration of 

RES generation capacity into existing electricity grids. Regulators and RES promoters can ben-

efit from these regulatory mechanisms. RES promoters by increasing their earnings as de-

fined in the model's objective function. Regulators by reducing the complexity of the grid 

access process via the avoidance of reinforcement works, facilitating compliance with na-

tional targets of rapid RES rollout. 

Future work should enhance the analysis of the profitability of the proposed regulatory 

mechanisms under different remuneration schemes, such as Power Purchase Agreements 

(PPAs) or Contracts for Differences (CfDs). A contrast with SPOT prices i) affected by the gas 

crisis and ii) shifting away from the price taker approach (i.e. including RES availability influ-

encing prices) represent further future work to be carried out. Also, a more precise definition 

of DHC accounting for weather effects or grid operating conditions seems promising for an 

in-depth analysis of the potential of DHC for enhancing electricity grid hosting capacity and 

avoiding reinforcement. 
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Fig. 5: Injected energy and average price captured per scenario 
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